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ABSTRACT

Reservoir compaction and stress changes could have considerable impacts on
reservoir management and production performance under certain circumstances. To
consider geomechanics effects and provide more realistic dynamic reservoir simulations,
we have developed an in-house mathematical simulator coupling fluid flow and
geomechanics behaviors on FORTRAN. The coupled simulator was validated by
comparing with the analytical solutions of the Terzaghi’s and Mandel consolidation
problems. In this study, the developed coupled simulator is applied into four various
reservoir applications, where unique physical mechanisms and additional geomechanics
effects are added into the simulator.

Firstly, various stress-dependent permeability correlations and matrix shrinkage
phenomenon are taken into account for the coupled model to investigate their impacts on
permeability change during reservoir depletion and production performance for organic-
rich shale reservoirs. Based on different rock properties and compaction behaviors,
various stress-permeability correlations are separately applied into different sub-pore
media (organic matter, inorganic matter, and natural fractures). Secondly, the coupled
model usually encounters a large matrix system and high computational expenses for
large-scale simulation problems, where the time stepping is a crucial factor for numerical
stability and computational efficiency. We introduce an adaptive time stepping method
with the modified local error technique to reduce iteration time and improve the

computational efficiency for the coupled flow and geomechanics model.



Thirdly, the permeability reduction derived from Pressure Transient Analysis
(PTA) appears more severe than the permeability decline measured from core samples for
Gulf of Mexico (GOM) Deepwater turbidite reservoirs. Based on the provided laboratory
measurements and recorded-field data, we present a comparison study between
laboratory-measured and field-derived permeability loss under compaction effects.
Irreversible compressibility and permeability hysteresis are proposed to explain the
difference with the support of numerous simulation results. Fourthly, correct measurement
of stress-dependent permeability is critical for production prediction and economic
evaluation of shale reservoirs. However, stress creep and effective stress coefficient still
present difficulties in correctly measuring and interpreting stress-dependent permeability
for cores-based measurements. An improved stress-dependent permeability model is
derived to consider the effect of time-dependent compaction behavior on permeability
measurements by incorporating the stress creep mechanism. Additionally, how to
correctly interpret stress-dependent permeability results with appropriate effective stress

coefficient is introduced in detail.
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CHAPTER |

INTRODUCTION

1.1 Background and Motivation
1.1.1 Organic-rich Shale Reservoirs

With the advanced technologies of multistage fracturing and horizontal drilling,
the well productivity has been significantly improved for extra-low permeability
formations, which results in huge amounts of hydrocarbons economically produced from
shale reservoirs. Shale gas reservoirs have become an increasingly important resource of
natural gas in United States. The increasing tread of exploration and production is
expected to continue for providing more gas supply and satisfying growing energy
demands. Many analysts predict that shale gas will be extensively explored around the
world and greatly expand worldwide energy supply. Shale gas reservoirs are typically
extraordinarily fine-grained sediments with low porosity and extra-low permeability
(Javadpour, 2009), which could be both reservoir rock and source rock. Organic matters
are commonly existed in shale reservoirs, and they are typically reported as Total Organic
Content (TOC) (Curtis et al. 2010; Ambrose et al. 2010; Loucks et al. 2012). Fig. 1 shows
the kerogen network based on the three-dimensional (3D) Scanning Electron Microscope
(SEM) images, where kerogen is a solid organic matter in sedimentary rocks. These
organic matter can play important roles in petrophysical properties, rock permeability,

rock compaction behaviors, and hydrocarbon reserve.



Jarvie (2004) evaluated the hydrocarbon generation and storage in the Barnett
shale by experiments. He found both the free gas and adsorbed gas are existed in the shale
matrix, and the amount is linearly increased with total organic carbon (TOC). By applying
scanning electron microscope (SEM) images, different pore-media have been extensively
observed in shale core samples: organic matter also known as kerogen, inorganic matter
(such as clay, quartz, and carbonate), natural fractures, and hydraulic fractures. Due to
different rock properties and flow mechanisms in each sub-pore medium, many authors
have proposed to divide the organic-rich shale reservoir into multi-porous media in order
to better capture different flow mechanisms and describe the gas flow processes in these
different pore media (Wang and Reed 2009; An et al. 2015; An et al. 2016; Yan et al.
2016; Alfi et al. 2017). Yan et al. (2013) established a two phase micro model to divide
shale matrix into various sub medium, where mixed wettability, high capillary pressure
and the randomly distributed kerogen are taken into account to interpret the dynamic of
gas and water flow at this micro scale level. In addition, as a result of tiny pore size and
extra-low permeability, some non-Darcian flow mechanisms, such as gas diffusion, gas
desorption, and slippage flow, are recommended to describe the transport of gas and liquid

in shale (Javadpour 2009; Shabro et al. 2011; Civan et al. 2011; Wang et al. 2017)



Figure 1: 3D SEM segmentation showing kerogen network, yellow color outlines
the kerogen network (reprinted from Ambrose et al. 2010).

1.1.2 Coupled Flow-Geomechanics Model

Rock compressibility is often applied to calculate the change of pore volume under
a defined loading condition for traditional reservoir simulations, where few major
assumptions are required: the total stress is constant, the local-bridging effect around a
grid block could be ignored, and the rock permeability and porosity is insensitive to the
change of stress state (Chin et al., 2002; Alpak, 2015). These assumptions above are
appropriate for reservoirs with competent rock, while they are not realistic for many
weaker formations and complicated formations, such as unconventional shale reservoirs

and Deepwater unconsolidated reservoirs. Furthermore, reservoir compaction and stress



changes can have considerable impacts on permeability change and production
performance under many reservoir circumstances.

Soeder (1988) found the permeability decreases with an increase in confining pore
pressure in the Marcellus shale. Gutierrez et al. (2000) performed an experimental study
about the stress dependent permeability of demineralized fractures in shale. They
presented the fracture permeability considerably decreases if the effective normal stress is
increased. Bustin et al. (2008) stated the permeability of shale could vary by few orders of
magnitude with different effective stresses. As shown on Fig. 2, their measured data
showed the exponential dependence of shale permeability on effective stress for Barnett,
Muskwa, and Ohio shale samples. Ali and Sheng (2015) concluded the effects of
geomechanics has a significant impact on Haynesville shale by integrating RTA analysis
and simulation study. By applying both steady state flow method and pulse-decay method
to measure permeability of Eagle Ford core, Katsuki et al. (2016) stated the shale reservoir
permeability exponentially decreases with the increase of net stress. Al Ismail and Zoback
(2016) conducted pulse-decay permeability experiments on Utica and Permian shale
samples. Their measurements show the permeability significantly decreases along with
the increase of effective stress in an exponential relationship. Therefore, the geomechanics
effects are necessary to be considered for many specific formations in order to provide
more realistic dynamic flow prediction, especially for reservoirs associated with stress-

dependent properties and formation subsidence.
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Figure 2: Pulse decay permeability under varying confining pressures for different
shale rock samples (reprinted from Bustin et al. 2008).

Reservoir models coupling flow and geomechanics have been widely developed
to study the rock movement and the geomechanics impacts on reservoir properties (Settari
and Walters 1999; Minkoff et al. 2003; Dean et al. 2006; Samier and Gennaro 2008;
Thornton and Crook 2014; An et al. 2017a & 2017b; Zhang et al. 2019). The coupled
flow-geomechanics models are generally classified into three types: fully coupled,
iteratively coupled, and loosely coupled. The fully coupled models solve the large
nonlinear equations system of flow and geomechanics simultaneously at each iteration
within every time step. The iteratively coupled models solve the two sets of equations
sequentially and independently, where the flow and mechanics are coupled through the

change of pore volume at the end of each time step. The loosely coupled models also solve



the two sets of equations independently, but the information between flow and mechanics
is only exchanged at designated time intervals, not for every time step.

The fully coupled models are usually considered to provide the true solution of a
coupled problem, while intensive computational cost and considerable work force are
needed. The loosely coupled models can significantly decrease the computational cost,
while it at best only provides an approximate solution and the numerical error cannot be
ignored for many complex reservoirs. However, the iteratively coupled analysis can not
only yield the true solution of coupled problems when the iterative process converges, but
it also has several great advantages compared to the fully coupled analysis, such as much
better computational efficiency, more easily to be implemented, and more flexible to be
directly applied on existed flow and geomechanics codes. Therefore, many researchers
and scholars have already chosen the iteratively coupled method for various coupled
problems in deformable porous media.

Settari and Mourits (1994) put forward a sequential-implicit coupled method,
where the flow equations are solved first, followed by the mechanics equations. By linking
two computer codes TOUGH2 and FLAC3D, Rutqvist et al. (2002) presented a modeling
approach for analysis of coupled multiphase fluid flow, heat transfer, and deformation in
fractured porous rock. Jeannin et al. (2006) studied two accelerated algorithms for the
iterative resolution of coupled reservoir-geomechanics problems. For the iteratively
coupled approach, either the flow equations or the mechanics equations are solved first.

Pan et al. (2013) integrated the two computer codes TOUGH2 and RDCA for coupled



hydromechanical analysis of multiphase fluid flow and discontinuous mechanical

behavior in heterogeneous rock.

1.1.3 Stress-dependent Permeability Measurements

Permeability measurement is one of the critical parts to characterize reservoir and
predict the production performance over the reservoir depletion life. Due to complex
lithology and extra-low permeability, how to measure permeability for tight shale rock is
different from the procedures of conventional rock samples. The most commonly utilized
methods for measuring permeability of tight rock are steady state flow method, pulse-
decay method, and crushed rock method (Tinni et al. 2012; Chhatre et al. 2014). Even
though the crushed rock method is the cheapest, quickest, and most commercially
available permeability measurements for tight rock, the measured results are largely
variable with even two orders of magnitude difference based on some experimental data
(Spears et al. 2011; Tinni et al. 2012). Another major issue of the crushed rock method is
the absence of impacts of overburden stress and in-situ pore structures. On the other hand,
many physical properties of porous rock vary as a function of stress. Based on the
experimental data mentioned on the above section, reservoir compaction and stress change
could have large effects on rock permeability, especially for low-permeability rock.
Therefore, the permeability should be measured under various stress conditions to obtain
the stress-dependent permeability trends in order to correctly predict the permeability

change and production performance during reservoir depletion.



However, the stress creep phenomenon and effective stress coefficient still present
challenge to the correct measurement of rock permeability, especially for organic-rich or
clay-rich shale reservoirs. The stress creep is discussed in this paragraph, and the path-
dependent stress will be discussed in next paragraph. Time dependent deformation of
porous rock is an important factor for estimating dynamic rock properties. This
phenomenon has been widely observed in laboratory creep measurements under constant
loaded stress condition. The creep process under constant loaded stress is typically divided
into three different stages: primary creep, secondary creep, and tertiary creep. Sone and
Zoback (2011) studied the time dependent deformational properties of shale gas reservoir
rocks by using a triaxial deformation apparatus in laboratory creep experiments. The
results presented obvious increase of creep strain over time after instantaneous stress load
as on Fig. 3, and they stated the amount of creep strain increases with clay content. By
studying the elastic moduli and ductile creep behavior of shale gas reservoir rocks from
Barnett, Haynesville, Eagle Ford, and Fort St. John shale plays in triaxial laboratory
experiments, Sone and Zoback (2013) summarized the creep deformation is generally
more obvious in core samples with higher clay and kerogen content.

Mighani et al. (2015) investigated the creep behavior of Wolfcamp shale reservoir
at a small scale by using Nanoindentation. The measured creep of shale is comparably
higher than other conventional rocks, such as Lyons sandstone and Indiana limestone.
Additionally, they stated the creep process depends strongly on the rock composition,
where TOC and clay content correlate positively with the creep. The change in volumetric

strain caused by creep could result in the variation of rock porosity and permeability over
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time. Sinha et al. (2013) and Chhatre et al. (2014) have observed the measured
permeability significantly reduces over time for tight rock samples when all other
variables keep constant. Fig. 4 shows measured oil permeability drastically decreases
along with time under constant confining stress. They stated it was the stress creep that
contributed to the decline of permeability over time, where the stress creep is defined as a
reduction of measured porosity and permeability over time under the effect of the applied
constant stress. Based on the experimental data above, permeability measurements could
be considerably overestimated if we don’t pay enough attention to the stress creep, which
will in return provide incorrect rock characterization and prediction of productivity of
targeted formations. Therefore, more studies are required to better understand the physics
of creep phenomenon on shale rock and the impact of stress creep on permeability
measurements.

The other important factor affecting permeability measurement is effective stress
coefficient, which is highly related to path-dependent stress by determining how to
calculate effective stress. As we explained in the above paragraph, rock properties
including permeability are a function of stress. To be more specific, rock permeability
depends on the net effective stress, which is defined as overburden pressure minus the
product of pore pressure and effective stress coefficient: oefective = Pconfining — & X
Ppore- During the process of hydrocarbon production from reservoir, pore pressure is
reduced to lead an increase of effective stress acted on rock surface. However, for
laboratory measurements, it is often the confining stress that be changed to alter effective

stress because of several reasons, such as apparatus requirement and the degree of
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convenience. These two processes above provide different paths but same result to change
effective stress. If the effective stress coefficient a is not equal to one, the certain decrease
of pore pressure and the same amount of increase of confining pressure will result in
different changes of effective stress. As a result, the stress-dependent permeability trend
obtained from laboratory cannot be directly used to predict the permeability change during
reservoir depletion.

Many results from experimental measurements have demonstrated the effective
stress coefficient is not equal to one for some rock types, especially for the rock containing
much soft materials, such as clay and kerogen. The soft materials with high
compressibility are regarded as the major reason to lead the effective stress coefficient not
equal to one. For these specific rock types, effective stress coefficient cannot be directly
calculated from the Biot equation: o = 1 — K,ck/Kmineral D€Cause this equation is not
applicable. Effective stress coefficient should be obtained from experimental
measurements, where permeability should be measured under a series of both pore
pressures and confining pressures. Different effective stress coefficients could bring
inconsistent results of stress-dependent permeability trends and considerably different
results in terms of prediction of production performance. Therefore, it is not a wise
approach to directly apply the stress-dependent permeability trend obtained from
laboratory (by changing confining stress) into reservoir-field prediction before we have

determined effective stress coefficient is equal to one by experimental measurements.
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Figure 3: Creep observed during loading and re-loading process (reprinted from
Sone and Zoback, 2011).
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stresses (reprinted from Chhatre et al. 2014).
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1.1.4 GOM Deepwater Reservoirs

Most reservoirs are initially in static stress equilibrium prior to the hydrocarbon
production. However, during the hydrocarbon production process from reservoirs, the
pore fluid pressure is decreased, and the effective stress acted on reservoir rock matrix is
increased, which in return leads to reservoir compaction. Reservoir compaction can be an
important drive mechanism to provide pressure support and improve production recovery.
On the other hand, the unintended consequences of compaction are to reduce formation
porosity and permeability, causing a decline of well productivity for both unconventional
tight reservoirs and Deepwater unconsolidated reservoirs (Davies and Davies 2001; An et
al. 2018 & 2019). Well stability and surface subsidence problems can be also brought by
reservoir compaction. Reservoir compaction depends on the increase of effective stress,
reservoir thickness, and reservoir rock compressibility (Nagel 2001). Reservoir thickness
and rock compressibility are intrinsic characteristics of rock, which cannot be easily and
largely changed. The increase of effective stress caused from the production of pore fluids
is the main reason for the reservoir compaction problems above. Therefore, either to
control the production rate or schedule the drawdown pressure is practice methods to
manage the reservoir compaction problems, such as water injection is performed to
maintain the reservoir pressure level.

Loss of formation integrity with the associated completion problems has been a
continuing difficulty for many Gulf of Mexico offshore operators of fields with large
formation compaction. Petro et al. (1997) evaluated the compaction effects in the Ewing

Bank Block 873 field by using pressure transient testing. Their results demonstrated
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reservoir compaction effects in Deepwater turbidite sands can significantly affect reservoir
permeability and field production profiles, where the well deliverabilities can be reduced
as much as 70%. Based on some core analysis related to the compaction effects for
Deepwater Gulf of Mexico trubidites, Ostermeier (1996 & 2001) concluded compaction
does significantly impact rock permeability. The observed relative reduction in
permeability is generally approximately four to five times larger than the relative reduction
in porosity. In addition, their measurements show pore volume compressibility can vary
considerably in magnitude for different Deepwater GOM reservoirs. Pourciau et al. (2005)
discussed the results and lessons learned through the first four years of the Chevron’s
Genesis project in the areas of well performance and reservoir management. They found
reservoir compaction has significantly impacted well productivity during the first four
years of production at Genesis, and several wells have lost more than 80% of the original
permeability. One significant lesson they learned related to reservoir compaction is that
the compaction impacts measured from core samples in laboratory severely
underestimated the actual compaction observed from the Genesis reservoirs. Guenther et
al. (2005) presented a case study in reservoir management of a compaction gas reservoir
in the Deepwater Gulf of Mexico. The reservoir consists of turbidite unconsolidated sands
separated by thin shales. Pressure transient analysis have been conducted and their
analyses have shown up to 80% reduction of the original flow capacity for several wells.
Additionally, the quantitative impact of compaction could not be predicted directly from

core samples in laboratory.
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Shumbera and Wang (2008) presented a comparison of laboratory-measured
permeability loss trends with the permeability loss evaluated from well production
performance for two Deepwater GOM oil field. They stated Gulf of Mexico Deepwater
turbidite reservoirs often experience substantial compaction permeability loss due to
increasing compaction impacts, which in return affect production rate, drainage areas, and
ultimate recovery. More importantly, their results showed the permeability decline
evaluated from field production data is much larger than the permeability loss from the
core-measurements in laboratory. Based on all available data, Fig. 5 shows the difference
of generalized permeability loss trends between laboratory-measured method and PTA-
derived approach, where PTA stands for Pressure Transient Analysis. Therefore, the trend
of permeability decline from laboratory measurements cannot be directly used to predict
the actual permeability drop in GOM Deepwater reservoirs. In other words, the reservoir
permeability and production performance will be overestimated if the core-measured
stress-dependent permeability is directly used for the reservoir modeling and management.

Even though different mechanisms, such as grain particle rotation and crushing,
different stress paths measuring core permeability, relative permeability changes, and
fines migration, have been proposed to explain why the permeability loss observed from
production performance is larger than the core-measured, all available information from
the Genesis field (Pourciau et al. 2005) indicated the permeability losses were actual losses
caused by reservoir compaction. Meanwhile, their studies indicated the relative
permeability change and asphaltene deposition were not the cause. Overall, reservoir

compaction can result in extremely high loss in reservoir permeability along with the
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reservoir depletion and then significantly affect production performance and field
development in the Gulf of Mexico Deepwater turbidite reservoirs. Therefore, the
improved understanding of the compaction mechanisms within these unconsolidated
formations and their dynamic effects on reservoir properties and production performance
is significantly required, especially for the typical high-cost and high-uncertainty
Deepwater reservoirs. Compaction analysis and prediction should be an integral part of

the Deepwater field development and reservoir management.
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Figure 5: Generalized permeability loss trends from lab-measured and PTA-
derived.
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1.2 Study Objectives

In this study, an in-house mathematical simulator coupling fluid flow and
geomechanics behaviors have been developed to investigate the effects of reservoir
compaction and stress change on stress-dependent rock properties and production
performance for shale reservoirs and Gulf of Mexico Deepwater reservoirs. Based on the
background and motivations we introduced above, the study’s objectives are briefly
described as follows:

(1) An in-house mathematical simulator coupling fluid flow process and
geomechanics effects is developed on FORTRAN. The code should be capable of
being added any other physical mechanisms and function modules.

(2) The stress-dependent permeability correlations and matrix shrinkage of organic
matter are added into the coupled model to investigate their effect on permeability
change during reservoir depletion and production performance for organic-rich
shale reservoirs.

(3) An adaptive time stepping method with the modified local error technique is
proposed to reduce the total iteration time and improve the computational
efficiency for the coupled flow-geomechanics model.

(4) A comparison study between laboratory-measured and field-derived permeability
decline under compaction effects is presented for Gulf of Mexico (GOM)
Deepwater unconsolidated reservoirs. Irreversible  compressibility and
permeability hysteresis are proposed to explain the permeability difference with

the support of simulation results.
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(5) Animproved stress-dependent permeability model is derived to consider the effect
of time-dependent compaction behaviors on permeability measurements by
incorporating the stress creep mechanism. Additionally, how to correctly interpret
stress-dependent permeability results with approximate effective stress coefficient

is introduced in detail.

1.3 Organization of the Dissertation

In the following chapters, we will demonstrate how we solve each unique reservoir
problem and achieve the objectives above in detail. The organization of the dissertation is
described as follows:

Chapter I: General introduction to the background, motivations, and objectives of
this study.

Chapter I1: Development and validation of the coupled flow and geomechanics
simulator, where how to derive and solve governing equations of the coupled model is
thoroughly presented.

Chapter I11: The coupled model is applied to investigate the effects of stress
change and matrix shrinkage on reservoir permeability and production performance,
where different stress-permeability correlations are separately applied to organic matter,
inorganic matter, and natural fractures.

Chapter IV: An adaptive time stepping method with the modified local error
approach is proposed to improve the computational efficiency for the coupled model. The

numerical results and sensitivity analysis are shown as well.
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Chapter V: A comparison between laboratory-measured and field-derived
permeability decline trends under compaction effects is presented for Gulf of Mexico
Deepwater reservoirs, where the laboratory-measured data, field-recorded data, and
simulation results are displayed.

Chapter VI: A creep stain model and an improved stress-dependent permeability
model are derived to describe the effects of time-dependent compaction behaviors on
permeability measurements by incorporating the stress creep mechanism. Additionally,
the influences of effective stress coefficient on interpreting stress-dependent permeability
results are also studied.

Chapter VI1: Conclusions of this study and recommendations for future work.
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CHAPTER II

COUPLED FLOW AND GEOMECHANICS MODEL*

2.1 Iteratively Coupled Method

Based on Terzaghi’s (1925) consolidation theory and the concept of effective
stress, Biot (1941, 1956) developed a general theory describing fluid-solid coupling
problems. Fung et al. (1994) displayed examples of multiphase flow by the iteratively
coupled approach. Armero and Simo (1992) presented an unconditionally stable scheme
based on an undrained split of the flow and mechanics problems. Chin et al. (2002)
proposed an iterative procedures for coupled analysis of geomechanics and multi-phase
flow in reservoir simulation for large-scale, full-field, and three-dimensional problems.
Tran et al. (2004) developed a novel porosity formula for the iterative coupling of stress
and flow to reduce the iteration number and improve the accuracy. As we mentioned in
the introduction section, the iteratively coupled method can provide accurate solution,
significantly better computational efficiency, and excellent flexibility for applications. In
addition, Kim et al. (2011a) investigated the stability analysis for poro-elasticity and poro-
elasto-plasticity with single-phase flow for four different sequential methods. They

strongly recommended the fixed-stress split approach in terms of stability, consistency,

* Part of data reported in this chapter is reprinted with permission from “Stress-dependent Permeability of
Organic-rich Shale Reservoirs: Impacts of Stress Changes and Matrix Shrinkage” by An, C., Killough, J.,
Mi, L., 2019. Journal of Petroleum Science and Engineering, Volume 172, Pages 1034-1047, Copyright
2019 by Elsevier. Part of data reported in this chapter is reprinted with permission from “A Modified Local
Error Method for Adapting Time Step-size in Coupled Flow-geomechanics Problems” by An, C., Wang, Y.,
Wang, Y., Killough, J., 2018. Journal of Petroleum Science and Engineering, Volume 162, Pages 763-773,
Copyright 2018 by Elsevier.
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accuracy, and efficiency. Latterly, Kim et al. (2011b) specifically analyzed the stability
and convergence for the fixed-strain split and fixed-stress split methods for coupled flow
and geomechanics, and they showed the fixed-stress split is unconditionally stable with
great accuracy. Therefore, the iteratively (sequential) coupled method will be applied for
the development of coupled flow and geomechanics model in this study, where the fixed-
stress split method is chosen to be used. This sequential coupled method is implemented
by using the Galerkin Finite Element Method for the mechanics balance equations and the
finite difference method for the mass balance equations, where fluid pressure (and

saturation) and solid displacement are chosen as primary variables.

2.2 Mathematical Equations
2.2.1 Governing Equations for Fluid Flow

The sequential iteratively coupled method is applied for the coupled flow and
geomechanics model, where the governing equations for fluid flow and geomechanics are
separately solved at each time step. The governing equations for fluid flow and
geomechanics are derived separately based on the mass balance and linear momentum
balance. Since the fixed-stress technique is used with the sequential coupled method, the
governing equations of fluid flow are solved first, and then the governing equations of
geomechanics are solved next. If we turn off the geomechanics modules, the coupled
model will become a pure reservoir flow simulation model. Therefore, we will separately
show how to derive the governing equations for fluid flow and geomechanics. This section

is for reservoir fluid flow, and next section is for geomechanics.
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The mass balance equations and energy balance equation are generally described
as on Eq. (1) for every grid block of simulation domain. The mass accumulation terms for
water, oil, gas, and heat are calculated based on Eq. (2) to (5). Currently, the partitioning
of the mass components among multi-phase is not considered. For example, the
component of gas only exist in the gas phase, not in aqueous and organic phase. The mass
flux terms for water, oil, gas, and heat are calculated based on Eq. (6) to (9). As shown on
Eq. (8), gas diffusion and desorption have been taken into account for mass accumulation
of gas. The effective Netwon-Raphson iteration method is used to solve the mass balance
equation, and the continuum equations are discretized in time and space by using the
integral finite difference method. Eq. (10) shows the residual terms that should reach to
zero when the simulation converges. Since a mass balance equation exists for each
component (water, oil, and gas), there is a residual equation as Eq. (10) to be solved for
each component. The number of unknown variables is equal to the number of residual
equation.

By expending the Taylor series with only first order term remained, Eq. (11)
displays how the primary variable is updated by Newton Raphson iteration method, where
both the residual and Jacobian terms are needed to be calculated in advance. We firstly
starts with an initial reasonable guess for x;,,, and x;,.1 can be computed from Equation
(11), where dR,,/dx; is the Jacobian matrix. In each grid block, pressure, saturation, and
temperature are the primary unknown variables to be solved, where the primary variables
depend on reservoir initial conditions. By applying Eq. (11), x;,., is iteratively

calculated, and the iteration is continued until the residuals R*** is smaller than a given
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convergence tolerance according to Eg. (12). If convergence cannot be achieved within a
certain number of iterations, the time step size At will be reduced and a new iteration

process is started.

M =V (F)+ZQ 1)
M,, = ¢S, Pw (2)
Mo = $Sop0 )
My = $SgPg + PsPgseq 5 +,f 1-¢) (4)
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F = —pg Erg (1 + %) (Vpg — Py ﬁ) + py Dyc, VB, (8)
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Rt = M = Myt = 2 (S A F ™ + Vo) = 0 (10)
Xip+1 = Xip — :;ZS;}I (11)
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Where the subscript [ stands for the index of component, such as water (w), oil (o), and
gas (g), M indicates mass accumulation of component [, F denotes the mass flux of
component [, Q represents the source and sink term of component [, t represents time, ¢

is media porosity, S denotes saturation of component [, p stands for component density of
22



component I, p, represents the skeleton density of the porous media, p,_,, stands for gas
density at standard pressure and temperature (273.15 K and 101.325 Pa), V, denotes
Langmuir volume, P, denotes Langmuir pressure, F, stands for gas pressure, M;, indicates
heat accumulation, pp denotes rock density, Cx represents heat capacity of the dry rock, T
stands for rock temperature, U indicates specific internal energy of component [, k
indicates the absolute permeability of porous media, k,; represents the relative
permeability of component [, y; stands for the viscosity of component [, P, indicates the
pressure of component [, g is the gravitational acceleration, b indicates the Klinkenberg
factor accounting for gas slippage effects, D, is gas diffusivity coefficient, c, stands for
gas compressibility, K indicates thermal conductivity of the rock, K,, represents thermal

conductivity of water, K, represents thermal conductivity of oil, K, represents thermal

conductivity of gas, h; stands for specific enthalpy of component [, R,lf“ denotes the
residual of component [ at time step t + 1 in the grid block n, where superscript t
represents time step and subscript n represents the grid block number, At stands for size
of time step, 1}, is volume of grid n, 4,,,, represents the common surface between grid n
and grid m, x; 4, stands for the primary variables, where subscript i denotes grid block
number and p represents the iteration index, &; stands for the relative convergence

criterion.
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2.2.2 Governing Equations for Geomechanics

For the geomechanics module, the quasi-static system is used, and the governing
equation for force equilibrium can be expressed in terms of total stress as Eq. (13). By
applying the small strain theory, the linearized strain tensor relationship is obtained as Eq.
(15). To couple the flow and mechanics equations, a relationship between stress and strain
need to be built (Biot 1941; Coussy 1995; Borja 2006). According to the formulas of
Coussy (1995), the poroelasticity equations could be descried as Eqg. (16) to (18). By
inserting Eq. (17) into Eq. (13) and rewriting Eqg. (16), the coupling equations for fluid
flow and geomechanics system can be expressed as Eg. (19) and (20), which are for single-
phase flow. With the presence of saturation and capillary pressure, the mass variation of
each phase dm/dp will be different for multi-phase flow. The volumetric strain ¢, is the
bridge to couple the two primary variables displacement and pressure by Eq. (16), (17),
and (21). More details about how to derive these equations can be found in the

dissertations of Wan (2002) and Kim (2010).

Vo+ppg =20 (13)
pp = ¢pr + (1= @)ps (14)
L L)
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dP dm

a2+ (e, + “I;—‘l’) wt =t (19)
Div(Cy-6¢ — adPI) + pp,g =0 (20)
Ep = Exx T Eyy T+ &z (21)
&€= gevl +e (22)

Where o is total stress, p;, denotes bulk density, p; represents fluid density, p, stands for
density of solid phase, € denotes the linearized strain tensor, u is the displacement vector,
where i and j stand for displacement direction, ¢ represents fluid compressibility, a is
the Biot coefficient, K, denotes the bulk modulus of the solid grain, &, represents the
volumetric strain, f is the fluid source and sink term, C,, stands for the rank-4 elasticity
tensor, and I represents the rank-2 identity tensor, K, stands for drained bulk modulus, &,

represents the volumetric strain, and e is the deviatoric part of the strain tensor.

2.2.3 Governing Equations for Coupled Model

As we explained in the section above, the fixed-stress split scheme is chosen to be
used for the coupled model in this study. Based on the fixed-stress approach, the rate of
the total mean stress is assumed constant as on Eg. (23), and the full matrix inversion is
not required for Eg. (19). Additionally, the constant rate of total mean stress can be used
to derive the new strain relationship as on Eq. (24). This sequential coupled method is
implemented by using the Galerkin Finite Element Method for the mechanics balance
equations and the finite difference method for the mass balance equations, where fluid

pressure (and saturation) and solid displacement are chosen as primary unknown variables.

25



For the finite difference method, the primary variables, such as fluid pressure, are assumed
to be located at the center of grid block. For the finite element method, the displacement
vector is computed in three directions at each node of grid block. Therefore, for a grid
block on two-dimensional mesh domain, there are one pressure (and saturation) variable
and eight displacement variables.

By multiplying the weighting function with Eq. (20), the weak form for Finite
Element Method is firstly obtained as Eq. on (25). Then the standard Galerkin procedures
are applied to discrete the weak form, which leads to a system of linear equilibrium
equations for each grid block as on Eq. (26). By assembling the stiffness matrix and
displacement vector of each grid block together, a global equation for displacement is
reached as on Eq. (27). After the discretization on time and space, the final coupled
equations for fluid flow and geomechanics are presented as Eq. (28) and (29), which is an
example for one-dimensional single-phase flow-geomechanics system. The gravity force
was ignored and the fluid properties were stress-dependent for the derivation of these
equations. Eq. (28) represents the mechanics balance, and Eq. (29) stands for the fluid

mass balance. Both equations include the primary variables, pressure and displacement.

8d, =0 (23)
Ae™ = Kid (AP™ — AP™1) 4 Aent (24)
Jow - (V(Cyqr-6e — a8PI) + ppg)dQ = 0 (25)
Kgrialgria = Fgria (26)
Kglobaluglobal = Fyiopal (27)
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Where g, represents the total mean stress, Ky, stands for the local stiffness matrix for
each grid block, u,;, denotes the local displacement vector for each grid block, Fy.i4
represents the local force vector for each grid block, K414, Stands for the global stiffness
matrix for entire mesh, w,;,,4, denotes the global displacement vector for entire mesh,
F4riq represents the global force vector for entire mesh, k, denotes drained bulk modulus,
the superscript n — 1,n,and n + 1 denote time step, the subscript i — 1,i,and i + 1
represent displacement node number, and the subscript e — 1 and e mean the grid block
number.

The schematic of fully coupled and iteratively coupled method for single-phase
fluid and mechanics is shown on Fig. 6, where P represents fluid pressure, u stands for
displacement of reservoir rock, the superscript n and n + 1 denotes time step. For the fully
coupled scheme, the large nonlinear equations system of flow and mechanics are solved
simultaneously, where pressure and displacement are solved together at each time step. In
other words, Eq. (28) and Eqg. (29) are solved together as one large matrix for each time
step. Based on the iteratively (sequential) coupled method with the fixed-stress split
approach, the flow mass balance Eq. (29) is firstly solved for the pressure variable. Based
on the just solved pressure, the momentum balance Eq. (28) is then solved for the

displacement variables. There are two separate calculations for each time step. The
27



obtained values of pressures and displacements at current time step will be delivered to
next time step, where the same calculations will be repeated. More details about a general
system of coupled equations using the fixed-stress split method can be found in Kim
(2010). In addition, since the change of pore volume, volumetric strain, and stress change
have been calculated in the coupled model, reservoir properties, such as porosity and
permeability, can be updated based on the observed laboratory or field data and reservoir

condition.

Flow Flow
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Mechanics Mechanics
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Flow ‘ Flow ‘
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Mechanics |/ Mechanics |

(@) | (u)
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Figure 6: Schematic of fully coupled and iteratively coupled method for fluid flow
and mechanics.
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2.3 Coupled Model Validation
2.3.1 The Terzaghi Problem

The Terzaghi’s consolidation problem is often used to verify the accuracy of the
coupled model. The typical problem was formulated by Terzaghi (1925) to analyze the
pressure and displacement distribution when compressing clay layers. The schematic of
one dimensional Terzaghi problem is shown on Fig. 7, where a constant stress is loaded
on the top surface of the sample. The top surface is regarded as drainage boundary with
displacement change, while there are no flow and displacement change on the bottom
surface of the sample. Additionally, no flow and no displacement occur on the both sides
of the sample. The analytical solution of this one-dimensional (1D) Terzaghi consolidation
problem can be found from many literature (Kim, 2000; Verruijt, 2013), while the
different initial condition should be specified when applying it. The equations of analytical

solution used in this study are displayed as on Eq. (30) and Eq. (31).

P 4goe (DK (2k-1)7 z (2k-1)m\2 cpt
P_i_;Z":l 2k—1 COS[ 2 Z] exp [_( 2 ) ﬁ] (30)

k
v = (s +b2/K)

(31)
Where, P denotes pressure, P; represents initial pressure, z stands for the sample hight
from the bottom, h is the total hight of the sample, c,, denotes the consolidation coefficient,
t represents time, k stands for permeability, u is fluid viscosity, ¢ denotes sample porosity,

cy represents fluid compressibility, b stands for Biot’s number, K is compression modulus

of sample.
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Figure 7: Schematic of Terzaghi's problem.

The fully coupled model and the sequential coupled model are separately built for
the Terzaghi’s problem, and their results are compared with the analytical solution. The
initial condition of this one-dimensional Terzaghi problem is shown on Table (1), where
all symbols uses the standard internationally units and the Biot coefficient is assumed to
one. By applying Eg. (30) and (31) with the initial conditions above, the analytical solution
can be obtained. The results about pressure distributions along with the sample height are
presented on Fig. 8, where X axis is normalized pressure and y axis is normalized sample
depth. In addition to analytical solution, two different numerical schemes are conducted:
fully coupled method and sequential coupled method.

It should be highlighted that the sequential coupled method is what we apply in
this study, which is also what we want to validate in here. The reasons we show the results
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from the fully coupled method are: a) the fully coupled model provides true solution which
is great for validation; b) it is much easier to build and solve the 1D fully coupled model
by numerical method and programming. Two different simulation times are selected to
express the results from the coupled models: t1 = 1.5 x 10° (s),t2 = 2.5 X 10° (s). The
numerical results of sequential coupled method is perfectly matched with the analytical
solution and the results of the fully coupled method on both selected times, which validates

the accuracy of this sequential coupled method.

Table 1: Input parameters for the Terzaghi consolidation problem.

Parameters Value Parameters Value
) . 1.5/2.5
Porosity 0.25 Time (S) % 105
Biot coefficient 1 Timestep () 5
Permeability (m?) | 4.935 x 10~ Grid size (m) 1
Viscosity (Pa - s) 1x 1073 Sample height (m) 50
Initial pressure (Pa) 0 Loaded stress (Pa) 2 x10°
Fluid compressibility ~10 Sample compression 8
(1/Pa) 410 modulus (Pa) Ix10
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Figure 8: Results of pressure distributions for Terzaghi’s problem.

2.3.2 The Mandel Problem

With the analytical solution provided by Mandel (1953), Mandel’s consolidation
problem has been extensively widely used to validate the coupled flow-geomechanics
model. Fig. 9 shows the schematic of original Mandel’s problem. An infinitely long
rectangular sample is subjected between two rigid, frictionless and impermeable plates.
The deformation of the sample is constrained to be plane strain condition, which means
no deformation in the direction perpendicular to the plane. At time t = 0%, a uniform
vertical stress is applied on the top and bottom of the sample. Skempton (1954) predicted
a uniform pore pressure increase can be detected among the entire sample at the instant of
loading stress. Since the two side boundaries are open to the ambient pressure, drainage
process will occur at that two side boundaries, and the pore pressure will be gradually

decreased to the ambient pressure. Due to the geometrical symmetry of the sample, only
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an upper-right quarter of the domain is chosen as the computation domain in this
poroelasticity model for simplicity. As Fig. 10 shows, no horizontal displacements occur
on the left boundary, and no vertical displacement occurs on the bottom boundary. With
the constant loaded stress on the top boundary, the pore fluid will only drain out from the
right-hand side boundary.

The original Mandel’s solution (1953) only provided the analytical formulation for
pore pressure, while both the fluid and solid particles are considered incompressible.
Cheng and Detournay (1988) and Abousleiman et al. (1996) expanded the analytical
solution to the more general cases with compressible pore fluid and compressible solid
constituents, as well as transversely isotropic materials. Based on these references, the
equations of analytical solutions for Mandel’s problem are showed from Eg. (32) to Eq.

(40).

Loaded stress

Figure 9: Schematic of original Mandel's problem.
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Figure 10: Schematic of simplified domain for Mandel's problem.
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1-v

tanf; = —pi (39)
(0+) = BEa+v) (40)
bi I

Where, p is pore pressure, F is loaded stress, B is Skempton’s pore pressure coefficient
which is the ratio of induced pore pressure to variation of confining pressure under
undrained conditions, v,, is undrained Poisson’s ratio, v is drained Poisson’s ratio, a IS
sample length, B; is the roots of equation (39), K is bulk modulus of the solid skeleton, K,
is the bulk modulus of the solid grains, K¢ is bulk modulus of the pore fluid, ¢ is media
porosity, t is time, G is shear modulus, E is Young’s modulus, kf is media permeability,
uy is pore fluid viscosity, u, is displacement in horizontal direction, w,, is displacement
in vertical direction, x is horizontal coordinate, v is vertical coordinate, p; (0%) is the initial
induced pore pressure at the instant of loading, which is used to calculate the normalized
pressure p/p;(07).

Table 2 displays the main input parameters of Mandel’s problem for the coupled
flow-geomechanics model, where all symbols use the standard internationally units. With
the initial conditions above, the analytical solution can be obtained by applying Eqg. (32)
to (40). Fig. 11 presents the pore pressure results about the comparisons between
numerical simulation and analytical solution. The x axis is normalized length, which is the
ratio of horizontal coordinate to the total sample length of Fig. 10. The y axis is normalized
pressure, which is the ratio of pore pressure to the initial induced pressure p;(0*). On Fig.
11, the legend ‘analytical’ stands for analytical solution, and the legend ‘simulation’

represents the numerical simulation results from the coupled model. Two different
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simulation times are selected for the Mandel problem: 1 x 10* (s) and 2 x 10* (s). The
simulation results show a great agreement with analytical solution on both model times,
which again verifies the accuracy of the coupled flow-geomechanics model.

On the other hand, the Mandel-Cryer effect has been demonstrated and validated
for the sequential coupled model on Fig. 12. The central point on Fig. 9 was chosen to
monitor the pressure change along with time. The Mandel-Cryer effect, where the pore
pressure increases beyond the initial value (predicted by the Skempton effect) and then
decreases after a sudden stress load on the domain boundary, has been well documented
on both numerically and experimentally (Cryer 1963; Gibson et al. 1963). Since the
diffusion solution is characterized by a monotonic decline of pore pressure, the Mandel-
Cryer effect is a unique phenomenon to demonstrate and validate the poroelastic theory
for the coupled model. On Fig. 12, the results from coupled simulation are matched well
with the analytical solution, which validates the accuracy of the sequential coupled method
we used. Overall, the accuracy of the sequential coupled model has been validated by
comparing with the analytical solution of the Terzaghi problem and Mandel problem. In
other words, the flow process through porous media under compaction stress has been
proved, which provides us more confidence to apply the developed sequential coupled

model as a solid modeling tool for various reservoir applications in the next chapters.
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Table 2: Input parameters for Mandel’s problem.

Parameters Value Parameters Value
Porosity 0.25 SIS S 50
(m)
Permeazblllty 4.935 x 10-14 Sample hight 0.01
(m*) (m)
Viscosity 1x1073 Poisson’s ratio 0
(Pa - s)
Fluid compressibility _10 Young’s modulus 5
(1/Pa) 4x10 (Pa) 2x10
Initial pressure Loaded stress 6
(Pa) 0 (Pa) 1x10
0.9 ® Analytical 1E4
08 &bey, ® Analytical 2E4
0.7 e Simulation 1E4
0.6 *e ——Simulation 2E4

0.5
0.4
0.3
0.2
0.1

Normalized pressure

0.2

0.4 0.6 0.8 1

Normalized length

Figure 11: Comparisons between numerical results and analytical solution:
normalized pressure versus normalized length.
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Figure 12: Mandel-Cryer effect in the coupled model.
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CHAPTER IlI

STRESS-DEPENDENT PERMEABILITY CORRELATIONS*

3.1 Introduction

Effective stress is gradually increased and permeability is gradually reduced during
reservoir depletion caused by hydrocarbon production, while the organic-rich matrix
might experience a shrinkage process that will boost the permeability. The main objective
of this chapter is to apply the developed coupled model for investigating the effects of
different stress-dependent permeability correlations and matrix shrinkage on permeability
change and production performance for organic-rich shale gas reservoirs.

Coalbed methane is stored as adsorbed gas on the internal surface area of the
microporous coal. During the reservoir depletion and the decrease of reservoir pressure,
two physics processes will occur and affect the reservoir permeability for coal beds: a) the
increase of effective stress under uniaxial stain condition; b) the coal matrix shrinkage
caused by gas desorption. However, this two phenomenon bring inverse impacts to
reservoir permeability. The increase of effective stress will decrease the rock permeability,
but the shrinkage of coal matrix could increase the apertures of surrounding fracture
network and enhance the permeability. Fig. 13 presents a conceptual schematic of matrix

shrinkage, where the left part is for before shrinkage, and the right part is for after

* Part of data reported in this chapter is reprinted with permission from “Stress-dependent Permeability of
Organic-rich Shale Reservoirs: Impacts of Stress Changes and Matrix Shrinkage” by An, C., Killough, J.,
Mi, L., 2019. Journal of Petroleum Science and Engineering, Volume 172, Pages 1034-1047, Copyright
2019 by Elsevier.
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shrinkage. After the matrix shrinkage, the volume of matrix (blue grid) decreases, and the
volume (width) of surrounding fractures increases. A number of researchers have already
studied the effect of coal matrix shrinkage on cleat permeability, where different
correlations between stress change and permeability change are proposed to describe this
phenomenon (Gray 1987; Durucan and Edwards 1986; Seidle and Huitt 1995; Palmer and

Mansoori 1996; Shi and Durucan 2004; Connell 2009; Liu and Harpalani 2013).

- - Matrix Shrinkage i H
ey o
. - .

Figure 13: A conceptual schematic of matrix shrinkage.

Since gas desorption from organic matter is similar with the process of coalbed
matrix shrinkage and the organic matter is also soft material like coal matrix, we will apply
both the shrinkage process and correlations of coal shrinkage for the organic matter of
shale gas reservoirs. In other words, when certain amount of gas desorb from organic
matter, we assume the matrix volume of organic matter will shrink, which in return leads

to a volume (width) increase of surrounding natural fractures. Due to the shrinkage only
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affects the permeability of the natural fractures around the organic matters (not for all
natural fractures network), the permeability change caused by matrix shrinkage will be
only added to the organic matter grid blocks (not to the natural fracture blocks) in our
reservoir model. This approach is different with the original coal matrix shrinkage. For
coal bed reservoir, the entire matrix will shrink at the same time because of its typical dual
porosity structure. However, the shrinkage process is only considered for the organic
matter in the organic-rich shale gas reservoir in our reservoir model.

In the study of this chapter, the reservoir matrix is divided into three different sub-
pore media: non-organic matter, organic matter, and natural fractures. Based on the
different media properties and flow mechanisms, various stress-permeability correlations
are separately applied to these three different porous medium. Furthermore, matrix
shrinkage is considered only for organic matter because of gas desorption. The structure
for the rest of this chapter is organized as follows. Firstly, the stress-dependent
permeability correlation for each sub-porous medium is introduced and explained in
details. Secondly, with considering different stress-dependent permeability correlations
and matrix shrinkage, a micro two-dimensional reservoir model is built to display the gas
flow process and cumulative production. Thirdly, the sensitivity analyses are investigated
for Total Organic Carbon (TOC), matrix permeability, Young’s modulus, Poisson’s ratio,
and bottom hole pressure. Finally, some conclusions and discussions are provided to

summarize this study.
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3.2 Stress-dependent Permeability Correlations

Non-organic matter, organic matter, and natural fractures are three major
components in shale reservoir. In order to better describe the permeability change along
with the pressure change, the shale matrix is divided into the three different pores media.
In addition, based on different media properties and behaviors under compression,
dissimilar permeability correlations are separately applied to the three pores media. To be
noted, matrix shrinkage is only applied to organic matter. The correlation mechanism and

equations for each pore medium will be explained in details as follows.

3.2.1 Non-organic Matter

Non-organic matter is the major component in the shale gas reservoirs, and they
typically exhibit low porosity and extra-low permeability. Additionally, for non-organic
matter, the dependence of hydraulic properties (mainly porosity and permeability) on
stress change is not as strong as the fractures (natural fractures and hydraulic fractures)
and organic matter. Davies and Davies (1999) identified cemented sandstone reservoirs
into three different rock types and they proposed different stress dependent permeability
equations for each type. Based on their laboratory data and curve match, the rock with tiny
pore diameter belongs to rock type three, where porosity is related to the mean effective
stress and permeability is correlated to the porosity change, as on following Eq. (41) and
(42). In the study of this chapter, these two equations are applied to describe the stress
dependent permeability relationship for the non-organic matter. The parameters values of

a, ¢, and ¢, are adapted from Rutqvist et al. (2002), which are shown on Table (3). Some
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main parameters of the stress-dependent permeability correlations are shown for the sub-
pore media (hon-organic matter, organic matter, and natural fractures) on Table (3).

It should be noted that the porosity change is supposed to be calculated based on
the change of displacement and volumetric strain on each grid block for the coupled flow-
geomechanics model. However, since we need to use the empirical Eq. (42) to calculate
the change of permeability for non-organic matter, we decided to apply the Eq. (41) for
the porosity change, instead of the mathematical equation from the coupled method. By
applying this approach, no issues have been observed for the coupled model in terms of
stability and convergence. Fig. 14 shows one example of the permeability reduction along
with the decreased pressure for non-organic matter, where x axis is reservoir pressure, and
y axis is normalized permeability. When the pressure is reduced from 3000 psi to 500 psi,

the permeability is reduced into about 40% of the initial value.

¢ = ¢r + (1 — pr)el@om) (41)
—c(1-2

k = ke 100 (42)

Where ¢ is the media porosity, ¢, is the residual porosity at high stress, ¢; is the initial

porosity, a and c are the media properties determined by laboratory measurements, a;, is

the mean effective stress, k is the media permeability, k; is the initial permeability.
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Table 3: Main parameters of stress-dependent permeability correlations for sub-

pore media.
Sub-pore media Parameter Value
a (1/pa) 5x 1078
b, 0.01
¢r (1/pa) 2.9 x107°
Organic Matter g 5.06 x 1072
pe (pa) 7.0 x 106
Natural Fractures b (1/pa) 1.5x 1077

Non-organic Matter Permeabilty Correlation

0.8

0.6

NORMALIZED K

0.2

3000 2500 2000 1500 1000 500 0
PRESSURE (PSI)

Figure 14: The correlation of normalized permeability versus pressure for non-
organic matter.
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3.2.2 Organic Matter

Organic matter is quite common in shale gas reservoirs, and the content of organic
matter is often expressed as Total Organic Carbon (TOC). Organic matter is different with
non-organic matter in shale reservoir, because it could be both source rock and porous
media for hydrocarbon. In other words, methane is stored not only as free gas but also as
adsorbed gas in organic matter. When the pressure drop below a certain value, gas will
start to be desorbed from kerogen surface and become free gas. Consequently, organic
matter plays important roles in terms of petrophysical properties, hydrocarbon reserve,
and gas flow mechanisms. Typically, a higher TOC brings a larger gas adsorption or
desorption capacity. The process of shale gas desorption is quite similar with the
desorption of methane in coalbed. Organic matter is also soft material as coal. Therefore,
researchers have proposed to apply the shrinkage permeability model of coal beds for
describing the permeability change of organic matter.

When methane is desorbed and produced from the coal, the coal pressure is
reduced. The reduced pressure will result in two aspects of influence on permeability. On
one hand, the reduced pore pressure brings an increase of net effective stress, which will
compress rock to decreases its permeability. On the other hand, the decreased coal
pressure could lead the volume of coal matrix to reduce in size because of gas desorption,
which is called matrix shrinkage. As we described on Fig. 13 above, the volume shrinkage
mainly occurs at coal matrix, and it does not happen to fracture network. As a result, the
fracture’s width is enlarged, and its permeability is increased. Seidle and Huitt (1995)

conducted experimental measurements to investigate the coal matrix shrinkage and
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permeability increase caused by gas desorption. They derived the equations relating the
matrix shrinkage, porosity, and permeability by using a matchstick geometry model. Later
on, Palmer and Mansoori (1998), Gilman and Beckie (2000), and Shi and Durucan (2002)
have also developed various relationships to describe the matrix shrinkage and the change
of porosity and permeability along with pressure. Table (4) displays main equations and
some important notes for the relationships above. More details about these equations and

their applications can be found in their papers.

Table 4: Four main coal permeability relationships related to matrix shrinkage.

Authors Equations Notes
Matrix
¢ 2 _ Di p shrinkage
Seidle —=1+ (1 + __) Cn107°V, ( : - ) proportional to
. of i pLtpi PLtDP
and Huitt 3 the amount of
(1995) k _ (f) desorbed gas;
ki \¢; A matchstick
geometry
[0) o
—=1+-—=(p-py)
Palmer of of A ot
and N ﬂ(i B 1)( Bp B ) pproprllate For
Mansoori ¢; \M 1+Bp 1+ Bp; uniaxial strain
condition
(1998) k ( b )3
kl B ¢i _
Gilman Dual [)toro§|ty
and r =k 3v Ap 3aE AS : _Sy;em ,
Beckie e (1 - vE_) exp (_ 1- vE_> F 1S TOUNS S
F F modulus of
(2000) ¢
racture
— . p—3CcfA0
- k= ke Stronger matrix
Shi and Ao = d shrinkage and
Durucan L ermea?bilit
(2002) E p p; P y
+ & ( — rebound
31—v) \p+p:. pi+p:
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In the study of this chapter, the mathematical model of Shi and Durucan (2002) is
chosen to calculate the variation of permeability for organic matter. The main equations
are shown on Eq. (43) to Eq. (45). There are mainly three reasons why the mathematical
model of Shi and Durucan was chosen. Firstly, the model has been validated by comparing
the results with the published pore pressure dependent permeability changes from the
coalbeds methane wells in the San Juan basin. Many other’s models have not been history-
matched with field production data. Secondly, an obvious permeability rebound with
pressure drawdown has been observed in the San Juan basin, which was well predicted by
the model and was exactly what we expect for organic matter. Thirdly, the volumetric
matrix shrinkage in this model is proportional to the volume of desorbed gas, rather than
to the reduction of equivalent sorption pressure, which we believe could better represent
the process of gas desorption and matrix shrinkage. On the right hand side of Eq. (44), the
first term stands for normal change of effective stress, and the second term represents the
change of effective stress due to gas desorption. In other words, only when the pressure is
below the critical desorption pressure, the second term will come into effect.

By using the Langmuir equation, the volumetric matrix shrinkage strain & is
related to pressure as shown on Eqg. (45). On Eq. (43) to (45), the values of coefficient

Cr, &, De are selected based on Shi and Durucan (2002), which are shown on Table (3). ¢

is regarded as the maximum volumetric strain when the coal is fully saturated with gas,
and p, is the pressure when the matrix strain is equal to half of ;. Fig. 15 presents one
example of organic matter permeability correlation curves for two different values of ¢;,
where the other parameters are kept constant. On the vertical axis of Fig. 15, the
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normalized permeability is the ratio of permeability over initial permeability. When the
pressure decreases from 3000 to 1000 psi, the permeability significantly reduces for both
curves. However, for the curve with large value of g (5.06 x 1072), the permeability
starts to rebound at the low-pressure range, where the matrix shrinkage dominates the
change of permeability. For the curve with small value of &;, the permeability rebound is
not obvious. Therefore, the input value of & plays a significant important role on the
impact of matrix shrinkage on permeability change and that if the impact is large enough
to be observed. The input value of & should be obtained based on experimental

measurement data.

k = kie—3CfAO' (43)
_ _ v . E P Di

Ao =-—(-p)+ 3(1-v) o (p+pg m+pg) (“44)
_an

& = bipe (45)

Where, k is media permeability, k; is initial media permeability, ¢, is media
compressibility which is usually obtained by fitting the correlation curve with laboratory
test data, Ao is the change of effective stress, v is Poisson’s ratio, p is media pressure, p;
is the initial media pressure, E is Young’s modulus, & and p, are referred as the
Langmuir-type organic matter shrinkage constants, & is the macroscopic volumetric

matrix shrinkage strain.
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Figure 15: The correlations of normalized permeability versus pressure for organic
matter.

3.2.3 Natural Fractures

Gale et al. (2014) have investigated many shale core samples and images logs, and
they found natural fractures are widely existed in shale reservoirs. By interacting with
hydraulic fracture treatments and creating a complex fracture network, natural fractures
are regarded as one important factor to enhance the overall permeability and production
performance (Mi et al. 2016; An et al. 2017c). When reservoir is continuously being
depleted, the reservoir pressure including natural fractures pressure is reduced. With the
constant overburden stress, the net effective stress is increased. The larger net effective
stress will compress the fracture to reduce its aperture and conductivity.

Many different pressure-dependent correlations for natural fractures could be
found from the literature, while we choose to use the correlation model proposed by

Raghavan and Chin (2004) for the natural fractures in the study of this chapter, where the
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main equation is shown as on Eq. (46). There are two main reasons why we chose the
correlation model from Raghavan and Chin. Firstly, Gutierrez et al. (2000) presented the
laboratory results about the hydro-mechanical behavior of an extensional fracture in shale.
Their measured data was fitted with an equation form, which is exactly the same with the
correlation model proposed by Raghavan and Chin. Secondly, Cho et al. (2013) have
conducted experimental studies and validated the relationship of Eq. (46) with their
experimental data for unconventional reservoirs.

ke = kg X e~bom (46)
Where k¢ is the natural fracture permeability, k;; is the permeability at zero effective stress
(o, = 0), b is the rock characteristic parameter, g,, is the effective mean stress and a
positive value represents rock compaction.

The coefficient b could be evaluated by fitting the correlation curve with the
experimental data. Adapted from Gutierrez et al. (2000), the default value of b we will use
in this chapter is 1.5 x 107 as shown on Table (3). Fig. 16 presents the natural fracture
permeability correlation curves for two different values of coefficient b, where x axis is
pressure and y axis is normalized permeability. For the curve with the default value of b =
1.5 x 1077, the permeability is reduced into about 12% of initial permeability when the
pressure is reduced from 3000 to 1000 psi. Comparing this two curves, the permeability
reduction is much severer with a large value of b. Therefore, the coefficient b is extremely
critical to determine how much the permeability will change along with the change of
pressure. To choose an approximate value of b highly governs the impacts of pressure-

dependent natural fracture permeability on shale gas production performance.
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Natural Fracture Permeabilty Correlation
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Figure 16: The correlation of normalized permeability versus pressure for natural
fractures.

3.3 Numerical Simulation Results

Hydraulic fracturing treatments are always required to increase overall
productivity and economically produce shale gas from extra-low permeability shale
reservoirs. Due to various rock properties and the interaction between hydraulic fractures
and natural fractures, a complex fracture network is usually created, which can be typically
observed from microseismic mapping data. On left image of Fig. 17, an example of multi-
stages hydraulic fractured network with one horizontal well is displayed. Due to extra-low
permeability, stimulated reservoir volume (SRV) is the major area for gas production, and
the shale matrix outside of SRV does not contribute much for production in first few years.
Therefore, we only focuses on stimulated reservoir volume for shale gas flow simulation
in the study of this chapter. On the other hand, due to the geometrical symmetry, partial

SRV including only one hydraulic fracture is selected for reservoir simulation, which
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could also save computational time. To better describe the stress-dependent permeability
correlations and investigate the impacts of each sub-pore media on gas production, the
reservoir mesh is divided into four different sub-pore media: non-organic matter, organic
matter, natural fractures, and hydraulic fractures.

As on right image of Fig. 17, the central red block represents the producing well,
the vertical gray grids stand for hydraulic fracture blocks, the green grids indicate natural
fracture blocks, the white grids represent non-organic matter, and the blue grids stand for
organic matter. Different stress-permeability correlations introduced on the above section
are separately applied to each of sub-pore media: non-organic matter, organic matter, and
natural fractures. For hydraulic fracture grids, we assume their permeability is stress-
independent. There are three reasons about why we assume the permeability is constant
for hydraulic fractures in our model. Firstly, hydraulic fractures have significantly larger
permeability than natural fractures and shale matrix grids. Secondly, proppants can
support the aperture of hydraulic fracture and maintain the permeability to a great extent.
Thirdly, even though the aperture of hydraulic fracture is compressed by the increased
effective stress, the permeability is still large enough to transfer all the gas from natural
fracture and matrix grids into wellbore. In other words, hydraulic fracture is not the
restraint factor in terms of overall flow performance when comparing with natural

fractures and shale matrix.
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Figure 17: Mesh grid design for complex fracture network (the left image is
adopted from FracFocus).

According to the governing equations introduced on the sections above, the
coupled flow-geomechanics system can be solved along with producing time. At each time
step, the flow equations are firstly solved for the primary variable pressure, and then the
mechanics equations are solved for the displacements on each node. Next, the change of
porosity and permeability are updated at each time step by the stress-dependent
permeability correlations introduced on the section above. The mesh dimension of the
synthetic reservoir model is 21(vertical) x 11(horizontal) x 1. The domain length of
horizontal direction is 6.09 meter, and the domain length of vertical direction is 11.1 meter.
The size for the natural fracture, shale matrix including organic and non-organic matter,
and hydraulic fracture grid are separately 0.01, 1.0, 0.05 meter. The reservoir mesh is built
based on the structure (stimulated reservoir volume) of left image of Fig. 17, but it is in

relative small size in order to capture the transient behavior near the fracture network.
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Table (5) presents the main initial parameters of flow module for these three sub-
pore media. The initial reservoir pressure is 3800 psi for all sub-pore media, and the
constant bottom hole pressure is 800 psi. The initial permeability is 100 millidarcy for
natural fracture, 420 millidarcy for hydraulic fracture, and 500 nanodarcy for shale matrix
(non-organic and organic matter). Organic matter has larger porosity than non-organic
matter, and the porosity of natural fracture is assumed to one. The gas diffusion and
desorption are only consider for organic matter, and 20% TOC is assumed, which can be
used to calculate the total number of organic matter grid block in the reservoir mesh. The
initial water saturation is equal to irreducible water saturation 0.2, so water will not flow
anywhere because of zero relative permeability, which makes the coupled flow simulation
into a single phase flow simulation under stress compaction. The reservoir temperature is
assumed constant, so no heat transfer and waste are happening.

For the input parameters of geomechanics module, the combined stress and
displacement boundary conditions are used. Same with Fig. 10, the horizontal
displacement is not allowed for the left boundary, and the vertical displacement is not
allowed for the bottom boundary. In other words, u,; of left boundary and u,, of bottom
boundary are equal to zero all the time. Constant overburden stress is applied on the top
boundary and right boundary, which is main driver to produce displacements when the
reservoir pressure is decreased. Biot’s coefficient b = 1.0, Young’s modulus E = 5 X
108 pa, Poisson’s ratio v = 0.3, and the loaded overburden stress is equal to initial
reservoir pressure. The vertical and horizontal displacement are solved for each node of
every grid block at each time step.
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Table 5: Initial parameters of flow module for the synthetic reservoir model.

Pore Medium Natural Non-organic Organic
Fracture
Density (kg /m3) -- 2.6 x 103 1.35 x 103
Porosity 1.0 0.04 0.08
Permeability (nD) 1.0 x 108 500 500
Water Saturation 0.2 0.2 0.2
Pressure (Pa) 2.62 x 107 2.62 x 107 2.62 x 107
Diffusivity (m?/s) -- -- 7.09 x 107°
Langmuir pressure
(MPa) 10.34
Langmuir volume
-- -- 1.17 x 1072
(m®/kg)
Temperature
355 355 355
(K)

Due to the initial pressure difference between well bottomhole and reservoir
matrix, gas will flow from the shale matrix into hydraulic fracture, and then into the
wellbore, which in return causes reservoir pressure gradually reduce. Fig. 18 displays the
pressure distribution of the reservoir mesh for two different times. Based on the color
value bar, the red color represents high pressure, and the blue color represents low
pressure. At the early producing time, the pressure of hydraulic fracture and natural
fracture rapidly decreases because of large flow conductivity. On the right image of Fig.
18, the grid blocks with red color stands for organic grids with high pressure. Different
with non-organic matter, the gas desorption could maintain the pressure for organic grid

blocks.
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Fig. 19 shows the numerical results of cumulative production mass along with time
for four different reservoir cases. The case one is for the coupled model with constant
permeability, which is the blue curve. The second case is for the coupled model
considering the permeability change, where the entire shale matrix is considered as only
non-organic matter. The red curve stands for the second case. The case three is for the
coupled model considering the permeability change, where both non-organic matter and
organic matter are regarded as shale matrix. However, the matrix shrinkage mechanism is
not considered for organic matter in the third case. The green curve stands for the case
three. The fourth case is almost the same with the third case, except the matrix shrinkage
mechanism is considered for organic matter. The black curve stands for the fourth case.

On Fig. 19, the cumulative production mass is plotted along with time for four
different reservoir cases, where x axis represents simulation time, and y axis represents
cumulative production mass. By comparing these four cases, the cumulative production is
apparently the largest for the first case because the reservoir permeability is not decreased
at all. When the stress-dependent permeability is considered, the cumulative production is
obvious declined. Comparing with case one, the cumulative production of case two is 12%
smaller. This is because the reservoir permeability is reduced during reservoir depletion,
where pore pressure is decreased and net effective stress is increased. Organic matter plays
an important role in shale gas production, where gas desorption mechanism can boost the
production rate at late stage. However, by comparing case two and case three, the
cumulative production of case three is less, where even though organic matter is counted.

This is because the permeability decline of organic matter is much larger than the decline
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of non-organic matter based on the permeability correlations we chose. Therefore, for
organic matter, the effects from reduced permeability on gas production is larger than the
effects from gas desorption on production.

By comparing case three and case four, the impacts of matrix shrinkage on
cumulative production should be observed and identified. However, no obvious difference
of cumulative production between case three and case four is observed in Fig. 19. Initially,
we thought it might be because of the high bottom hole pressure (800 psi), which did not
provide much opportunity for matrix to shrink and boost the production rate. However,
when we tried a lower bottom hole pressure 500 psi, the same result was obtained. After
the results were carefully analyzed, two main reasons are provided below to explain why
the effect of matrix shrinkage cannot be obviously observed on the cumulative production
plots for case three and case four. The first reason is about TOC amount, the correlation
coefficients, the desorption pressure, and the bottom hole pressure. The more TOC, the
larger contribution from organic matter. The higher desorption pressure, the more the
matrix can shrink and the higher the permeability could rebound.

The second reason is about reservoir pressure condition and relative value. Let us
use the bottom hole pressure 500 psi as one example. Remember that the initial reservoir
condition is 3800 psi, and the permeability rebound pressure is around 800 psi. The first
stage of reservoir depletion was the reservoir was produced from initial pressure 3800 psi
to the rebound pressure 800 psi, where the entire reservoir has been almost produced up
and a large amount of hydrocarbon has been generated. For the second depletion stage of

pressure from 800 psi to 500 psi, the matrix shrinkage did boost the permeability to some
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degree, which improved the flow rate and total production. However, the relative low
permeability, only 20% TOC, and the small pressure range (from 800 psi to 500 psi) could
not provide large enough production boost to be obviously observed on the cumulative
production curves. Above is the main reason why we couldn’t observe an obvious increase
on cumulative production plots for both BHP cases (800 and 500 psi) when we have
considered the matrix shrinkage mechanism. But actually, the cumulative production was
increased about 0.5% for the case of 800 psi after we compared the two final cumulative
productions, which is just relatively too small to be observed. Overall, this numerical

results demonstrate the impact of matrix shrinkage on cumulative production is quite

limited.
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Figure 18: Pressure distribution of the reservoir mesh at two different times.
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Figure 19: Results of cumulative producti_on mass along with time for four different
reservoir cases.

3.4 Sensitivity Study

As we mentioned above, the reservoir properties and geomechanics properties play
an important role on affecting stress state, gas flow, and final production performance. In
order to investigate the sensitivity, five parameters are chosen to study their impacts on
cumulative production: Total Organic Carbon (TOC), matrix permeability, Young’s
modulus, Poisson’s ratio, and bottom hole pressure. When the value of one parameter is
changed, the others parameters keep the same value with the default model above. On Fig.
20, the mesh sketches of three TOC scenarios are shown for sensitivity analysis: 10%,
20%, and 30% TOC. The blue grids represent organic matter, which are randomly
distributed on the mesh. The red grid block on the center represents the production well.

As we introduced above, organic matter has been widely observed in shale reservoirs.

59



Based on extensively study of organic matter, the results show the increase of TOC could
boost the gas production rate because of gas desorption mechanism. Fig. 21 displays the
cumulative production versus time for three reservoir cases with different TOC, where the
reservoir permeability is assumed constant. The results are the same with what we expect:
the higher TOC brings higher cumulative production.

However, when the stress-dependent permeability is considered, different results
will be obtained for the cases with different TOC, because non-organic matter and organic
matter have different stress-permeability relationships described above. On Fig. 22, the
results of cumulative production versus time are presented for three reservoir cases with
different TOC, where the stress-dependent permeability has been considered. The bottom
hole pressure we used in the models above is 800 psi. The results show the reservoir case
with higher TOC brings lower cumulative production mass, which is inverse with the
results on Fig. 21. The main reason is organic matter has larger permeability decline than
non-organic matter under a same pressure drop based on the permeability relationships we
chose. On the other hand, even though matrix shrinkage on organic matter could rebound
permeability and boost production rate at low pressure range, the bottom hole pressure we
used (800 psi) is not low enough for obvious rebound in terms of permeability. Therefore,
a higher TOC didn’t bring a larger cumulative production on the results of Fig. 22.

In order to investigate how much production will increase at certain amount of
TOC when the matrix shrinkage is considered, Fig. 23 displays the simulation results for
three cases with different TOC. The cumulative production increase value is obtained by

comparing two cases: a) consider matrix shrinkage for organic matter; b) do not consider
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matrix shrinkage. At 10% TOC, the cumulative production is increased 0.64% with the
considering of matrix shrinkage. When TOC is increased from 10% to 30%, the
production boost is improved. However, even though at 30% TOC, the cumulative
production increase is about 2.24%. Of course, the simulation results are highly related to
the permeability relationship we chose and other reservoir parameters, such as bottom hole
pressure. To summarize, if the stress-dependent permeability is considered, a larger TOC
cannot bring a higher cumulative production. A high TOC can contribute permeability
rebound and production boost because of matrix shrinkage. However, the impacts of

matrix shrinkage on cumulative production is quite limited.

a) 10% TOC b} 20% TOC c) 30%TOC

Figure 20: The mesh sketches of three TOC scenarios for sensitivity analysis.
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Figure 21: Cumulative production versus time for different TOC cases with
constant permeability.
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Figure 22: Cumulative production versus time for different TOC cases with stress-
dependent permeability.
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Figure 23: The cumulative production increase versus TOC when matrix shrinkage
is considered.

Fig. 24 presents the cumulative production versus time for three cases with
different matrix permeability, where the permeability is not dependent with the stress
change. The results show the final cumulative production is the same for the three cases
of different permeability. However, the case with larger matrix permeability provides a
higher production rate at most producing time, and it reaches the final stage much earlier.
When the stress-dependent permeability is considered for the three cases, the results of
cumulative production are shown on Fig. 25. The results of Fig. 25 look similar with that
of Fig. 24, while two different points are noted. Firstly, the final cumulative production of
Fig. 25 is much smaller than the results of Fig. 24, because the reservoir permeability is
reduced along the drop of reservoir pressure. Secondly, at a certain time range from 1E+3
to 1E+5 second, the cumulative production gap between different permeability curves on

Fig. 25 is smaller than the gap on Fig. 24. Let us explain the reasons as follows.
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Fig. 26 displays the results of cumulative production loss versus permeability at
the time of 1E5 seconds, where the stress-dependent permeability is considered. For
example, when the matrix permeability is 250 nanodarcy, the cumulative production loss
is 30% on the y axis, which means the cumulative production from the case considering
permeability change is 30% less than the case with constant permeability. When the matrix
permeability rises, the cumulative production loss is increased. The cumulative production
loss is 35% for the case of 1000 nanodarcy. Therefore, the case of 1000 nanodarcy has a
larger loss than the case of 500 nanodarcy in terms of cumulative production, which makes
the gap between them reduced. This is why the cumulative production gap between
different permeability curves is reduced on Fig. 25. To be clear, the final cumulative
production is the same between different permeability cases no matter the stress-
dependent permeability is considered or not, as shown on Fig. 24 and Fig. 25. The
cumulative production loss we are talking above is just for at a certain time, which is
mainly caused by the decline of production rate. Overall, the case with higher matrix
permeability encounters a larger loss of production rate at a certain time range when the

stress-dependent permeability is considered.
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Figure 24: Cumulative production versus time for different permeability cases with
constant permeability.
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Figure 25: Cumulative production versus time for different permeability cases with
stress-dependent permeability.
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CUMULATIVE PRODUCTION LOSS
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Figure 26: Cumulative production loss versus permeability at 1E5 seconds.

Fig. 27 presents the sensitivity analysis results for three different Young’s modulus
E: 5x 108,10 x 108,15 x 108 pa, where the cumulative production mass is plotted
along with simulation time. The results show a smaller Young’s modulus brings a higher
cumulative production mass. When Young’s modulus is increased, the cumulative
production mass is reduced. Young’s modulus is a measure of the stiffness of a solid
material. Typically, hard materials have larger Young’s modulus, and soft materials have
small value. On the other hand, compaction drive plays an important role in production
performance for coupled flow-geomechanics system, while a larger Young’s modulus
could offset the impacts of compaction drive on production. Therefore, the cumulative
production is declined when Young’s modulus is increased. Another important note is
observed for the results related to Young’s modulus on Fig. 27. When Young’s modulus
is increased, the drop of cumulative production gradually becomes small. In other words,

at a level with large Young’s modulus, the increase of Young’s modulus will not bring
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large drop of cumulative production. When Young’s modulus reaches a certain large
value, the change of Young’s modulus will not have obvious effects on the cumulative

production.

Cumulative Production vs. Time
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Figure 27: Results of sensitivity analysis for Young's modulus.

Fig. 28 illustrates the simulation results of cumulative production obtained from
different Poisson’s ratio. A higher cumulative production is obtained from a smaller
Poisson’s ratio. When Poisson’s ratio is increased, the cumulative production is decreased.
Poisson’s ratio is the ratio of transverse strain to axial strain. A larger Poisson’s ratio
means a bigger transverse strain, which could in return offset the compaction impacts on
reservoir production. On the other hand, based on Eq. (43) and (44), when Poisson’s ratio
is increased, the change of effective stress is boosted and the permeability is reduced.

Therefore, an increase of Poisson’s ratio leads to a decrease of cumulative production.
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Figure 28: Results of sensitivity analysis for Poisson's ratio.

Fig. 29 and Fig. 30 display the sensitivity analysis results about Bottom Hole
Pressure (BHP), which could be controlled by field operator to adjust reservoir production
performance. Four cases with different values of BHP are chosen: 400 psi, 600 psi, 800
psi, and 1000 psi. Fig. 29 shows the results for the cases considering the stress-dependent
permeability. Fig. 30 shows the results for the cases with constant permeability. For both
cases with and without stress-dependent permeability, a lower bottom hole pressure brings
a higher cumulative production. When BHP is increased, the cumulative production is
reduced. By comparing the results of Fig. 29 and Fig. 30, we observe the cumulative
production gap between different bottom hole pressures is reduced when the stress-
dependent permeability is taken into account. Fig. 31 presents the reduced cumulative
production ratio results changes along with bottom hole pressure. The reduced cumulative
production ratio is defined as the ratio of the production loss when considering stress-
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dependent permeability to the cumulative production with constant permeability. For
example, when BHP is equal to 800 psi, the cumulative production mass is 9236 kg for
the constant permeability case and 5850 kg for the changed permeability case. Therefore,
based on the constant permeability case, the cumulative production loss is 36.7% when
the stress-dependent permeability is considered. On Fig. 31, the results of reduced ratio
are presented for four different BHP, where a lower bottom hole pressure leads to a larger
reduced ratio. When BHP is increased, the relative production loss is decreased. However,
even though increasing BHP could offset certain production loss caused by the
permeability decline, it is not a good strategy for a long-term production view. Overall, no
matter the stress-dependent permeability is considered or not, bottom hole pressure has a
large impacts on the cumulative production. A lower bottom hole pressure bring a higher

cumulative production.
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Figure 29: Results of sensitivity analysis for BHP with stress-dependent
permeability.
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Figure 30: Results of sensitivity analysis for BHP with constant permeability.
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Figure 31: Reduced cumulative production ratio changes along with BHP.
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3.5 Conclusions and Discussions
3.5.1 Conclusions

In the study of this chapter, the coupled flow-geomechanics simulator is applied
to investigate the impacts of stress changes and matrix shrinkage on reservoir permeability
and gas production performance for organic-rich shale reservoirs. The reservoir mesh is
divided into non-organic matter, organic matter, and natural fracture. In addition to stress-
dependent permeability, matrix shrinkage has been considered for organic matter because
of gas desorption phenomenon. Different stress-permeability correlations are chosen to
separately apply into the three sub-pore media based on their rock properties and
compaction behaviors. The mass-balance equations and stress-equilibrium equations are
solved by the fixed-stress iteratively sequential method, where the flow equations are
solved first, followed by the mechanics equations. A synthetic reservoir model has been
built to investigate the impact of the stress-dependent permeability on gas production
performance. In addition, the sensitivity analysis were conducted for Total Organic
Carbon (TOC), matrix permeability, Young’s modulus, Poisson’s ratio, and bottom hole
pressure. Overall, several main conclusions as following are obtained from this study:

e |If the stress-dependent permeability is considered, the permeability and
cumulative production will be significantly reduced. Additionally, the production
loss is highly dependent on the selected permeability correlations and their
coefficients.

e The matrix shrinkage on organic matter could rebound the permeability and

improve the cumulative production at the low reservoir pressure stage. However,
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the impact of matrix shrinkage on cumulative production is quite limited, which is
largely related to Total Organic Carbon, the correlation coefficients, gas desorption
pressure, and bottom hole pressure.

Due to large permeability decline, a higher Total Organic Carbon does not
necessarily bring a higher cumulative production, which is inverse with the results
from regular reservoir simulation without considering the stress-dependent
permeability.

When the stress-dependent permeability is considered, a higher matrix
permeability encounters a larger loss of production rate.

When Young’s modulus reaches a certain value, the change of Young’s modulus
will not make obvious differences on the cumulative production any more.

A higher cumulative production is predicted from a smaller Poisson’s ratio.

A higher bottom hole pressure could offset certain production loss caused by the
permeability decline, while it is not the best strategy in terms of Estimated Ultimate

Recovery.

Overall, based on the provided bottom hole pressure, Total Organic Carbon, and

permeability correlations, the matrix shrinkage on organic matter has not made obvious

differences on the cumulative production. When the stress-dependent permeability is

taken into account, the cumulative production is undoubtedly reduced because the

permeability is decreased along with the decline of reservoir pressure. Therefore, to

maintain reservoir pressure, such as water injection, could prevent the permeability from
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declining. On the other hand, the production loss caused by the stress-dependent
permeability highly depends on the selected correlation and their coefficients. Selecting
appropriate permeability correlation for different pores media is critical to better describe
the compaction behaviors and the permeability change. After the permeability correlation
was selected, the coefficients are mainly obtained by matching the experiment data with
the equation curve. Different core samples could behavior dissimilarly under the same
compaction stress, which in return provides different experimental results and
permeability coefficients. Therefore, to choose appropriate permeability correlation and
obtain correct coefficients plays a significant role on investigating how the permeability
changes during reservoir depletion and how much the impact of stress-dependent

permeability on production performance will be.

3.5.2 Discussions

The study of this chapter was about investigating the effects of stress-dependent
permeability and matrix shrinkage on permeability change and production performance
for organic-rich shale reservoirs. The motivation was mainly from the observations of
many experiment measurement data of shale reservoirs: 1) rock permeability significantly
decreases along with the increase of effective stress; 2) different porous media, such as
organic matter and natural fracture, present dissimilar compaction behaviors. The results
and conclusions of this study are mainly obtained from numerical modeling of a synthetic
reservoir model and some sensitivity analysis. The Permian Basin is providing excellent

resources including shale and other unconventional rocks for oil and gas production to
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satisfy the growing energy demand. Even with the current low oil price market, the drilling
and production activities in both conventional and unconventional plays are the most
active in the Permian Basin. Therefore, if the stress-dependent permeability and matrix
shrinkage are applicable to the Permian Basin, how much effects they will make on
production, and how we can use the results of this study for field development are
attracting much attention and interests.

Briefly speaking, if the proposed triple-porosity coupled model can be used for the
Permian Basin unconventional reservoirs or not highly depends on the rock composition
and the formation lithology. The percentage and distribution of organic matter and natural
fractures firstly need to be understood. More importantly, rock permeability should be
measured with core samples under different effective stresses, where the permeability
change and related coefficients should be monitored and recorded. Then, we can determine
if the proposed model with different stress-dependent permeability correlations should be
applied to the Permian Basin reservoirs.

Let us assume here if the mechanisms of stress-dependent permeability and matrix
shrinkage are required for the Permian Basin reservoirs based on the obtained information,
the proposed triple-porosity model can offer great benefits to production evaluation and
economic assessment by providing a more accurate and realistic prediction. If the stress-
dependent permeability has not been considered for the reservoir which experienced the
permeability decline, the hydrocarbon production will be significantly overestimated

which might lead to unwise management decisions.
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Based on the proposed model, we can better understand the effects of Young’s
modulus, matrix permeability, bottom hole pressure, Total Organic Carbon on the
cumulative production. That sensitivity analysis could provide guide to field development
for operating the formation with different rock properties. To maintain reservoir pressure
could slow down the permeability decline and improve the production rate and producing
time. For example, water injection might be an available option. The proposed model is
also helpful to decide when, how and where for the water injection. In addition, choosing
approximate production rate and bottom hole pressure could minimize the decrease of

reservoir permeability and take advantage of matrix shrinkage as well.
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CHAPTER IV

ADAPTIVE TIME STEPPING METHOD*

4.1 Introduction

Coupled flow-geomechanics model is needed for investigating the stress change,
rock-compaction behavior, and stress-dependent properties in many practical reservoir
scenarios. However, the coupled model of large-scale simulation problems usually
encounters large matrix system and high computational expenses, where the time stepping
is a crucial factor for numerical stability and computational efficiency. The local error or
the residual are usually calculated and compared with a given tolerance at each time step
to decide if a desired solution accuracy has been reached or the time step needed to be
modified. One typical option for optimizing the simulation is to choose the largest time
step size that can lead to both an acceptable error and relative accurate solution at the same
time. Comparing with the constant time step size, variable time step-sizes can be very
valuable for controlling the local truncation error and improving the computational
efficiency of stiff problems (Shampine 2004; An et al. 2017d). Watts (1984) proposed to
use the locally optimal step size strategy to control the errors for solving the ordinary
differential equations. Sinkin et al. (2003) studied the efficiency of different

implementations of split-step Fourier method for solving the nonlinear Schraodinger

* Part of data reported in this chapter is reprinted with permission from “A Modified Local Error Method
for Adapting Time Step-size in Coupled Flow-geomechanics Problems” by An, C., Wang, Y., Wang, Y.,
Killough, J., 2018. Journal of Petroleum Science and Engineering, Volume 162, Pages 763-773, Copyright
2018 by Elsevier.
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equations. Their results showed the local error method performs best for modeling optical
solutions and single-channel transmission systems. Minkoff and Kridler (2005) compared
three adaptive time stepping methods on a simple loosely-coupled simulator modeling
single-phase flow and linear elastic deformation. They stated the local error method is the
best able to significantly cut down the total numerical error among the three methods.

In the study of this chapter, an adaptive time stepping method with the modified
local error technique is proposed to reduce the total iteration time and improve the
computational efficiency for the coupled flow-geomechanics simulator. Firstly, the
adaptive time stepping method is explained in details. Since updating geomechanics
module consumes most of the computing time of the coupled system, the adaptive time
stepping method is mainly used for geomechanics module to adapt the time step size based
on the change of displacement. Secondly, a synthetic two-dimensional coupled production
problem is built to apply the modified local error method for investigating its accuracy
and computational efficiency. The numerical results are compared with the fully-coupled
method and the regular iteratively method. Finally, the sensitivity about the local error
tolerance on the numerical results is investigated. Some conclusions and discussions are

provided as well.

4.2 Methodology for Adaptive Time Stepping
Adaptive time stepping methods are widely used to control the step size and
improve the computationally efficient in ordinary differential equation solvers (Gear

1971), such as Runge-Kutta-Fehlberg method. Sinkin et al. (2003) introduced a local error
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method to solve the optical-fiber communications systems, where the error is bounded in
each time step by applying the step-doubling and local extrapolation techniques. Minkoff
and Kridler (2005) compared three different time stepping methods in terms of
computation cost and accuracy for a simple loosely-coupled simulator, where the local
error method and the pore pressure method are explained.

The detailed procedures about the regular local error method are described as
following. Suppose the fluid flow simulation initially starts with a time step t and an error
tolerance of displacement ¢,,. Firstly, the flow and mechanics equations are sequentially
solved for the time step t twice as shown on right side of Fig. 32, where the pressure
variable is always solved firstly on the flow balance equation, followed by the
displacement variable at each time step. After two time steps, the displacement uy is
obtained and regarded as fine displacement solution. Secondly, the same flow and
mechanics equations are sequentially solved for the time step 2t once as shown on left
side of Fig. 32, where the displacement u, is calculated and regarded as coarse
displacement solution. By calculating the relative difference between the coarse and fine
displacements, the relative local error § can be defined and calculated by Eq. (47), where
the L2 norm is used. We can then determine whether the current time step t needed to be
modified or not by comparing the relative local error with the error tolerance of

displacement.

g-u
=T (47)
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Figure 32: Schematic of local error method for iteratively coupled scheme.

For the local error method used in the paper of Minkoff and Kridler (2005), only
the time step size of mechanics equation is adapted while the time step of flow is assumed
to be fixed. However, in addition to the time step in mechanics module, the time step of
flow is also simultaneously adapted based on the relative local error in this study. This is
because the change of displacement is mainly caused by the change of pressure. If the
change of displacement is really small, which means the change of pressure is little, we
can choose to increase the time step size for the flow equation at that moment. Due to both
step size of flow and mechanics will be adapted, we call this approach as the modified
local error method. The main algorithm about our modified local error method is described

as Eq. (48). After obtaining the relative local error §, we compare it with the error
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tolerance of displacement &, in order to decide if we need to adapt the step size for next
time step. As shown on Eq. (48), At is the current time-step Size and t,,.,; represents the
size of next time step.

If & is smaller than half of ¢,, which means the relative error of displacement is
significantly small and the model computation is really accurate, the time step size will be

doubled for next time step. If § is between half ¢, and &, the step size will be kept the

same for next time step. If & is between &, and 2, the step size will be divided by /2.
Finally, if § is larger than 2¢,,, which means the relative local error is too large, the time
step size will be halved in order to increase the accuracy for next time step. In order to
optimize the computing process, the relative local error is checked every five time steps
to determine if the step size need to be adapted. For example, when the step size is
modified once at current time step, the updated step size will be used for the next four
iteration running. Then on the fifth time step, the algorithm is applied again to check if the

step size need to be modified for next time step.

1
( 6<-& thext = 2 X At
%Eu <d< g tnext = At
3 At (48)
&g <8 <2¢ tnext = 33
At
\ 5 2 Zgu tnext = ?

4.3 Numerical Results for Coupled Model Application
A synthetic two-dimensional reservoir problem is introduced to apply the modified

local error method. In this coupled model, we assume the isothermal single liquid flow,
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stress-independent fluid properties, and no gravity. Fig. 33 shows the schematic of 2D
coupled model including one production well. Left side and bottom side of this 2D model
are no flow boundaries. The horizontal displacement is not allowed for the left boundary,
and the vertical displacement is not allowed for the bottom boundary. In other words, u,
of left boundary and u, of bottom boundary are equal to zero all the time. Constant
overburden stress are applied on the top boundary and right boundary, which could force
the solid frame to shrink. One production well exists in the center of the reservoir model,
which is the main driver source for the drop of pressure and happening of displacements
along with time.

Table (6) presents the fluid and rock properties for the 2D coupled model, where
the international unit system is used. The mesh of this 2D model is divided into 21 x 21
grid blocks for simplicity and the grid size is assumed one meter. The overburden pressure
is equal to the initial reservoir pressure, so the fluid drainage will not happen on both top
and right boundaries. Since the bottom hole pressure is less than the initial reservoir
pressure, the fluid will flow into the wellbore and the pressure of reservoir will be reduced,
which leads to the solid displacements. Peaceman (1983) developed a general well
formulation on rectangular grids for single phase flow, which relates the computed grid
pressure with the flowing bottom hole pressure. Based on that, the well equation used in

this study is shown as on Eq. (49), where g denotes flow rate, P, s represents the flowing

bottom hole pressure, P,,.;; stands for the pressure of the block containing the well, W1 is
the well index relating to well geometric and fluid properties. More details about this well
formulation can be found in Dake (1983) and Ertekin et al. (2001).
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Figure 33: Schematic of 2D coupled Model including one production well.
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Table 6: Fluid and rock properties for the 2D coupled model.

Parameters Values (unit)
Grid size (Ax) 1 (m)
Porosity (¢) 0.25

Permeability (k)

4.9346 x 10~1* (m?)

Fluid viscosity (u)

1x 1073 (Pa-s)

Fluid compressibility (cy)

4x1071° (1/Pa)

Initial Pressure (P) 1x 107 (Pa)
Bottom hole pressure (P, r) 8 x 10° (Pa)
Young’s modulus (E) 5 x 108 (Pa)
Poisson’s ratio (v) 0.3
Biot’s coefficient (b) 1.0
Overburden stress (or) 1x 107 (Pa)
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Fig. 34 shows the results of pressure of well block and production rate versus time
for three different numerical cases: the fully coupled model, the sequential coupled model,
and the model with adaptive time step method. In this section, the sequential coupled
denotes the normal iteratively coupled method without adapting time step size, while the
adaptive time step method stands for the normal iteratively coupled method applying the
modified local error method to adapt the time step size. Both the fully coupled and
sequential coupled method use the fixed time step size. For all these three different
numerical schemes, the initial time step is 0.1 second and the simulation is set to only run
1000 seconds. Because the time step size is fixed for the fully-coupled and sequential-
coupled models, both models need to be run 1 x 10* times to reach the final time 1000
seconds. However, for the adaptive time step method, the running iteration time is much
shorter because the size of time step is always adapted based on the algorithm mentioned
above. The key parameter, error tolerance of displacement, is 5 x 1073 for this 2D
coupled model. On Fig. 34, the normalized pressure is calculated through dividing the
pressure of well block by the initial pressure. Additionally, a decrease of well block
pressure leads to a drop of production rate. The results of pressure and production rate
show a really good match among these three different models on Fig. 34, which validates
the accuracy of our sequential coupled model with the application of the adaptive time

stepping method.
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Image (b) of Fig. 35 shows the visualization results of the 2D pressure distribution
from the adaptive time step method. The yellow color represents high pressure, and the
dark blue represents low pressure. Since the simulation is only performed 1000 seconds,
the pressure wave has not reached the domain boundary yet. The grids close to the well
block obviously have lower pressure than the other grids because the fluid is drained into
the wellbore. To validate the accuracy of the finite element method, especially for the
calculation of displacements, the results of displacements on one selected layer are
compared among this three different models. The vertical displacements of the eleventh
layer (we count from top to bottom layer based on image (b) of Fig. 35) are plotted as on
image (a) of Fig. 35. Both the pressure distribution and the vertical displacement results
are obtained at the end of simulation time. The vertical displacements on these 22 nodes
show a great match among the three different models, which cross-validates the accuracy
of displacement when the sequential coupled model is used with the adaptive time-step
method. Additionally, due to the presence of the producing well, the middle nodes
apparently have larger displacement than that of two side’s nodes. A larger pressure drop
leads to a bigger displacement change. It is worthy to note that the displacement results
are not entirely symmetric because of non-symmetry boundary conditions (we used the
combined displacement and stress boundary conditions).The displacements on two sides
of well vary differently depending on the distance to the well block. Overall, the adaptive
time step method with sequential coupled scheme provides an accurate enough solution
for the coupled problem. In other words, the accuracy is not sacrificed when we apply this

adaptive time step method for the coupled model.
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Figure 34: Comparison of pressure and production rate for three different
numerical schemes.
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Figure 35: (a) Comparison of vertical displacements for three different numerical
schemes; (b) Results of pressure distribution from adaptive time step method.
Fig. 36 shows the size of time step changes along with the number of time steps
for adaptive time-step method. The initial time step size is 0.1 seconds, and then it is
reduced two times into 0.035. After about 60 times iteration running, the size of time step

starts to be increased. When the time step size is boosted every time, it usually lasts a
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while before next time’s change. The time step size is kept being boosted until into 36
second, where the simulation ends. At the early stage of the production problem, the
changes of pressure and displacement are very sensitive to time step, so the step size was
repeatedly cut to ensure the accuracy. However, at the late production period, the pressure
and displacement do not vary much at each time step, so the algorithm of local error
method was triggered to adapt the size of time step. Fig. 37 displays the results of pressure
and production rate with a larger initial time step size (2 seconds) for fully coupled and
adaptive time step method. The results from the adaptive time step method are not well
matched with the results from the fully coupled model, especially at the early stage of
production. Different with the results on Fig. 34, when the large initial time step size is
used, the numerical results from the adaptive time step is not accurate enough. Therefore,
a relative small value of initial time step is required for the sequential method, which in

return could enhance the advantage of adaptive time step method.
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Figure 36: The change of size of time step for adaptive time step method.

86



Pressure of well block vs. Time Production rate vs. Time
TE04

—eo—Fully coupled —a=Fully coupled

2

2095 = Adaptive time step o | » Adaptive time step
3 L -
& m 5E-04
2 c
o [=]
- 09 T 4E0
E =
E FET
€ 0ss &
2 2E-04

08 1.E-04

0.1 1 10 100 1000 01 1 10 100 1000

Time (s) Time (s)

Figure 37: Comparison of results qf pressure and production rate at larger initial
time step size.

The accuracy of adaptive time step method has been already validated by
comparing with the results of the fully coupled mode on Fig. 34 and 35. Next, we will
investigate how much computing time the adaptive time step method can save when
compared with the regular sequential method and the fully coupled method. Fig. 38
compares the results of computing time and the iteration number among the adaptive time
step method, the regular sequential method, and the fully coupled method. For the fully
coupled method, the total computing time is 17,319 seconds for 10000 steps running. For
the regular sequential method, the total computing time is 11,806 seconds for 10000 steps
running. For the adaptive time step method, the total computing time is only 481 seconds
for 326 steps running. Apparently, when the adaptive time step is used, the computing
time is significantly reduced, and the iteration number is considerably decreased because
of the automatic adaptation of time step size. The regular sequential method can also save
about one third time when compared with the fully coupled method. On the other hand,

when the grid number of mesh becomes larger, the sequential method will save the
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computing time more and more than the fully coupled method. This is mainly because a
large grid number (huge node number) will form a significantly large matrix for the fully
coupled model, which certainly consumes high computing time.

To sum up, the adaptive time step method needs extremely less computation time
than the regular sequential method, and the regular sequential method consumes much less
computation time than the fully coupled method. This is a major advantage and motivation
about why we choose to apply the adaptive time step for the coupled problems. By the
way, the local error method, which is proposed in the study of this chapter and described
on Fig. 32, is temporarily designed only for the sequential coupled models, because the
sequential coupled approach is more efficiency than the fully coupled method. However,
the local error method is absolutely available for the fully coupled model, while the
procedures just need to be modified. In this study, the sequential coupled model is applied
for various reservoir applications. Furthermore, the main objective of this chapter is to
demonstrate the computational efficiency is significantly improved when the adaptive
time-step method is used for the sequential coupled method. Therefore, this is why we
only showed the results from three different cases on Fig. 38, while the results from the

fully coupled case with the local error method was not displayed.
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Figure 38: Comparison of computing time and iteration number.

On Fig. 39, the total number of time steps are presented for different error
tolerances of displacements (g,,). For the 2D coupled model above, the default €, is 5 X
1073, and the final total step number is 326. When &, is changed from 1 x 1073 to 1 x
1072, the total step number decreases. As we see on Fig. 39, the curve’s trend is nonlinear,
and the required total step number will be significantly increased if the error tolerance of
displacement becomes very small. On the other hand, Fig. 40 shows the results of total
simulation time for different error tolerances of displacement. The change trend of total
time is similar with the change trend of total number of step. When a tiny error tolerance
of displacement is used, a much large computing time is required because much more
iterations of calculation are needed. However, the bottom line is, no matter how small the
&, 18, the total number of step from the adaptive time step method is always much less
than that from the fixed time-step size scheme. On the other hand, even though a large ¢,

could largely reduce the computing steps, it will lead to large numerical error and less
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accurate solution. Therefore, to choose an appropriate error tolerance, which could both
save computing time and maintain the accuracy, plays a critical role on optimizing the
application of the modified local error method for the coupled model.

Fig. 41 displays the size of time step changes along with the number of time steps
for different error tolerances of displacement. Three different values of error tolerance are
chosen: 1 x 1073,5 x 1073 (default), 20 x 1073, Obviously, when the error tolerance
is smaller, the time-step size need to be reduced more in order to satisfy the more accurate
error criteria. Among all the three numerical cases, the time-step size stays in a low value
range for a while until the pressure change and displacement change of reservoir becomes
small. In addition, if the time-step size need to be reduced or not is highly dependent on
the initial time-step size. If the initial time-step size is considerably small, there is no need
to cut the time step. Typically, the maximum time-step size for the flow equations could
be derived from von Neumann stability analysis, and the result should be limited by both
grid block size and properties of fluid and rock. Eq. (50) presents an example of the
stability requirement for the explicit formulation of one-dimensional single phase flow

system.

at < 2 (2L) (axy? (50)

Therefore, the recommended procedures for how to choose an appropriate error
tolerance for the coupled problem are described as follows. Firstly, obtain the max time-
step size by using von Neumann stability analysis. Secondly, divide the max time-step
size by ten as the initial time-step size we will use for the coupled model. Thirdly, apply

the default error tolerance (5 x 10~3) and run the coupled program with the modified local
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error method. Finally, plot the results of the size of time step. If the time-step size is
enlarged at the beginning, choose the five times smaller error tolerance and run the coupled
program again. Inversely, if the time-step size is largely reduced at the early stage, but
then it is increased at the later stage, choose and apply that error tolerance for the coupled
model. That is the approximate error tolerance we need for the adaptive time stepping

method.
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Figure 39: Total number of steps for different error tolerances of displacement.
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Figure 40: Total simulation time for different error tolerances of displacement.
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4.4 Conclusions and Discussions

An adaptive time stepping method with the modified local error approach is
introduced to improve the computational efficiency and reduce iteration time for the
coupled flow-geomechanics problems. A synthetic two-dimensional coupled production
problem is introduced to apply the modified local error method, where the pressure and
displacement change are presented at each time step. The numerical results of adaptive
time step method show a very good match with the results from the regular sequential
method and the fully coupled method, which verifies its accuracy. The required computing
time and total iteration number for adaptive time step method is significantly less than that
of regular sequential method and fully coupled method, which shows its computational
efficiency. Since the change of pressure and displacement mainly occurred in the early
stage of this production problem, the step size was firstly reduced for a while and then it
was kept being increased. To ensure the accuracy of numerical results, regular reservoir
simulators usually start with a small constant time step, even though it takes a long
computing time. Apparently, that small time step is not the most efficient time-step size
for the entire flow process in terms of computational efficiency. Therefore, if this adaptive
time step method is implemented, the step size can be automatically adapted based on the
change of displacement, which is a major advantage, especially for the cases with low
truncation error requirement and tiny initial time-step size. For example, at the late stage
of the coupled production problem, the small step-size is not required because the pressure
change becomes relative tiny at each time step, so the step-size can be enlarged to save

the computing time without sacrificing the accuracy.
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When the step size is changed is highly depending on the error tolerance of
displacement. The small error tolerance can provide a very accurate solution while it needs
very small time step-size and takes more computing steps. On the other side, the large
error tolerance only requires less computing steps while the accuracy is not guaranteed.
Therefore, choosing a proper error tolerance is really important to optimize the time step
size for the modified local error method. Since no specific technique can be employed to
find the optimal error tolerance so far, trial and error method is probably needed. By using
von Neumann stability analysis, the maximum step-size can be obtained. To start with a
recommended error tolerance 5 x 10~3 and a small time step-size, the coupled program
is performed and the results of time step size are plotted. By checking whether the initial
time step is still largely reduced or not, we can determine if the recommended error
tolerance is required to be modified. To start a significant small error tolerance is always
recommended for the modified local error method. This is because even though the much
small error tolerance is used, the total computing time will be still much less than the total
time from the fully coupled and the regular sequential method. Meanwhile, the accuracy
is also maintained.

In addition, how to modify the step size also plays an important role in the stability
and computational efficiency for this modified local error method. For example, when the
step size needs to be reduced, to choose divide by 2 or +/2 could make a large difference.
A large increase or decrease on one-step size could bring the oscillation effects. On the
other hand, if the relative small coefficients are chosen, the step-size will be not effectively
adjusted, which in return leads to low computational efficiency. Therefore, it is important
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to find a balance between computational efficiency and oscillation effects, or choose an
approach based on the priority of the project. Finally, even though the very simplest model
(single-phase flow, linear elasticity, and backward-Euler method) was chosen to
demonstrate this adaptive time step method in the study of this chapter, this technique is
definitely flexible to be implemented to more sophisticated coupled problems, large-scale
or three-dimensional model, where to reduce the computing time is always highly

demanded.
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CHAPTER V

GULF OF MEXICO DEEPWATER COMPACTION EFFECTS

5.1 Introduction

Reservoir compaction effects have caused considerably permeability loss and
production decline for Gulf of Mexico (GOM) Deepwater turbidite reservoirs.
Additionally, the permeability reduction derived from Pressure Transient Analysis (PTA)
appears more severe than the permeability loss measured from core samples. Based on the
provided laboratory and field data from one GOM Deepwater reservoir operator, this study
presents a comparison between laboratory-measured and field-derived permeability
decline under compaction effects. Additionally, irreversible compressibility and
permeability hysteresis are proposed to explain the difference with the support of
simulation results. The main procedures for the study in this chapter are described as
follows.

Firstly, all the available laboratory data are analyzed, which include rock
compressibility, thin section micrographs data, rock mineralogy, core-measured porosity
and permeability at various effective stresses. Secondly, well buildup pressure tests are
built to display the permeability results derived from different permeability correlations.
Thirdly, history matching Bottom Hole Pressure (BHP) are conducted to show the
difference of derived permeability among three cases with different compaction tables.
Fourthly, the Brugge offshore field simulations have been developed to show the impacts

of different compaction tables on the cumulative production. Different operating scenarios
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in terms of bottom hole pressure, maximum production rate, and well shut-in period, are
also investigated to provide practical recommendations for minimizing compaction issues.

The main objectives of this study could be mainly divided as: a) analyze existing
laboratory data and field data to better understand the processes of dynamic formation
compaction within Gulf of Mexico Deepwater turbidite reservoirs; b) explain the
difference between the laboratory-measured and field-evaluated permeability loss trends
with the rock compressibility hysteresis; c) build the coupled flow-geomechanics models
with proposed compaction mechanism to validate and predict the compaction impacts on
permeability decline and production performance; d) develop different operating scenarios
with coupled geomechanics models to minimize formation compaction issues and provide

recommendations for field operating strategies.

5.2 GOM Deepwater Reservoirs Overview

Field data provided by ENI are mainly from three different reservoirs, which
locates in Green Canyon and Ewing Bank region of Gulf of Mexico (GOM). Due to the
confidential agreement in terms of reservoir information, only some basic information is
highlighted for the three different GOM Deepwater turbidite reservoirs on Table (7), and
we called them as Reservoir A, Reservoir B, and Reservoir C for convenience. As on
Table (7), a good range of reservoir information are shown, which includes hydrocarbon
trapping mechanisms, water depth, formation depth, net sand thickness, initial porosity,
initial water saturation, initial effective permeability, initial pore volume compressibility,

initial effective net stress, and primary drive mechanism.
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All of the three reservoir wells have cased-hole frac-pack completions, and their
primary drive mechanism is compaction or depletion. Different with reservoir A and B,
reservoir C has larger formation depth and initial effective stress, which in return leads to
lower initial porosity and smaller initial pore volume compressibility. All of the three
reservoirs have very high initial effective permeability and initial reservoir pore pressure.
The high initial reservoir permeability is typical for many GOM reservoirs, while the quick
decline is the difficult challenge to the production performance as well. The pre-
production laboratory-measured pore volume compressibility and compactive
permeability loss trend data have been obtained from core measurements.

For the reservoir A, core stress tests were performed on three core plugs. Air
permeability has been measured by using the steady-state method at four different stress
levels. Core porosity was determined by using the Boyle’s Law method with helium.
Additionally, some permeability data were obtained from the field data by using the
Pressure Transient Analysis (PTA) method. For the reservoir B, hydrostatic pore volume
compressibility was measured on six core plugs at eight stress levels, air permeability
measurements were performed on four core plugs at eight stress levels, and absolute brine
permeability measurements were conducted on two core plugs at eight stress levels as
well. For the reservoir C, three core plugs were analyzed at seven stress levels by using
the effective stress method and oil permeability measurements in laboratory.

Based on permanent DHPT gauges installed downhole, field-measured
compaction permeability data was obtained from pressure transient analysis of a series of

well buildup tests. The buildup tests were performed by using standardized shut-in
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procedures and data-recording frequency to allow consistency of PTA evaluation over
well life, which provides skin, the product of permeability and thickness, and reservoir
pressure at various times.

Fig. 42 compares the field-evaluated and core-measured permeability loss trends
for reservoir A. The lab-measured permeability data was from three core plugs, and the
field-evaluated permeability data is from Pressure Transient Analysis (PTA) of a series of
well buildup tests. The core samples of reservoir A were ideal candidates to investigate
the compaction effects on rock properties, because no aquifer influx existed. On the x axis,
net effective stress is defined as overburden pressure minus reservoir pore pressure. On
the y axis, the permeability reduction factor is defined as the ratio of permeability at any
pore pressure to the initial formation permeability, which is between zero to one. The solid
curves stand for the permeability from core measurements, which are sort of different with
each other on Fig. 42. The blue dash curve represents the trend of permeability reduction
estimated from PTA. The comparison shows the permeability reduction estimated from
PTA is much severe than the permeability loss from core measurements. For a certain
pressure drop from initial reservoir pressure, the permeability derived from PTA is much
smaller than the permeability measured from core samples.

Fig. 43 presents the comparison of field-evaluated and lab-measured compactive
permeability loss trends for reservoir B. Both air and brine permeability measurements
were conducted, and their values vary significantly. The blue and orange solid line stand
for the permeability measured with brine as the flowing fluid, and the green solid line

represents the permeability measured with air as the flowing phase. The results of air
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permeability show a consistently less permeability loss than the results of brine
permeability. The brine-measured permeability loss trend is very close to the permeability
from PTA at low net effective stress. The permeability data estimated from PTA were
obtained from three different producing wells. Field-evaluated permeability loss trends
present similar behavior for the three different wells. The permeability estimated from
PTA show more reduction than the results from core plugs, especially at high net effective
stress.

The results from reservoir A and B are just two examples selected to display both
the obvious permeability decline trend and the large difference between core-measured
and PTA-derived permeability data. More data from other GOM fields including reservoir
C show the similar trend, but they are just not displayed in here. As what we have already
shown on Fig. 5, the generalized permeability loss trend derived from PTA is much severer
than the permeability loss trend measured from core tests in the laboratory, which
generally agrees with the published data by Chevron for their Deepwater GOM Genesis
field (Pourciau et al., 2005). Therefore, it is critical to figure out why the permeability
results are different from these two different methods and how to correctly predict the real
permeability decline caused by compaction impacts for the Gulf of Mexico unconsolidated

reservoirs.
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Table 7: Description of GOM Deepwater turbidite reservoir sands.

Reservoir A Reservoir B Reservoir C
Structural Stratigraphic Subsalt in three-
Trapping mechanisms faulting and with localized way fault
stratigraphic faulting closures
Water depth (ft) 3,300 1,700 3,900
Formation depth (ft) 13,445 14,650 25,700
Net Sand thickness (ft) 96 74 156
Initial porosity 0.33 0.32 0.23
Initial water saturation 0.21 0.18 0.39
Initial effective
permeability (md) 700 1180 765
Initial pore volume
compressibility 45 30 2
(microsip)
Initial effectl\_/e net 1830 2 600 8.400
stress (psi)
Primary drive Compaction Compaction Compaction
mechanism / depletion / depletion / depletion
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Figure 42: Comparison of field-evaluated and lab-measured compactive
permeability loss trends for reservoir A.
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Figure 43: Comparison of field-evaluated and lab-measured compactive
permeability loss trends for reservoir B.
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5.3 Rock Compressibility Hysteresis

Reservoir rock is subjected to both internal fluid pressure and external overburden
stress. With the depletion of fluids from reservoir, the pore pressure is reduced which in
return leads to an increase of effective stress. This stress change results in changes in the
matrix volume, pore volume, and bulk volume of rock. Compressibility is generally
defined as the relative volume change of matter per unit pressure under isothermal
condition. Three types of rock compressibility are typically mentioned in literature: matrix
compressibility, pore compressibility, and bulk compressibility. However, since pore
compressibility is much larger than matrix compressibility and the change of pore volume
IS a major interest to reservoir engineer, pore compressibility is typically the only
compressibility what we usually talk about to investigate the relative change of rock
volume under stress change, which is usually referred to as formation compressibility as
shown on Eqg. (51). Formation compressibility can be determined in laboratory. The
porosity and permeability change can be predicted from formation compressibility. Eq.
(52) and (53) are one example of empirical equations to calculate the porosity and

permeability change from pressure p, to p, (Espinoza 1983).

& =5 G 1)
¢, = 11+ Cr(p2 — p1)] (52)
o ()" (2 .
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where Cy is formation compressibility, V, stands for pore volume, p represents pore
pressure, ¢ is rock porosity, k stands for permeability, m is an adjustable parameter
depending on the rock type, which is around 3.5 for unconsolidated sands.

Compressibility is a function of the rock composition, depositional history, and
rock porosity, which is often measured in laboratory, such as the uniaxial strain
compaction tests. The value of formation compressibility is highly related to rock
behaviors under compaction stress as well. Fig. 44 shows various rock mechanics
behaviors under compaction effect, such as grain rotation, grain deformation, and
breakage. Due to these compaction behaviors largely depend on the stress stage, rock
compressibility is a function of stress. The change of pore volume compressibility along
with pressure change have been extensively demonstrated in literature (Fatt 1958 and
Brace 1965). Based on the provided measurement results from laboratory, Fig. 45 displays
rock pore compressibility and bulk compressibility profiles during depletion measured
from core samples.

Compared to pore compressibility, bulk compressibility did not change much

during the around 6000 psi drop of reservoir pressure. Pore compressibility is decreased
from 55 x 10‘6$ at 6500 psi of reservoir pressure to around 29 x 10‘6$ at 1500 psi,

which is a 47.3% change. When pore compressibility is changed, the computing trend of
porosity and permeability change is altered as well. Therefore, it is incorrect to simply use
constant formation compressibility to predict the change of rock porosity and permeability
during the reservoir depletion. Before the prediction, the pore compressibility should be

measured at different stress levels from laboratory tests.
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As shown on Fig. 44, some compaction behaviors are irreversible processes, which
means they are permanent changes and they cannot go back to where they initially were.
For example, if some brittle grains are broken down into small pieces under large
compaction of effective stress, these small grain pieces will never be recovered into the
original large piece, even though the high effective stress is removed later on. Fig. 46
displays the comparison of thin section micrographs before and after compaction effects.
Both micrographs were obtained on the resolution of 500 micrometer. The left thin section
micrograph was obtained before compaction, where the blue color represents the pore
space within the rock. After compaction effects, the space of blue color (pore space) was
clearly and largely reduced and in a non-uniform way.

In order to better investigate the compaction behaviors of pore space and grain
particles, Fig. 47 presents thin section micrographs (A, B, C, D) of core sample from
Ewing Bank at different resolutions. Micrograph A (top left image) is on the resolution of
500 micrometer, and micrograph B is on the resolution of 250 micrometer. Both
micrograph C and D are on the resolution of 64 micrometer, which means more clear and
accurate in a micro-scale. This core sample contains 27% total feldspars by thin section
point count method, and 28% total feldspars by X-Ray Diffraction (XRD) analysis.
Effective porosity appears as blue color because the sample were vacuum impregnated
with blue epoxy before thin sections were cut. On the red dash circle of micrograph C
(bottom left image), a collapsed orthoclase feldspar grain (F) along its cleavage planes is

observed.
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Similar collapse of feldspar is also observed on the bottom red dash circle of
micrograph D. Additionally, on the upper red dash circle of micrograph D, a muscovite
has been bent and ruptured by adjacent and harder grains, where a black solid arrow
displays the direction of effective stress. These thin section micrographs show irreversible
compaction processes have widely occurred within the pore structure under high
compaction stress, which will in return change formation compressibility and affect the
change trend of porosity and permeability. Even though the high compaction stress is
removed from the core sample later on, the change of pore space and grain structures
cannot be entirely restored to the original status.

The irreversible compaction processes result in the hysteresis effect on formation
compressibility. The concept of hysteresis is used to describe the effects of path
dependence and irreversibilities. The left image of Fig. 48 shows the schematic of rock
compressibility hysteresis, where the compressibility change follows two different paths
when the pore pressure is changed. For example, if reservoir pressure is reduced from
initial condition, formation compressibility decreases. If reservoir pressure is then
increased back to the initial pressure, formation compressibility does not increase all the
way back to the initial value. This is because some permanent changes have happened
during the compaction process, and they are not reversible. As shown on Eg. (53), the
permeability change is related to the change of porosity and compressibility. Therefore,
the permeability hysteresis could be derived from the hysteresis of formation

compressibility, which is shown on the right image of Fig. 48.
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Settari (2002) described the similar mechanism as well: when the compressive
strength of rock is exceeded, plastic deformation occurs which leads to irreversible
reduction of porosity and permeability. On the right image of Fig. 48, the permeability
change follows two different paths when pore pressure is increased or decreased. At the
same pore pressure, the permeability derived from reservoir depletion is higher than the
permeability derived from well buildup process. Therefore, the reservoir permeability
derived from well buildup test is smaller than the true permeability during reservoir
depletion. Assuming that the core-measured permeability is the same with the reservoir
permeability during depletion, there will be an obvious difference between the field-
derived permeability and core-measured permeability. Overall, based on the observation
of irreversible compaction processes, the permeability hysteresis is derived, which is then
proposed to explain the difference between field-derived permeability and core-measured
permeability. Above statement is mainly based on the theory derivation, while more field
data and modeling results will be shown to support this proposal in the following section.

On the other hand, irreversible compaction processes do not happen at the entire
compaction period, which depends on effective stress, pore volume, grain size and
distribution, and core components. There is a general criterion for the occurrence of
irreversible compaction in Deepwater unconsolidated reservoirs. Fig. 49 presents two
different compaction phases observed from thin section micrographs of reservoir A and
C, which are from Mississippi Canyon and Green Canyon of Gulf of Mexico reservoirs.

The core sample from reservoir A has a rather larger pore volume and higher formation
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compressibility than that of reservoir C. Blue zone stands for pore space, and the rest
particles represent different rock components.

Along with the increase of net effective stress acted on core sample, the
compaction process can be roughly divided into two processes: phase one consolidation
and phase two deformation. During the phase one consolidation, the pore space is
gradually compressed, and the interaction of grain particles are gradually converted from
no-direct connection to point-point connection, and then to plane-plane connection.
Irreversible compaction does not typically happen on the phase one consolidation period,
where the main compaction behaviors are reversible. During the phase two deformation,
there is not enough pore space to be compressed, which means the rock porosity will be
not reduced too much. However, the primary plane-plane connection among particles will
lead to some irreversible movements under high compaction stress, such as grain rotation,
deformation, and breakage. Irreversible compaction mainly occurs at the phase two
deformation period.

Due to large pore volume and rock compressibility, the sample of reservoir A will
experience both the phase one and phase two compaction processes when the pore
pressure is gradually decreased, and the compaction stress is gradually increased.
However, the sample of reservoir C will mainly experience the phase two deformation
period. That conclusion above observed from the thin section micrographs is pretty
matched with the reservoir information shown on Table (7). Reservoir A has rather
shallow formation depth and low initial effective stress, which indicates the phase two

deformation process has not been started yet for the reservoir rock. Reservoir C has
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significant deep formation depth and considerable initial effective stress, which indicates
the phase one consolidation process has been already completed during the geological
deposition. Whether to go through the phase two deformation process or not largely
decides how many irreversible compaction behaviors will happen and how strong the
formation compressibility and rock permeability hysteresis will be. Therefore, observing
thin section micrographs of core sample is a good practical way to evaluate the future
compaction behaviors and how strong the formation compressibility hysteresis will be,
which in return correctly guides the prediction of permeability change along with the

increase of net effective stress.

Before compaction After compaction

Figure 46: Comparison of thin section micrographs before and after compaction
effects.
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Figure 47: Thin section micrographs of core sample from Ewing Bank at different
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Figure 49: Two compaction phases observed from thin section micrographs.
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5.4 Literature Experimental Data

Based on the observation of irreversible compaction behaviors from thin section
micrographs, the pore compressibility and permeability hysteresis have been proposed and
explained for the GOM Deepwater unconsolidated reservoirs in the previous section.
Actually, the phenomenon of stress-dependent permeability hysteresis has been observed
and demonstrated from experimental data for many reservoir rocks in literature
(Warpinski and Teufel 1992; Norman et al. 2005; Liu et al. 2016; Wang et al. 2017).
Before we show these literature experimental data evidences, let us firstly state the
effective stress law we often used in this report. Terzaghi (1923) was the first to introduce
the relationship of effective stress for soil analyses. Later, Biot (1941) derived the
elasticity equations governing poroelastic behavior for calculating deformation. Effective
stress law is usually described as Eq. (54) and (55). Biot coefficient a is typically close to
one. In the study of this chapter, Biot coefficient is taken as one for all future explanation.

Eq. (54) is used to calculate the net effective stress as on Fig. 42 and 43.

O, =0 —ap (54)
— 1 _Ka
a= ra (55)

Where g, is the effective stress, o is the applied stress on the rock surface, p is the internal
pore pressure, « is the poroelastic parameter which is also called Biot’s coefficient, K, is

the dry rock bulk modulus, K is the mineral rock modulus.
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Fig. 50 show the permeability measurement during loading and unloading cycles
for low-permeability tight rocks from Warpinski and Teufel (1992), where the
permeability hysteresis can be obviously observed. The x axis stands for net effective
stress, and the y axis represents rock permeability on this plot. When net effective stress
is increased from low starting point as the upper blue arrow shows, the permeability
reduces. Then when net effective stress is decreased from 7000 psi to 400 psi, the
permeability gradually increases. These two permeability change curves under stress
loading and unloading follow different paths, and the rock permeability cannot be
recovered to the initial value when the net effect stress came back to the original low point.

Assuming we take a certain net stress from the x axis of the plot, the permeability
derived from the increasing stress (loading) path is larger than the permeability derived
from the decreasing stress (unloading) path. The experimental results can be well
explained by the irreversible compaction behaviors and permeability hysteresis theory.
During the first loading processing, some irreversible compaction behaviors have already
occurred, which results in the permeability difference between first loading and first
unloading paths. However, during the second and third loading and unloading processes,
the permeability hysteresis was not that obvious, because the core samples have been
already compressed and not much new irreversible compaction behaviors happened.

Fig. 51 presents the core testing results of normalized permeability coefficient
along with inferred reservoir pressure modified from Norman et al. 2005. The x axis stands
for reservoir pressure, and the y axis represents normalized permeability coefficient,

which is between zero and one. The blue arrows represent the changing direction of
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effective stress. When reservoir pressure is decreased during reservoir depletion path,
which means effective stress is increased, the permeability reduces. Then when reservoir
pressure is increased as the re-pressurization path, the permeability does not rise much.
The results from these experiments show the permeability loss caused by reservoir
depletion is permanent, which cannot be recovered by the unloading path. In other words,
during the reservoir depletion process, most compaction behaviors are irreversible, which
we call the largest permeability hysteresis. Once the compaction process is completed, the
drop permeability cannot be recovered. Therefore, to control the drawdown pressure
during reservoir production is important for managing the compaction behaviors and
stress-dependent permeability decline.

Fig. 52 shows the permeability changes along with the varying of confining
pressure for two rock samples modified from Wang et al. 2017, where the mathematical
models of fitting curves are also provided. One cycle experiment of loading stage
(confining stress is increased) and unloading stage (confining stress is reduced) are
performed for both core samples. Pore pressure was constant during these experiments, so
the change of confining pressure can stand for the change of effective stress. The rock
deformation caused by the increase of compaction stress is not elastic deformation, where
the measured permeability is obviously path-dependent, and the permeability hysteresis is
obvious observed.

The changing trend of permeability on Fig. 52 is quite similar with the results of
Fig. 50, which will be used as references to model the permeability change during

reservoir depletion and well shut-in for the following sections of this chapter. Based on
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Eq. (54), both increasing confining stress and decreasing pore pressure can improve the
net effective stress. Previously, Fig. 52 has already demonstrated the permeability
hysteresis by changing the confining pressure. Actually, Liu et al. (2016) has conducted
similar experiments to show the stress-dependent permeability by changing pore water
pressure. On their experiments, confining pressure is constant and equal to 400 KPa. Pore
pressure was firstly increased and then decreased for changing the net effective stress. An
obvious permeability hysteresis was detected from the permeability data at different pore
pressures. Based on the two experimental results above, the influence of different direction
altering the net effect stress on the permeability hysteresis was excluded.

In this section, some experimental data were selected from literature to
demonstrate and prove the existing of stress-dependent permeability hysteresis. The
theory of irreversible compaction behaviors and pore compressibility hysteresis we
observed and proposed in the previous sections, can perfectly explain these experimental
permeability data. In the following sections of this chapter, the permeability hysteresis
will be used with reservoir modeling to show its impact on the permeability derived from

pressure transient analysis.
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5.5 Numerical Simulation Results and Analysis

5.5.1 Well Buildup Pressure Tests

A typical pressure buildup test was built with synthetic reservoir simulation. Fig.

53 shows the schematics of reservoir mesh for well buildup test, where a simple radial-

grid mesh was built, a vertical production well is on the central of the reservoir mesh, and

the color bar stands for reservoir pressure. Small grid size is designed for near wellbore

zone in order to better describe transient flow process. As Fig. 54 presents, the production

well was designed to firstly produce at constant flow rate 7000 stb/day for 10 days (from

August first to August tenth), and then the production well was shut in for one day to allow

pressure to build up.
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The initial input data for reservoir buildup test are displayed on Table (8). The
initial reservoir permeability is 500 millidarcy (md), the initial reservoir pressure is 8000
psi, the total compressibility is 4.20 x 10~ 1/psi, and the reservoir thickness is 9 ft. By
running reservoir simulation with the provided initial reservoir condition, Bottom Hole
Pressure (BHP) along with time is predicted and obtained. Next, the traditional Horner
Plot method is used to interpret the obtained BHP for deriving reservoir permeability and
skin factor. Two main equations of Horner plot method used in this section are shown on

Eq. (56) and (57). More details about the Horner Plot method is referred to Dake (1978).

Horner ratio = 22 (56)
o — l626uaB (57)
mh

Where t,, denotes production time before shut-in, At stands for well shut in time, k
represents reservoir permeability, u is fluid viscosity, g denotes fluid production rate, B
stands for formation volume factor, h represents formation thickness, m is the slope of the
linear section of the buildup plot, unit in psi/log cycle.

To investigate the effects of permeability hysteresis on the result of field-derived
permeability, three different cases of well buildup pressure test are conducted. The only
difference among the three cases is about how the reservoir permeability will be treated:
case 1) the permeability is assume constant; case 2) the permeability is stress-dependent
and the permeability change is reversible along with the pressure change; case 3) the
permeability change is irreversible along with the pressure change. Except for the different

permeability correlations above, all other reservoir properties and initial condition are the
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same for the three buildup cases. The numerical results will be analyzed by the Horner
Plot method for the three different case, and the derived permeability will be compared
among them.
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Figure 53: Schematic of reservoir mesh for well buildup test.
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Figure 54: Oil rate schedule for well buildup test.
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Table 8: Initial reservoir condition for well buildup test.

INPUT Data
Q_oail 7000 stb/day
Height 9 ft
Initial pressure 8000 psi
Initial porosity 0.18 -
Initial permeability 500 md
Formation volume factor 1.07 rb/stb
Total compressibility 4.20E-06 1/psi
Well radius 0.375 ft
Viscosity 1.12E+00 cp

For the case one with constant porosity and permeability, the Bottom Hole
Pressures (BHP) predicted from reservoir modeling are shown on Fig. 55, where x axis is
time and y axis is pressure. BHP decreases along with time because of oil production, and
then it rapidly increases after the well is shut in. By using Eq. (56) to calculate the Horner
time ratio, the linear section of Horner plot is chosen and presented on Fig. 56, where the
slope m and initial reservoir pressure can be obtained.

By using Eq. (57), the reservoir permeability is calculated and displayed on Table
(9). Before running reservoir simulation, the initial reservoir permeability is 500 md
shown on Table (8). After ten day’s production and one day shut-in, the derived reservoir
permeability is 502.7 md based on the Horner Plot method. The derived initial reservoir
pressure (8003.9 psi) shown on Table (9) is quite close to the provided initial reservoir

pressure (8000 psi). Both the derived reservoir permeability and initial reservoir pressure
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validate the accuracy of reservoir simulation and Horner Plot method. Overall, if reservoir
permeability does not change along with the pressure change, the permeability derived

from bottom hole pressure with Horner Plot method is the same with the provided initial

reservoir permeability.

Bottomhole Pressure vs. Time
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Figure 55: Bottom hole pressure produced from well buildup test.
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Figure 56: Bottom hole pressure along with Horner time ratio after well shut in.
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Table 9: Reservoir permeability and initial pressure obtained from Horner Plot

method.
PTA OUTPUT
From LN fit on Horner Time Plot
M 130.9 psi
Pi 8003.9 psi
M’ 301.4 psi/cycle
K 502.7 md

For the case two, the permeability is stress dependent and the permeability change
is reversible along with the pressure change. In other words, the permeability change
follows the same curve path when the pressure is increased or decreased. Fig. 57 shows
both porosity multiplier and permeability multiplier are changed along with pore pressure,
where the multiplier is the ratio of current value to initial value. Therefore, the current
permeability could be computed by multiplying initial permeability value with current
permeability multiplier. The black arrows on Fig. 57 stand for the direction of pressure
change. The stress-dependent porosity and permeability correlations on Fig. 57 are plotted
based on an existing compaction table, where a porosity multiplier and permeability
multiplier are provided at each certain stress level. For the rest of this chapter, we will use
compaction table to represent the porosity and permeability change along with the pressure

change.
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Similar to the case one, Fig. 58 presents the results of bottom hole pressure along
with time and Horner time ratio for case two. During the first ten day’s oil production, the
reservoir permeability is reduced along with the decline of reservoir pressure and the
increase of effective stress. After the well is shut down, reservoir pressure is restored,
which leads to an increase of reservoir permeability. Based on the Horner Plot method,
the derived reservoir permeability is 465.7 md for case two, which is 7% smaller than the
initial reservoir permeability (500 md). Additionally, the derived initial reservoir pressure
IS quite close to the original reservoir pressure as well.

For the case three, the permeability change is irreversible along with the pressure
change, which means the permeability change follows different paths when the pressure
is increased or decreased. To better show the difference between reversible permeability
correlation and irreversible permeability correlation, we chose to use an extreme
irreversible case: the porosity and permeability keep constant when the pressure is
rebounded. Fig. 59 displays permeability multiplier changes along with pore pressure for
case three. When pressure is reduced along with the black arrow, permeability multiplier
follows the red curve. When pressure is increased later on, permeability multiplier stays
constant and does not increase at all. The black and blue curves on Fig. 59 are two
examples, which are largest permeability hysteresis.

Fig. 60 shows the results of bottom hole pressure along with time and Horner time
ratio for case three. During the first ten day’s oil production, the reservoir permeability is
decreased along with the decline of reservoir pressure and the increase of compaction

stress. However, after the well is shut down, the reservoir permeability keep constant when
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reservoir pressure is rebounded, which is caused by irreversible compaction behaviors and
permeability hysteresis. The reservoir permeability derived from Horner plot method for
case three is 361.6 md, which is 27.7% smaller than the initial reservoir permeability.

The summary of derived rock permeability for the three different buildup tests are
provided on Table (10). Comparing the three different cases, we found the permeability
derived from Horner plot method is smaller when the stress-dependent permeability
(compaction table) is considered. The case three with irreversible permeability change
provides much smaller permeability than the case two with reversible permeability
change. Therefore, if to consider the stress-dependent permeability or not plays an
important role on the derived reservoir permeability. It is not wise to simply assume
constant permeability without full study and investigation. One note is worthy to be
pointed out: the permeability derived from buildup pressure and Horner plot method
represents the average permeability of near wellbore zone, which stands for the flow
conductivity from near wellbore reservoir zone to wellbore after well is shut-in.

Fig. 61 shows the pressure and permeability distribution at end of production time
and before shut-in moment, where color bars stand for the value of pressure and
permeability. The left figure is for reservoir pressure, which varies from 5215 psi to 8000
psi. The right figure is for reservoir permeability, which varies from 173 md to 500 md.
Since the pressure is different at various locations of reservoir, the stress-dependent
permeability is different at various reservoir locations. The closer to the wellbore, the
lower to the reservoir pressure and permeability. However, the pressure buildup test only

provides one average reservoir permeability derived from the Horner plot method.
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Figure 57: Porosity multiplier and permeability multiplier along with pore pressure
for case two.
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Figure 58: Bottom hole pressure along with time and Horner time ratio for case
two.
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Figure 59: Permeability multiplier along with pore pressure for case three.
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Figure 60: Bottom hole pressure along with time and Horner time ratio for case
three.
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Table 10: Summary of derived permeability from three buildup tests.
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Figure 61: Pressure and permeability distribution at end of production time.

5.5.2 History Matching Bottom Hole Pressure
In this section, the reservoir models will be built based on the provided laboratory-
measured and field-recorded data. History matching is a common approach to adjust

reservoir model for reproducing the previous behavior of reservoir and increasing the
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accuracy of reservoir simulation. The benefits of history matching include: improve and
validate the reservoir simulation model, better understand the reservoir depletion
processes, and recognize unusual operating conditions. Typically, in order to match the
historical production and pressure data, the adjustments have to be made to the existing
reservoir model. Meanwhile, these adjustments should be made under the consideration
of geological and engineering consistent manner. The common adjusted parameters
include aquifer size, reservoir permeability, and pay-zone thickness. In this section, we
will mainly adjust reservoir permeability to match the historical bottom hole pressure data.

Fig. 62 shows the daily production rates of oil, gas, and water for three years from
2014 to 2017. The green curve stands for oil production, the red curve represents gas
production, and the blue curve represents water production. The production rates of oil
and gas were rapidly reduced during the first year, and they keep almost stable for the rest
two years. Water start to be produced from October of 2015 to October of 2017. In addition
to production data, some pressure results from buildup tests have been provided as well.
Fig. 63 presents the historical data of Bottom Hole Pressure (BHP) from August to
October of 2014, where the peaks stand for different buildup tests. Each buildup test is
typically last one day. The BHP data during the buildup test around September 22 of 2014
are chosen for the numerical simulation of history matching, which is highlighted as red
dash circle on Fig. 63. The time for the selected bottom hole pressure is from September
17 to September 23 of 2014, and the well shut-in was last about 22 hours.

Based on the provided production data and field data, reservoir modeling will be

built, where the reservoir permeability will be adjusted to match the historical bottom hole
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pressure data. Three different numerical cases will be built to match the same bottom hole
pressure data: a) the reservoir permeability is assume constant; b) the permeability is
stress-dependent and the permeability change is reversible along with the pressure change;
c) the permeability change is irreversible along with the pressure change. Except for
different permeability correlations above, all other reservoir properties and initial
conditions are the same for the reservoir modeling of history matching. Based on the same
bottom hole pressure, the permeability results derived from different numerical cases will

be compared and analyzed.
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Figure 62: Daily production rates of oil, gas, and water for three years.
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Bottom Hole Pressure vs. Time
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Figure 63: Bottom hole pressure along with time for a series of build-up tests.

As a critical part of reservoir model, PVT properties are required to evaluate the
composition, phase behavior, and transport properties of reservoir fluid. Table (11)
presents the summary of PVT data measured from core samples, where constant
composition expansion and differential vaporization tests are conducted. The PVT table
includes oil volume factor, oil viscosity, gas volume factor, gas-oil ratio, gas viscosity,
and oil compressibility at different pressure levels. At the reservoir temperature of 149°F,
the measured bubble point pressure was 4219 psia. The reservoir fluid viscosity was
measured to be 1.56 cp at the reservoir condition, where the reservoir pressure was 6849
psia. The modeling time is settled as the same with the selected build up test: from

September 17 to September 23 of 2014. Due to production rates are provided as daily base
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and big difference exists among the production rates during these selected days, an average
production rate is used as input for the reservoir modeling.

For the case one with the constant permeability, Fig. 64 shows the results of
Bottom Hole Pressure (BHP) along with time, where x axis is time and y axis is well
bottom hole pressure. The blue points are gauge-recorded BHP data from Gulf of Mexico
reservoir field, and the red curve stands for the BHP results produced from reservoir
simulation. The objective is to history match the BHP data from simulation with the
gauge-recorded BHP by adjusting the reservoir permeability. More importantly, for this
history matching, to match the BHP data after well shut-in (September 22) is much more
significant than the data match before well shut-in. This is because it is the BHP data
during reservoir buildup period (after well shut-in) that will be used to derive the reservoir
permeability from Pressure Transient Analysis (PTA). Therefore, the priority is to match
the BHP data during reservoir build up. On Fig. 64, the BHP data from reservoir modeling
are well matched with the BHP from field-recorded, especially for the period after well
shut-in. The reservoir permeability derived from the history matching BHP is 380 md for

the case one with constant permeability.
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Table 11: Summary of PVT measurements on core samples.

Pressure vo%irlne _ OiI_ Gas volume Gas—_oil _Gas_ Oil_ B

(psi) factor viscosity factor ratio viscosity comp[issmll_lty
(bbl/STB) (cp) (RCF/SCF) | (SCF/STB) (cp) (* 107° 1/psia)

14.7 1.037 8 1.1639 0 0.00751

515 1.116 3.73 0.0314 160 0.0117

1115 1.162 3.04 0.0137 256 0.01364

1615 1.197 2.4 0.0091 334 0.01518

2115 1.224 2.1 0.0069 416 0.01678

2615 1.262 1.8 0.0056 504 0.01855

3115 1.296 1.59 0.0048 599 0.02044

3615 1.332 1.38 0.0042 694 0.02249

4219 1.388 1.28 823 10.64

4315 1.386 1.29 10.48

4517 1.383 1.31 10.15

5020 1.377 1.36 9.44

6025 1.364 1.47 8.34

6849 1.355 1.56 7.67

8017 1.344 1.7 6.95
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Figure 64: History matching bottom hole pressure for the case of constant
permeability.

Fig. 65 shows the results of history matching Bottom Hole Pressure (BHP) for the
case two with the reversible stress-dependent permeability. The permeability is stress-
dependent and the permeability change follows the same path no matter the pressure is
increased or decreased, which is similar with the right curve of Fig. 57. The procedures,
objective, and priority of the case two are the same with the case one above. By matching
the gauged-recorded BHP (especially for the pressure after well shut-in), the derived
reservoir permeability is 420 md. When the reversible stress-dependent permeability is
considered, the BHP data before well shut-in is better matched than the case of constant

permeability by comparing Fig. 64 and 65.
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On the other hand, in order to obtain a good enough match for the BHP after well

shut-in, the permeability of near wellbore zone has been adjusted. This adjustment could
be understood as consequence of skin effects, such as reservoir damage and formation
fracturing, which are typically evaluated by a skin factor. The skin factor due to the
presence of a zone of altered permeability near the wellbore is calculated by Eq. (58). For
the case two with reversible stress-dependent permeability, the calculated skin factor is
equal to —4.0, where negative value represents reservoir stimulation, an increase of
formation permeability.
s = (ki ~1)In (:—W) (58)
Where s represents skin factor, k represents original formation permeability, k represents
the permeability of damaged zone, r; stands for radius of penetration damage zone include
the wellbore, 1, stands for wellbore radius.

For the case three of history matching bottom hole pressure, the permeability
change is irreversible along with the pressure change. Fig. 66 presents the permeability
multiplier hysteresis along with the pressure change. The permeability multiplier, which
is between zero to one, is defined as the ratio of current permeability to initial reservoir
permeability. The black curve stands for the main path of the permeability change when
pressure is decreased during reservoir depletion. The rest colorful curves represent
different rebound paths when the pressure is increased from a low pressure level later on.
Additionally, a linear interpolation method is used to calculate the permeability multiplier

among these curves.
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What Fig. 66 shows is a general permeability hysteresis case, which is different
with the irreversible permeability case we used in the above section. For the irreversible
case, the permeability stays constant when the pressure is rebounded later on. However,
for the permeability hysteresis case, the permeability will be still gradually increased when
the pressure is rebounded, but it just follows different rising paths for the permeability
change. Overall, the irreversible permeability case is the extreme example of permeability
hysteresis case, which presents the largest permeability difference when reservoir pressure
is decreased and then increased. Fig. 67 presents the results of history matching bottom
hole pressure for the case three with the permeability hysteresis. The BHP data after well
shut-in is well matched, and the adjusted reservoir permeability making the match
happening is 430 md. The skin factor caused by the presence zone of altered permeability
is —4.1 based on Eqg. (58).

By comparing the case one with constant permeability and the case two with
reversible permeability change, a larger permeability was derived from history matching
bottom hole pressure when the stress-dependent permeability is considered. In other
words, based on certain given BHP data, if we don’t consider the permeability change
(constant permeability), the permeability derived from history matching BHP will be
smaller, which in return explains why we could observe a larger permeability decline from
the initial permeability. On the other hand, the permeability change along with the pressure
change has already been proved based on our field data and laboratory measurements in

the above sections. Therefore, the stress-dependent permeability must be considered for
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the reservoir modeling of Gulf of Mexico Deepwater, especially when we try to derive
reservoir permeability from history matching bottom hole pressure.

By comparing the case two with reversible permeability change and the case three
with permeability hysteresis, a larger permeability was derived from the case three, even
though only 10 md larger. The main reason for the small difference (10 md) is that there
was not enough pressure drop during the reservoir depletion, which in return did not bring
much permeability decline. Based on Fig. 67, only around 270 psi pressure drop is
observed for bottom hole pressure from the beginning to the moment of well shut-in.
Comparing with decline of the bottom hole pressure, the pressure drop for near wellbore
reservoir zone would be smaller. Therefore, not large enough permeability decline would
be produced from the small pressure drop, and the difference between the case two with
reversible permeability and case three with permeability hysteresis is much smaller.

If a large reservoir pressure drop happens near wellbore zone, such as from high
production rate or long production time, we could see obvious difference about the derived
permeability between the two cases: reversible permeability change and permeability
hysteresis. To sum up, correctly applying stress-dependent permeability correlation is
critical for deriving reservoir permeability based on history matching bottom hole
pressure. A small permeability will be obtained if reservoir permeability is simply
assumed constant, which in return will be interpreted as a large permeability decline. The
permeability hysteresis should be taken into account, and the correlations could be

measured from laboratory measurements.
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Figure 65: History matching bottom hole pressure for the case of compaction table
with reversible change.
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Figure 66: Permeability multiplier hysteresis along with the pressure change.
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Figure 67: History matching bottom hole pressure for the case of permeability
hysteresis.

5.5.3 Brugge Offshore Field Simulation

The Brugge offshore field is a synthetic reservoir built by TNO, which is often
used as a unique SPE benchmark reservoir model for scientific research from water-
flooding test to history matching validation. According to Peters et al. (2009), the Brugge
field contains an East-West elongated half-dome with a large boundary fault at its northern
edge, and an internal fault with a modest throw to the northern edge. The Brugge reservoir
is designed as a typical North Sea Brent-type field in terms of the formation properties
and thicknesses. The critical reservoir properties, such as porosity, permeability, water

saturation, PVT, and sedimentary facies have been provided for reservoir simulation.
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Fig. 68 shows a schematics of 3D reservoir model for Brugge offshore field, where
20 vertical production wells have been drilled and completed. The mesh dimensions of
this 3D reservoir modeling are 70 x 24 x 9. The Brugge field will be producing without
pressure support from active aquifer. The initial reservoir pressure is 8000 psi, and the
reservoir wells are scheduled to be produced for 20 years, where black oil isotropic model
is applied. The default operating constraints for this reservoir modeling are 4000 psi of
minimum bottom hole pressure and 10,000 STB/day of maximum production rate. In this
section, we mainly focus on the effects of reservoir compaction and stress-dependent
permeability on cumulative oil production based on the Brugge offshore field.
Additionally, sensitivity analysis will be also conducted in terms of bottom hole pressure,
production rate, shut-in periods, and water injection.

Fig. 69 shows effects of reservoir compaction on cumulative oil production for two
different cases based on Brugge offshore field, where x axis is time and y axis is
cumulative oil production. One case (red curve) is for constant permeability, and the other
case (blue curve) is for permeability change with compaction table. Apparently, when the
stress-dependent permeability (compaction table) is considered, the predicted cumulative
oil production is much smaller than the case with constant permeability. The difference of
cumulative oil production between the two cases is 5.8 x 107 STB for 10 years and 6.31 X
107 STB for 20 years, which means the production difference is increased along with the
producing time. If we don’t consider the stress-dependent permeability for reservoir
simulation, the predicted cumulative oil production will be significantly over estimated,

which will largely mislead reservoir management and field development.
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Figure 68: Schematic of 3D reservoir model for Brugge offshore field.
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Figure 69: Effect of compaction on cumulative oil production.
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In order to investigate the impacts of different parameters on cumulative oil
production and learn how to optimize operation constraints for maximizing production,
sensitivity analysis are performed as follows. Fig. 70 shows effect of bottom hole pressure
on cumulative oil production. Four different numerical cases are conducted: the cases with
constant permeability for bottom hole pressure of 2000 psi and 4000 psi, and the cases
with compaction table for bottom hole pressure of 2000 psi and 4000 psi.

Several points are observed when we compare the numerical results among the
four different cases. Firstly, the results on Fig. 70 confirm the cumulative production is
largely increased at a lower bottom hole pressure, no matter if the stress-dependent
permeability is considered or not. Secondly, by comparing the two cases with constant
permeability, the cumulative production is increased about 6.43 x 107 STB when bottom
hole pressure is decreased from 4000 psi to 2000 psi. By comparing the two cases with
compaction table, the cumulative production is increased about 3.10 x 107 STB when
bottom hole pressure is decreased from 4000 psi to 2000 psi. Therefore, the increase of
cumulative production because of the smaller bottom hole pressure becomes significantly
less when the stress-dependent permeability is considered. In other words, to reduce
bottom hole pressure might not boost as much cumulative production as we expected when
the stress-dependent permeability is taken into account.

Thirdly, by comparing the two cases with bottom hole pressure of 4000 psi, the
cumulative production is reduced about 6.31 x 107 STB if we consider the compaction
table for reservoir simulation. By comparing the two cases with bottom hole pressure of
2000 psi, the cumulative production is reduced about 9.64 x 107 STB if we consider the
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compaction table for reservoir simulation. Therefore, the cumulative production drop
caused by the stress-dependent permeability becomes much larger at lower bottom hole
pressure. This is mainly because that a larger permeability decline was caused by a larger

pressure drop.

CUMULATIVE PRODUCTION VS. TIME
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Figure 70: Effect of bottom hole pressure on cumulative oil production.

Fig. 71 presents the results of cumulative oil production along with time for five
cases with different maximum production rate, where the stress-dependent permeability
has been considered. The operating constraints are minimum bottom hole pressure of 4000
psi and varied maximum production rate. Five different maximum production rates are
performed: 2000, 4000, 6000, 8000, and 10,000 STB. As on Fig. 71, when maximum
production rate is larger than 4000 STB, such as 6000 and 8000 STB, there is no obvious

difference for the cumulative oil production. The critical production rate could be roughly
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estimated around 4000 STB based on that numerical results. Therefore, there is no obvious
need to produce hydrocarbon at very high production rate from this offshore reservoir field
since it does not contribute much for the increase of cumulative oil production, which, on
the other hand, might quickly consume excessive reservoir energy.

However, if the stress-dependent permeability is considered, the results will be
different in terms of critical production rate. Fig. 72 shows the results of cumulative oil
production for five cases with different maximum production rates, where constant
permeability is assumed. The results show obvious difference of cumulative production is
observed among the cases of 2000, 4000, and 6000 STB. The critical production rate is
roughly estimated around 6000 STB. When the maximum production rate is larger than
6000 STB, on obvious difference is observed for the cumulative production. By comparing
the results from Fig. 71 and Fig. 72, the critical production rate is lower when the stress-
dependent permeability was considered for reservoir simulation, which in return could
provide some guides about optimizing production rate for better production performance.

Fig. 73 shows the results of cumulative oil production along with time for three
cases with different compaction tables, where no well shut-in has been scheduled. The
three different cases are reversible compaction table, compaction table with hysteresis,
and irreversible compaction table (largest hysteresis). The results demonstrate the
cumulative oil production is the same among the three cases if there are no well shut-in
periods. The key difference between the three cases is the stress-permeability path when
pressure is increased. However, if there is no pressure rebound caused by well shut-in or

other operations, the permeability will just keep decreased along with the reservoir
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pressure drop following the main stress-permeability path, which is exactly the same for
all the three cases. Therefore, no difference of cumulative oil production is observed on
the results of Fig. 73. However, on the other hand, the analyzed results above will be
different if well shut-in are scheduled during the reservoir production.

Fig. 74 presents the results of cumulative oil production for three cases with
different compaction tables, where well shut-in is scheduled to happen three times during
the first six years. For example, wellbore maintenance could be one reason for well shut-
in. When well shut-in is occurring, production rate will become zero, and the cumulative
production curve will become flat, as shown on Fig. 74. The results show the cumulative
oil production is lowest for the case of irreversible compaction table, which is about 4%
less than the case of reversible compaction table in terms of final cumulative oil
production. There is no obvious difference between the case of reversible compaction
table and compaction table with hysteresis. Of course, the difference among the three cases
highly depends on the amount of reservoir pressure drop, how strong the permeability
hysteresis is, and the length of well shut-in. Overall, when adding well shut-in schedule,
the cumulative oil production could be different for various compaction tables. Therefore,
appropriate compaction table (stress-dependent permeability correlation) should be used

for reservoir simulation and production prediction.
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Figure 71: Effect of production rate on cumulative oil production for the case with
permeability change.
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Figure 72: Effect of production rate on cumulative oil production for the case with
constant permeability.
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Figure 73: Effect of compaction on cumulative production without well shut-in.
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Figure 74: Effect of compaction on cumulative production with well shut-in.
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Fig. 75 presents the effect of varied Bottom Hole Pressure (BHP) on cumulative
oil production for three different cases: constant permeability, reversible compaction table,
and irreversible compaction table. The motivation of varying bottom hole pressure is from
the observation of daily production rate profile of on Fig. 62, where production rate
fluctuated about 15%. The production rate fluctuation could be from the variation of
bottom hole pressure. Therefore, we want to investigate the effects of varied BHP on
cumulative production when different compaction tables are considered. In the three
numerical cases above, bottom hole pressure was arranged to repeatedly go up and down
800 psi (20%) every month based on the initial BHP of 4000 psi.

As the results shown on Fig. 75, the cumulative oil production is different among
the three cases. In terms of final cumulative oil production after 20 years, the case of
constant permeability is 20% higher than the case of reversible compaction table, and the
reversible compaction case is 4% higher than the irreversible compaction case. Therefore,
the variation of bottom hole pressure could provide different result of cumulative oil
production for various compaction tables. If the compaction table with permeability
hysteresis is required to be considered for reservoir compaction behaviors, optimizing the
schedule of different bottom hole pressures might improve overall production
performance.

Fig. 76 shows the effect of water injection on cumulative oil production. Two cases
are conducted: case one includes water injection, and case two does not. The stress-
dependent permeability has been taken into account for both numerical cases above. The

results present the cumulative oil production can be increased by water injection. This is
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because water injection can maintain reservoir pressure and simultaneously minimize
permeability decline. For the case two without water injection, reservoir permeability
gradually decreases along with the drop of reservoir pressure. For the case one with water
injection, the decline of reservoir permeability is weakened by the support of water
injection.

The difference of cumulative production between the two cases becomes relative
narrower at the late production stage on Fig. 76. The main reason is explained as
following. For the case one with water injection, much more hydrocarbon has been
produced because of relative high reservoir permeability. However, after around seven
years’ production, the production rate of case one gradually becomes smaller than the
production rate of case two. This is because certain water injection is not enough to support
excessive reservoir depletion caused by large hydrocarbon production. Overall, water
injection can significantly improve the cumulative production for reservoir considering
the stress-dependent permeability, at least for certain years. On the other hand, water
injection might not be cost-efficient in terms of high expense for GOM Deepwater fields,

except that there are existing available wells for water injection.
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Effect of Varied BHP on Cumulative Oil
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Figure 75: Effect of varied BHP on cumulative oil production for three different
cases.
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Figure 76: Effect of water injection on cumulative oil production.
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5.6 Conclusions and Discussions

Based on the provided laboratory and field data of Gulf of Mexico Deepwater
turbidite reservoirs, the dynamic compaction effects on the permeability loss and
cumulative production have been investigated. The permeability hysteresis caused by
natural irreversible compaction processes are proposed to explain the difference between
the laboratory-measured and field-evaluated permeability decline trends. The well buildup
pressure tests and history matching bottom hole pressure modeling are conducted to show
the derived permeability differences among the numerical cases with different compaction
tables. Additionally, the coupled flow and geomechanics models with proposed
compaction mechanism have been built to predict the compaction impacts on the
permeability decline and production performance for several different operating scenarios.
Overall, several conclusions shown as follows are drawn from the results of this study:

1) The compaction processes can be generally divided into two phases for
unconsolidated GOM sands: consolidation and deformation.

2) lrreversible compaction processes are obviously observed in thin section
micrographs, which results in the hysteresis of rock compressibility and
permeability.

3) The permeability decline is mainly caused by pore pressure drop and irreversible
compaction.

4) The stress-dependent permeability largely reduces the cumulative hydrocarbon

production.
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5)

6)

7)

8)

Based on the pressure buildup tests, the reservoir permeability derived from
Horner Plot method is smaller when the stress-dependent permeability is
considered.

With considering compaction table, the permeability derived from history
matching bottom hole pressure is larger, and the predicted critical production rate
is smaller.

The modeling with different compaction tables show obvious differences on the
cumulative production when either well shut-in periods or varied bottom hole
pressure are considered.

Water injection could improve cumulative production by maintaining reservoir

pressure and minimizing permeability loss, while it might be not cost-efficient.

Additional research is still required to further understand the mechanisms

governing hydrocarbon flow and permeability change within the unconsolidated
formations in order to mitigate compaction effects and maximize well production. Since
natural irreversible compaction processes are widely observed in unconsolidated GOM
Deepwater reservoirs, compaction effects and permeability hysteresis should be taken into
account as an important part of integrated plan for reservoir management and field
development. A compromise solution between maximizing hydrocarbon recovery
benefitting from compaction drive and mitigating the compaction effects on reservoir
integrity need to be made by controlling the production rate and flowing Bottom Hole

Pressure (BHP). Continued filed monitoring is a critical part of reservoir development,
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where the recorded data (BHP and production data) can be used to validate geomechanical
reservoir modes and improve the accuracy of predictions.

To be specific, the recommendation of future work about this project can be briefly
described as: a) analyze more pressure buildup data and conduct more history matching
on BHP for cross-validating the proposed mechanism; b) develop a solid coupled flow
and geomechanics reservoir model for the applied Deepwater well by history matching
both production rates and multiple buildup BHP; c) improve techniques for deriving
stress-permeability compaction tables without relying on significant production data, such
as based on laboratory-measured data; d) apply the developed techniques and learned
lessons to minimize compaction issues and optimize production performance for different

operating scenarios in GOM Deepwater reservoirs.
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CHAPTER VI

STRESS CREEP AND EFFECTIVE STRESS COEFFICIENT*

6.1 Introduction

The production and reserves decline from conventional resources has caused
unconventional resources more and more important. Unconventional reservoirs, such as
shale, coalbed methane, and heavy oil, typically have low porosity and extra-low
permeability, so enhanced recovery techniques must be required. With the advanced
technologies of multistage fracturing and horizontal drilling, significant amounts of
hydrocarbons have been economically produced from shale reservoirs to satisfy the
increasing global energy demand. By applying scanning electron microscope (SEM)
images, different pore-media have been extensively observed in shale core samples:
organic matter also known as kerogen, inorganic matter (such as clay, quartz, and
carbonate), and the fractures. Due to different rock properties and flow mechanisms on
each pore medium, the presence of multiple pore-media and fracture networks has made
reservoir characterization and prediction of production performance more complex and
challenging (An 2014; Zhang et al. 2017; Zhu et al. 2018; Zhang et al. 2018). Rock
permeability is an essential factor for production prediction and economic evaluation,

which is often measured based on core samples in laboratory. However, several

* Part of data reported in this chapter is reprinted with permission from “Impacts of Kerogen and Clay on
Stress-Dependent Permeability Measurements of Shale Reservoirs” by An, C., Guo, X., Killough, J., 2018.
Paper presented at the Unconventional Resources Technology Conference, 23-25 July, Houston, Texas,
USA. Copyright 2018 by URTeC, whose permission is required for further use.
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phenomena such as stress creep and effective stress coefficient still present difficulties in
correctly measuring and interpreting permeability under varying compaction stresses for
core measurements.

Based on the thorough literature review, not much research has been conducted to
investigate the impacts of kerogen and clay on stress-dependent permeability
measurements for shale rocks because of the presence of the creep phenomenon and path-
dependent stress. The improved knowledge is inquired to enable the development of best
practices for tight rock permeability measurements and provide more accurate results of
permeability for reservoir management. Therefore, in the study of this chapter, the
mechanisms of stress creep and effective stress coefficient are fully investigated. Their
impact on permeability measurements are analyzed by various experiment data. Both
physics, stress creep and effective stress coefficient, are highly related to the content of
kerogen and clay in rock samples, so the targeted formation is mainly organic-rich or clay-
rich shale reservoirs. The structure of this chapter is described as follows. Firstly, the creep
strain model is introduced to calculate the creep strain and stress change over time based
on the time-dependent behavior of compaction creep. Secondly, an improved stress-
dependent permeability model is proposed to predict the permeability decline under
constant stress along with time caused by the stress creep phenomenon. Thirdly, effective
stress coefficient is thoroughly studied, where its effect on permeability change and

cumulative production is investigated by the coupled flow-geomechanics model.
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6.2 Creep Strain Model
6.2.1 Creep Behavior

The time-dependent behavior of soils and porous rocks has been widely
investigated though uniaxial and triaxial tests (Augustesen et al. 2004, Danesh et al. 2017).
The creep process performed under constant stress is shown in a strain-time diagram on
Fig. 77, where the process is usually divided into three stages: primary creep (transient
creep), secondary creep (steady-state creep), and tertiary creep (accelerating creep). At the
initial time t,, an initial strain &, is brought by initial stress. When the exerted stress is
kept constant, the strain still increases along with time. On the other hand, to correctly
measure rock permeability and porosity is quite important for characterizing reservoir and
predicting production performance during depletion, which is accomplished by
experimental measurements in laboratory. However, most permeability experiments were
performed in a relative short time, where the impacts of compaction creep on rock
properties have not been taken into account. Based on the time-dependent strain, the
compaction creep refers to a decline of measured permeability over time while a constant
confining stress is applied.

Fig. 78 presents schematics of relationships among permeability, net stress
(effective stress), and time during creep process. The left image describes permeability
decreases along with the increasing of net stress, which has been observed on many
experimental data (David et al. 1994, Mokhtari et al. 2013, Chhatre et al. 2014). When the
net stress is kept constant from point A to B, the permeability still decreases because of

compaction creep impacts. As Fig. 4 shows, the measured oil permeability decreases along
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with time under constant net confining stress because of the stress creep phenomenon.
Therefore, the objective of this study is to investigate the effects of compaction creep on
permeability measurements and how to correctly quantitatively account for it. Before we
move on, let us again elaborate on the concept of effective stress because it is extensively
used in this chapter. Terzaghi (1923) was the first to introduce the equations of effective
stress for soil analyses. Then Biot (1941) derived the elasticity equations governing
poroelastic behaviors for calculating deformation. In the section four of chapter five, the
equations of effective stress law are expressed as on Eq. (54) and (55). The effective stress
is equal to total applied stress mines the product of pore pressure and Biot’s coefficient,

where Biot’s coefficient a is typically very close to one.

primary secondary tertiary

S

to time

Figure 77: Three stages of creep behavior under constant stress.
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Figure 78: Schematics of relationships among permeability, net stress, and time
during creep.

The creep process can be significantly complex because it could include elastic
creep, viscoelastic creep, plastic creep, and brittle creep (Boukharov and Chanda, 1995).
However, we only focus on the impacts of compaction creep on permeability
measurements in this study. The tertiary stage of creep is often ignored because it is related
to rock failure and we don’t fracture core samples during core-flooding experiments.
Usually, the proposed creep model become so complicated that there is no real practical
way to apply it for engineering problems. Therefore, only the primary stage of compaction
creep (transient creep) is considered in this study, and a simplified formulation is provided
to calculate the creep strain along with time.

There are two major reasons for this proposal. Firstly, based on the experimental
results of the strain behavior of porous media, some exponential functions have been
observed to well match the creep strain data along with time (Sone and Zoback 2010,
Brantut et al. 2013, Li et al. 2013, Liu et al. 2015, Yu et al. 2016). The primary stage of

creep strain is mainly an exponential function. Secondly, the secondary stage of creep
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(steady-state creep) strain is mainly a linear function of time and the slope is usually small.
In other words, not much increase of strain will be observed during a certain long time in
the secondary stage. Additionally, the creep strain of the primary stage is often much larger
than that of the secondary stage.

The creep strain formulation derived from the primary stage are shown on Eqg. (59)
and (60) (Nishihara 1952, Skrzypek and Ganczarski 2015). The first term on the right hand
o/E, denotes the instantaneous strain under stress at t = 0%, and the second term stands
for the viscoelastic strain changes along with time. This creep strain model is derived by
combining the Maxwell model and the Kelvin-VVoigt model, where the differential stress-
balance equation is displayed in Eq. (60). By integrated Eq. (60) with initial condition, the
strain Eq. (59) is obtained. Fig. 79 displays the schematic of the proposed creep model
under compaction, where the total strain is made up of two parts. The instantaneous strain
is mainly caused by the brittle part of rock based on Hookean substance law. The
viscoelastic strain is primarily caused by both brittle and soft parts together in rock, which
is based on Newtonian substance law.

The viscoelastic compaction strain occurs when the applied stress is less than the
yield stress of rock, which is the most typical stress condition during permeability
measurements. Even though permeability hysteresis and plastic strain were observed in
some experimental data, we don’t consider visco-plastic strain in this study as we
explained above. The strain change related to thermal expansion is not taken into account

as well.

g

e(t) = Ei +— [1 —exp (—%t)] (59)

e Eye Ne
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(60)

where ¢ denotes strain, t represents time, o is the applied stress on the rock surface, E,
and E,, stand for elastic and viscoelastic moduli, 1, represents viscosity coefficient of

material.
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Figure 79: Schematic of compaction creep model.

6.2.2 Permeability Measurement Test

Permeability measurement is a critical part to predict the potential of hydrocarbon
flow in core samples and productivity of the targeted formation. Due to low porosity,
extra-low permeability, and complex lithology, to measure permeability for tight shale
reservoirs is different from the procedures for conventional rocks. Steady state flow rate
is the most typical method for the measurement of permeability, where a constant pressure
drop is provided to allow gas or liquid flow from one side to other side of core, and then
the permeability is calculated by Darcy’s law. However, this method faces a few
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challenges to low permeability rock, such as significantly longer equilibration time. In
tight rocks, permeability has been also measured by unsteady state approaches based on
core plug or crushed rock.

Two common unsteady-state approaches are pulse decay method and crushed rock
method. For the pulse decay method (Dicker and Smits, 1988), a pressure pulse is provided
at the upstream of core plug to allow pressure decay over time, where the transient pressure
decay is used to derive permeability. For the crushed rock method (Luffel et al. 1993,
Profice et al. 2012), a quantity of small rock particles is used to estimate permeability
using a pulse decay experiment. Even though the crushed rock method is faster and less
expensive than traditional plug tests, it is restricted to measurement in the absence of
overburden stress effects, which does not represent in-situ reservoir condition. For both
the steady-flow method and the pulse decay method, core plug is used to measure
permeability under certain confining pressure, which means the stress impacts have been
taken into account.

Fig. 80(a) presents a typical schematic of permeability measurement apparatus on
core plug. Core plug is placed in a core holder, where a sleeve fluid system is used to
provide a constant confining pressure. To realistic mimic reservoir conditions, fluid
pressure inside pore media should be maintained by pump as well for permeability
measurement. However, in many experiments, pore pressure is simply ignored for
simplicity, and only the confining pressure is changed to adjust effective stress based on
the effective stress law equation. Fig. 80(b) shows the stress state around core plug based

on Fig. 80(a). In addition to pore pressure p,,.. and confining pressure o., the equal
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uniaxial stresses are applied on the two sides of the core plug. It should be noted that P,
is certainly larger than P,,,; in order to provide driving force. However, since the pressure
difference between them is usually significantly smaller than the confining stress and a
stress balance system is required to calculate creep strain, it is assumed that we use their
average value for the axial stress.

Based on the triaxial compression test theory, the stress-strain equations are
displayed in Eq. (61) to (64). If the creep strain is calculated based on Eq. (59), Eq. (65)
to (66) could be derived, where the creep strain is a function of stress and time. Because
of the creep strain mechanism, the stress change over time is displayed as in Eq. (69) and
(70), where the axial and lateral strain changes can be calculated based on Eg. (67) and
(68). In order to derive these equations below, three major assumptions are required as
follows: rock properties are homogeneous; Young’s modulus and Poisson’s ratio do not

change over time because of creep; the stress balance is maintained all the time.

£ax = 7 [(Oax — @Ppore) — 20(0c — APpore)] (61)
Elateral = 3 [ (1= 1) (0c = @Ppore) = V(ax — @Ppore)] (62)
Oax = % Eax T %Slateral] + APpore (63)
Oc = m [VEax + Elatera]l + APpore (64)

1 1
€ax = E_e [Uax — 2vo, + appore(zv - 1)] + Eop [O-ax — 2vo, + UPpore (2v - 1)] [1 a

ev

exp (— % t)] (65)
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Figure 80: Schematics of (a) permeability measurement on core plug; (b) stress

state on core plug.
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6.3 Improved Stress-dependent Permeability Model

Effective stress has an obvious effect on rock permeability, especially on low-
permeability sedimentary rocks. During reservoir depletion caused by hydrocarbon
production, reservoir permeability is reduced along with the decrease of pore pressure and
the increase of effective stress exerted on rock. Based on the experimental measured data,
many empirical relationships have been proposed to describe the permeability change
along with stress change (David et al. 1994, Evans et al. 1997, Ghabezloo et al. 2009). The
fitting relationships can be generally divided into exponential law and power law
relationships.

David et al. (1994) performed stress-dependent permeability experiments for five
different sandstones by using water as test fluid. They suggested an exponential
relationship would be suitable to describe the permeability reduction caused by
compaction. Based on the results of measurements, Mokhtari et al. (2013) stated effective
permeability declined exponentially with increasing effective stress for both fractured and
unfractured shale core samples. Chhatre et al. (2014) used a steady-state method to
measure liquid permeability of intact tight rock samples under net confining stress. The
fitting curves based on their measurements display an exponential relationship between
permeability and stress. Katsuki et al. (2016) stated the permeability of Eagle Ford core
exponentially decreases with the increase of net stress based on their experimental

permeability measurements.
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Fig. 81 shows measured liquid permeability exponentially decreases with
increasing drawdown pressure for three core samples, where the data were extracted from
Chhatre (2014). The fitting dash curve is an exponential function. Therefore, the
exponential relationship is chosen to describe the permeability change along with stress
change in this study, which can be generally expressed as Eq. (71). Based on this equation,
the permeability change because of the creep phenomenon can be calculated by deriving
the effective stress change caused by the creep strain.

k = k; exp[—7(0e — 0¢)] (71)
where k denotes the permeability under the effective stress o, k; represents the
permeability under the effective stress o,;, r is the stress sensitivity coefficient of the

material.
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Figure 81: Measured liquid permeability decreases with increasing drawdown
pressure for three core samples (modified from Chhatre et al. 2014).
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As we mentioned earlier, it is often the confining pressure that is changed to alter
the effective stress in most permeability measurements. Therefore, we assume the
permeability change because of creep mechanism is mainly resulted by the confining
stress change caused by the creep strain, where the pore pressure is constant. By inserting
Eq. (70) into Eq. (71), the improved permeability model considering the creep effects is
shown in Eq. (72). When the creep has not started at the initial time ¢t = 0%, Eq. (72)
becomes exactly the same with Eq. (71). On the other hand, if the axial stress is near the
confining stress, which might lead to close values between axial and lateral strain, the
permeability including the creep effects could be calculated based on Eq. (73) and (74)
(Yu et al. 2016). These equations describe a nonlinear relationship of permeability,

porosity, and volumetric strain.

Ee

k —
= = expl-r(0. — 0] X exp [z

l 1_2v)( Z [aax — 2v0; + aPpore(2V — 1)] [1 —

Eev

e (C52)] 00— o D[ —exp (520

(72)
L=—(1+ g—")3 (73)
ki - 1+&y ¢i
& = Eax T 2&1ateral (74)

where ¢, stands for volumetric strain, ¢; represents initial rock porosity.
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Yu et al. (2016) conducted laboratory creep tests for studying the creep behavior
of shale core samples. The experimental data from a uniaxial compression creep test were
extracted and plotted as blue dots on Fig. 82, where the measurement time was about 60
hours. Unfortunately, the rock sample minerology was not included for this experiment in
the reference. Based on Eq. (61), the axial strain is calculated along with time, where the
initial rock parameters of the creep model are shown in Table (12). On Table (12), the
values of stresses and pore pressure are exactly the same with the experiment condition,
and the rock modulus are obtained from matching these experimental data.

After we compared the model results with the uniaxial compression test, next step
is to compare the results with the triaxial compression test. Sone and Zoback (2013)
studied the axial and lateral creep strain responses of various shale rocks in a series of
triaxial laboratory experiments. The blue dots on Fig. 83 are axial strain data during the
triaxial stage from experiments using a Haynesville vertical sample, which was extracted
from Sone and Zoback (2013). The brief summary of the Haynesville rock minerology is
as following: the volume of clay is about 36% to 39%, the volume of kerogen is about 8%,
the volume of carbonate is about 20% to 22%, and the estimated porosity is about 6%. The
results of red curve are calculated based on the creep strain model. The measured
experimental data are well matched with the exponential function of the creep strain
model, which proves the accuracy and availability of the proposed model. In addition,
their experimental data show the axial strain is much larger than the lateral strain. The

creep strain behaviors highly depend on the rock composition and stress level as well.
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Table 12: Initial rock parameters for creep strain model.

0.x (GPa) 0.025 o. (GPa) 0
E, (GPa) 22.83 E,. (GPa) 210
ne (GPa-h) 1150 Ppore (GPa) 0
1.24E-3
1.22E-3
L L ]
1.20E-3
1.18E-3
L=
g 1.16E-3 ® Experiment
% 1.14E-3 ——Creep model
2 1.12E-3
1.10E-3
1.08E-3

0 10 20 30 40 50 60 70
Time (h)

Figure 82: Creep strain model validated by uniaxial compression experimental
data.
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Figure 83: Creep strain model validated by triaxial compression experimental data.

After the strain equation is validated by experimental data above, the next step is
to predict and validate the permeability change because of the creep phenomenon.
However, unfortunately, extremely limited experimental data about creep permeability
could be found from extensive literature review, especially for tight shale rock. Even
though the presence of creep effects is recognized, most people don’t choose to wait for a
long time to conduct permeability measurements. Therefore, we determined to extract the
measured permeability data from Chhatre et al. (2014), which are what we have found so
far. Chhatre et al. used the steady-state method to measure liquid permeability for tight
samples, and the effect of stress creep on liquid permeability measurements was
investigated as well.

During the experiment, the fixed upstream and downstream pressure are used, and
the flow rates are derived from one computer-controlled pump. Liquid was injected into

the core plug by a pump from the upstream, and a back-pressure regulator was used at the
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downstream. Steady-state flow is considered to be reached when the flow rate keep
constant over a period of time. The liquid permeability measurements were conducted at
room temperature and reservoir pore pressure. For the initial dry rock samples, the authors
suggested to compare the total fluid volume injected with the pore volume of the core.
On Fig. 84, the blue dots represent the measured permeability data we extracted
under constant net confining stress 2500 psi. The total organic carbon range was 0-12
weight percent, and the helium porosity was 4-17% for the tested core plugs.
Unfortunately, the volume of clay and kerogen for the test sample were not included in
the reference. Since both the rock parameters required for the creep permeability model
and the exact measurement conditions have not been provided in Chhatre et al. (2014), we
assumed an average value for elastic moduli, Poisson’s ratio, and axial stress based on
literature review. Then the viscosity coefficient n, and viscoelastic moduli E,, were
adjusted to match the experimental data. Fluid pore pressure is neglected based on their
experimental apparatus, where no fluid pump is available to provide pore pressure. The
initial rock parameters for the creep permeability model were displayed in Table (13). On
Fig. 84, the permeability calculated from the creep model is well matched with the
experimental data. With provided rock parameters and approximate coefficients, the
improved stress creep permeability model is capable of predicting the permeability decline

along with time because of the creep phenomenon.
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Based on the comparison of experimental data and model results above, several
notes are worthy to be discussed as follows. Firstly, the impacts of stress creep on
permeability measurement is significant for tight rock. Without considering the creep
effects and waiting enough time for measurements, the permeability might be considerably
overestimated. A practical approach is available to reduce the long measurement time,
which is to load the samples in core holder under a certain net confining stress for about a
few weeks before performing permeability measurements (Chhatre et al. 2014). Under
that condition, the creep process has already been completed or stable, which should not
lead an obvious influence on measured permeability.

Secondly, even though the proposed creep permeability model could predict
approximate permeability decline caused by stress creep, the rock parameters are required
to be evaluated or measured in advance, such as viscoelastic moduli and viscosity
coefficient of rock samples. However, this manuscript mainly focuses on the physics
mechanism and the concept model, so no measurement experiments have been conducted
and discussed for the initial rock parameters. Additionally, no similar rock samples and
equipment are currently available to our research group. But, the methods to measure these
initial rock parameters in laboratory are briefly introduced as following.

Poisson’s ratio can be obtained from direct measurement by using a strain
measuring device. The elastic modulus E, can be directly measured and calculated by

dividing the loaded stress by the instantaneous strain. The viscoelastic modulus E,,, can

be derived from the ultimate stable strain, which is equal to — +— based on Eq. (59).

The viscosity coefficient of rock n, can be derived from the increasing trend of strain in
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the uniaxial compression creep process. On the other hand, these parameters are related to
rock lithology and loaded stress. Therefore, the measurement results from one rock type
cannot be directly used for another different rock type.

Thirdly, the stress creep highly depends on the rock composition, such as Total
Organic Carbon (TOC) and clay content (Sone and Zoback 2011, Mighani et al. 2015).
Their results show a higher TOC and clay content lead to a larger creep strain. We believe
these soft materials including clay and TOC are correlated with viscoelastic modulus and
viscosity coefficient. Before considering the creep effects, the permeability decline along
with the increasing of effective stress is mainly caused by the closure of micro-fractures,
shrinkage of pore space, and change of pore structure under stress compaction. These
elastic behaviors occurred at instantaneous time are mostly involved with brittle materials,
such as quartz, feldspars, and carbonates. The first term on right hand side of Eq. (59)
represents this process. Then when the creep is taken into account, more strains are from
the soft materials along with time.

During the primary creep stage, the increasing strains are from the closure of pre-
existed micro-fractures and the compression of Nano-pores inside these soft materials,
such as kerogen. As a result, an apparent decrease of permeability along with time was
observed in Fig. 84. Next, during the secondary creep stage, the creep strain does not
increase much because the micro-fractures and Nano-pores inside soft materials cannot be
further compressed quickly. Consequently, the permeability does not decrease much and
try to become stable over time. On the other hand, if the loaded stress is larger than the

yield stress, the rock will be cracked, and more strains will be observed during the tertiary
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creep stage. However, as we explained earlier, we mainly focus on the primary creep stage

for permeability measurement in this study.

Fourthly, the ultimate and maximum strain is equal to Ei + Ei based on Eq. (59),

e

which in return leads to an ultimate permeability over time based on Eq. (72). Both
ultimate values are directly related to elastic modulus, viscoelastic moduli, and loaded
stress. If the value of viscoelastic modulus is too large, the creep strain will be very small,
and it can be ignored. Fifthly, the proposed creep strain and permeability model is a
simplified solution to estimate the permeability change for permeability measurements,
where the impacts of temperature, injection fluid, steady-state secondary creep state,
heterogeneous rock properties have not been considered. Each of them above might have
an obvious impact on the measurement results. Therefore, more experimental studies are
required to better understand the stress creep cooperating with these different mechanisms

and the impact on permeability measurements.

Table 13: Initial rock parameters for creep permeability model.

04 (GPa) | 1.034 x 1073 o, (GPa) | 1.724 x 1072
E, (GPa) 50 E,. (GPa) 100
1. (GPa-h) 3.6 x 10* Ppore (GPa) 0

v 0.3 r (1/Pa) 2.18 x 1077
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Figure 84: Improved permeability creep model validated by experimental data.

6.4 Effective Stress Coefficient
6.4.1 Path-dependent Effective Stress

Another important factor that could largely affect stress-dependent permeability
measurements is effective stress coefficient. Let us firstly rewrite Eq. (54) for the
condition of permeability measurement (Fig. 80a) as in Eq. (75). As we mentioned earlier,
since the effective stress coefficient is close to one for most reservoir rocks based on Eq.
(55), it has been just simply regarded as one in many reservoir studies. However, some
experimental studies have already demonstrated the effective stress coefficient to be
largely greater or smaller than one, especially for the rock containing much soft materials,

such as clay and kerogen.
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Zoback and Byerlee (1975) measured the permeability of the Berea sandstone and
found pore pressure has a significantly larger effect on permeability than confining
pressure, which means the effective stress coefficient a > 1. They explained the
permeability behavior under stress with the presence of highly compressible matrix
materials. Fig. 85 shows the schematic of pore structure based on the above theory of
Zoback and Byerlee, which is used to explain the large effective coefficient. Rock grains,
indicated as gray color, usually have a low compressibility, such as quartz and feldspar. A
layer of soft materials with high compressibility, which are highlighted as blue dots and
red curves, is surrounding rock grain, such as clay and kerogen. Compressibility is defined
as the fractional change of pore volume under a unit change in pressure.

According to Fig. 85, when an externally stress is applied on rock grain, a small
strain will produce owing to its low compressibility. When that small strain is passed from
rock grain to the layer of soft materials (from outside to inside), a small stress will be
induced because of its high compressibility. Consequently, that small stress will only
result in a small strain to the pore volume. The externally stress (or confining stress) has
relatively little effect on the change of pore volume and strain. This is because the high
compressibility materials, which locates between rock grain and pore space, largely
weaken the compaction effect of external confining stress. However, the change of pore
pressure could produce large pore stain because the pore stress change will directly apply
on the high compressibility materials. Therefore, pore pressure has a considerably greater
effect than external confining stress on the pore stain and permeability change, which leads

to a larger-than-one effective stress coefficient. On the other hand, without these materials
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with high compressibility, external confining stress will have an almost equal effect with

pore pressure on the pore strain and permeability change.

Low compressibility

High compressibility

Figure 85: Schematic of pore structure with high compressible materials.

Al-Wardy and Zimmerman (2004) presented a similar model of clay-rich
sandstones to explain the relative sensitivity of permeability to pore pressure and confining
pressure. In their model, the clay is distributed in the form of particles that are only
tangentially attached to the pore walls. They assumed the presented clays will have
essentially no influence on the effect that the confining stress has on pore strain. In other
words, an increase of confining stress will cause a same deformation of pore volume no
matter the clays were present or not. However, on the other hand, the change of pore

pressure will cause a displacement on the clay particles (compression or expansion), which
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will in return affect the change of entire pore volume. Both models above predict that the
permeability will be much more sensitive to the change in pore pressure than to the change
in confining pressure, which indicates effective stress coefficient is larger than one.
Additionally, although the two models above are highly ideal, both pore-lining clays and
discrete clay particles are indeed frequently observed in cores of sandstones by scanning
electron microscopy (Neasham 1977).

Based on similar permeability measurements on sandstone, Walls and Nur (1979)
reported the effective stress coefficient has an apparent positive correlation with clay
content, where a varies from 1 to as large as 7.1 depending on the clay content. Kwon et
al. (2001) measured the permeability of illite-rich shale from the Wilcox formation as a
function of effective pressure. Their measurements found the effective stress coefficient
a ~ 1 for shale with a clay content of around 45%. Heller et al. (2014) conducted
laboratory experiments on gas shale to investigate the effects of confining stress and pore
pressure on matrix permeability. Their results indicate the matrix permeability of gas shale
is more sensitive to changes in confining pressure than changes in pore pressure, which
means the effective stress coefficient a < 1.

On the other hand, not all rock types are applicable to Eq. (55) for calculating
effective stress coefficient, because it was derived with some presumptions. For example,
the rock components were assumed homogenous, which ignored the large difference of
properties among different components, such as quartz, feldspar, kerogen, and clay. In
other words, we cannot simply use Eq. (55) to calculate effective stress coefficient for the

rock containing many special components. Experimental measurements are the most
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accurate method to obtain the effective stress coefficient, which will be introduced in
detail soon. In the study of this chapter, we don’t argue if the effective stress coefficient
should be larger, smaller, or equal to one. What we want to highlight are two points: 1)
the effective stress coefficient is not always equal to one, and we need to carefully derive
it with correct experimental measurements; 2) the effective stress coefficient is highly
related to the content of clay and kerogen because of their high compressibility.

Oe = Pc = @ X Ppore (75)
Where o, is the effective stress, p. is the confining stress, p,r. is the internal pore
pressure, a represents the effective stress coefficient.

Let us use a simple example to explain why the effective stress coefficient is
significantly important for predicting permeability change during reservoir depletion.
There are two paths resulting in an increase of effective stress based on Eq. (75): increase
confining pressure and decrease pore pressure. According to Fig. 80, we mentioned the
confining pressure is often altered to change the effective stress on most steady-state
permeability measurements. However, the reservoir pore pressure is decreased caused by
hydrocarbon production to increase the effective stress. Obviously, the traditional
experiments and real reservoir production follow two different paths to change the
effective stress applied on formation rocks.

Assuming the permeability will reduce by 30% if the effective stress increase 1000
psi. Based on that, the reservoir permeability will decrease by 30% with the pore pressure
drop of 1000 psi based on Eq. (75) if the effective stress coefficient is equal to one.
However, supposing the effective stress coefficient is equal to two, the reservoir
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permeability will decrease much more than 30% with the exactly same pore pressure drop
of 1000 psi. This is because the effective stress is increased 2000 psi based on Eq. (75).
Comparing the two cases, different stress coefficient brings large difference on the change
of effective stress and permeability in terms of same pore pressure drop during reservoir
depletion. On the other hand, if the pore pressure is altered to change the effective stress
on permeability measurements under constant confining pressure, no such difference will
exist no matter what value the effective stress coefficient is. Therefore, it is highly
recommended to change pore pressure for stress-dependent permeability measurements,
which of course requires more sophisticated and expensive experimental apparatus.

To calculate the effective stress coefficient, Bernabe (1986) introduced Eq. (76)
based on the ratio of slope method, where the change of permeability with change in pore
pressure is divided by the change of permeability with change in confining pressure. On
Eqg. (76), the numerator should be positive, and the denominator should be negative. This
equation should be applicable to all rock conditions, no matter effective stress coefficient
will be larger, equal, or smaller than one. Based on the same logic, Boitnott et al. (2009)
presented three different permeability measurements to evaluate the effective stress
coefficient in a similar fashion shown as Fig. 86, where a can be derived from any two of
the measurements.

Additionally, whether a is equal to one or not can be easily determined by
conducting the permeability measurement (left side), where both pore pressure and
confining pressure are simultaneously changed in an equal amount. However,

unfortunately, only the permeability measurement (right side) has been widely used,
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where only confining pressure is changed and pore pressure is typically kept at a low and
constant value. The temporary benefit is less experimental time and easier laboratory
equipment. Furthermore, as we discussed on the previous sections, enough time should be
given to permeability measurements in order to mitigate the creep effect. Repeated core
measurements should be conducted multiple times to ensure the accuracy and avoid the

measurement error.
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Figure 86: Three different permeability measurements for evaluating effective
stress coefficient.

Two different data examples are introduced below to present the impact of
effective stress coefficient and how we might use it to correctly interpret our measured-
permeability data. Heller et al. (2014) measured permeability at different pore pressure
and confining pressure for six shale samples. Helium was used as the test gas to avoid the

potentially significant effects of gas adsorption and swelling for all measurements. Based
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on the permeability value of the samples, both steady-state flow method and pressure pulse
decay method were applied. The measurement results of Barnett 31 are extracted from
their publication and plotted on Fig. 87. Under four constant pore pressures from 1000 to
4000 psi, confining pressure is scheduled to change from 2000 to 8000 psi to achieve
effective stress ranging from 1000 to 4000 psi.

If the effective stress coefficient is simply assumed one without much
consideration, the results are shown on Fig. 87(a). The stress-dependent permeability
follows different curve paths, which leads to difficulties in predicting the function of
permeability change. Additionally, since the measurements were from the same formation
rock, they are supposed to follow a same function curve. By using a less effective stress
coefficient 0.68, all measured data follow a unique stress-permeability function curve as
in Fig. 87(b), which provides a consistent interpretation of stress-dependent permeability.
The small effective stress coefficient means the change of permeability and effective stress
are more sensitive to the change in confining pressure than pore pressure.

Rock measurements in laboratory are a critical way to evaluate permeability and
predict the dynamic production performance. On the other hand, as we have already
introduced in the chapter five, Pressure Transient Analysis (PTA) is often conducted for
reservoir characterization as well, where bottom hole pressure is typically collected from
pressure gauges to evaluate the product of permeability and thickness and skin. Therefore,
the permeability derived from Pressure Transient Analysis is usually used to compare with
the permeability measured from core samples in laboratory. Based on the same formation

rock, the permeability change trend derived from both methods should follow the same
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stress-dependent function law. However, unfortunately, we have not found any PTA-
derived permeability at various effective stresses for shale reservoirs from literature
review. Therefore, we decided to use some available permeability data from the chapter
five, which is for one Gulf of Mexico Deepwater reservoir.

The permeability data were extracted from Shumbera and Wang (2008), and they
are plotted on Fig. 88(a), where permeability reduction factor on y axis is defined as the
ratio of permeability at certain effective stress to the initial permeability. Blue dots
represent permeability measured from core experiments, and red triangles stand for
permeability derived from Pressure Transient Analysis (PTA). Both curves show the
permeability largely decreases along with the increase of effective stress, but they follow
different curve paths. Different possible mechanisms have been proposed to explain that
difference (Pourciau et al. 2005), but the real reason hasn’t been figured out yet. Due to
the presence of large amount of clay in core samples, we assume effective stress
coefficient as two. Then effective stress is recalculated, and the results are plotted in Fig.
88(b), where all stress-permeability data follow a same curve trend.

Apparently, when the effective stress coefficient is equal to two, the two
permeability data sets are fitted on a unique curve trend, which provide a consistent
interpretation to permeability change under compaction. It should be noted that the larger
effective stress coefficient just provides a possible mechanism to explain the permeability
loss trend difference between core measurements and Pressure Transient Analysis. More
data from different wells and the same reservoir formation are definitely required to

validate this mechanism. On the other hand, even though Gulf of Mexico Deepwater
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reservoir used above is significantly different from shale reservoirs, the common point is
the large presence of high compressibility materials, such as clay, which could lead to
large effective stress coefficient. Therefore, more attention should be given to the effective
stress coefficient for rich-clay or rich-kerogen shale reservoirs, especially for similar cases

as explained above.
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6.4.2 Numerical Simulation Results

In order to present the impact of effective stress coefficient on stress-dependent
permeability and production performance, the developed coupled flow-geomechanics
model will be used, where both stress-dependent permeability and stress-strain correlation
are considered. The governing mass conversation equation for flow is presented as Eq.
(1), and the governing stress equilibrium equation is presented as Eq. (13). The sequential
fixed-stress split scheme is used for the coupled system, where the flow equation is solved
first for pressure variable, and then the mechanics balance equation is solved for
displacement variable. The effective stress coefficient or the Biot’s coefficient is used in
two parts of this coupled model: one is for the coupling Eq. (19) and (20), and the other is
to calculate effective stress for stress-dependent permeability.

Fig. 89 presents the synthetic mesh schematic of the 2D coupled model, where the
gray grids stand for wellbore, the deep green grids are hydraulic fractures, and the rest
white grids stand for shale matrix. There is no direct connection between matrix grids and
wellbore, which means hydrocarbon must flow from matrix into hydraulic fracture first,
and then flow into wellbore. Since the objective is to present the impact of effective stress
coefficient on cumulative production, a single oil phase is used in the coupled model for
simplicity. For the geomechanics modulus, the hybrid stress and displacement boundary
conditions are used. The horizontal displacement is not permitted for the left boundary
and the vertical displacement is not permitted for the bottom boundary. Simultaneously, a

constant overburden stress is applied on both top boundary and right boundary as
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confining stress. In addition to pressure gradient caused by bottom hole pressure, the
confining stress could be another driver to push pore fluid into wellbore.

Table (14) shows the initial condition of rock and fluid for the coupled model,
where different rock properties are assigned to matrix and fractures. The initial reservoir
pressure and bottom hole pressure are given, so the production rate will be calculated
based on the pressure gradient. The pressure of horizontal wellbore is assumed to be
constant and equal to the bottom hole pressure. The cumulative production is calculating
by adding all of the production from hydraulic fractures to the wellbore. The temperature
is assumed constant all the time for our model which means no heat transfer and waste
occurred. Young’s modulus and Poisson’s ratio are provided as well for the geomechanics
modules. During the reservoir production, the reservoir pressure decreases, and the net
effective stress increases.

Based on the exponential function of Eq. (71), the stress-dependent permeability
curve is shown in Fig. 90, where the x axis is the increase of effective stress and y axis is
the normalized permeability. The exponential curve equation is presented as well, where
the stress sensitivity coefficient is equal to 2 x 10™* 1/psi. Four cases with different
effective stress coefficients are performed: Alpha = 0.4, Alpha = 0.8, Alpha =
1.0, Alpha = 1.5, Alpha = 2.0. Based on Eq. (75), the value of effective stress coefficient
determines how much effective stress change caused by the change of pore pressure.

Therefore, by using the same exponential equation shown in Fig. 90, the pore
pressure dependent permeability trends for different effective stress coefficients are

presented in Fig. 91, where the x axis is the decrease of pore pressure. When Alpha =
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1.0, the pore pressure dependent permeability from Fig. 91 is the same with the stress
dependent permeability curve on Fig. 90. This is because the change of effective stress is
equal to the change of pore pressure. When Alpha > 1.0, the permeability declines more

severe with the same amount of pore pressure drop, which in return leads to less flow

productivity.

Figure 89: Mesh schematic of 2D coupled model including fracture network.
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Table 14: Initial condition of rock and fluid for the coupled model.

Initial Parameters

Values

Reservoir pressure
Matrix porosity
Matrix permeability
Fracture permeability
Reservoir Temperature
Bottom hole pressure
Fluid viscosity
Fluid compressibility
Poisson’s ratio
Young’s modulus

Overburden stress

3.103 x 107 (Pa)
7%

7.895 x 10712 (m?)
7.895 x 10~ (m?)
366.48 (K)
1.034 x 107 (Pa)
8 x 107* (Pa-s)
7.252 x 10710 (1/Pa)
0.3
3 x 10° (Pa)
3.103 x 107 (Pa)
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Figure 90: Stress-dependent permeability based on exponential law for the coupled
model.
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Figure 91: Pore pressure dependent permeability trends for different effective
stress coefficients (Alpha).

After the coupled flow-geomechanics model is used for the five reservoir cases
with different effective stress coefficients, Fig. 92 shows the results of pressure
distribution at a chosen time of 1.30 x 10° (s). The color value bar is the same for the
five pressure images, where blue color stands for low pressure and red color represents
high pressure. Due to high flow conductivity, the wellbore and hydraulic fractures have
already reached the provided bottom hole pressure for all the five cases. However, the
matrix pressure is quite different for the cases with different effective stress coefficients
because of dissimilar permeability decline displayed as on Fig. 91.

The higher the effective stress coefficient is, the higher the matrix pore pressure
maintains. When effective stress coefficient is small, such as 0.4, the reservoir

permeability does not reduce much along with the decrease of pore pressure.
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Consequently, the pore fluid is easily drained out and produced, which leads to a decrease
of pore pressure. When effective stress coefficient is large, such as 2.0, the permeability
significantly reduces along with the drop of pore pressure. As a result, the pore fluid is
difficult to be drained out and the pore pressure is maintained at a high level.

Fig. 93 presents the results of cumulative production versus time for four different
effective stress coefficients, where x axis is time and y axis is cumulative production mass.
The original point of this plot is not (0, 0) in order to distinguish the differences between
these cases. Two important points are observed from this plot. First, a smaller alpha result
in a less increase of effective stress, which leads to a less decrease of permeability.
Consequently, the reservoir reaches the final pressure-stable condition, which is defined
when the entire reservoir pressure is equal to the bottom hole pressure and there is no
pressure gradient for fluid flow any more, in a relative short time for a small alpha case
because of high flow conductivity. For example, the case of 0.4 takes about 1.7 X 10°
seconds to reach the final pressure-stable condition, while the case of 2.0 needs about
5.7 x 10> seconds.

Second, a larger alpha case predicts a higher cumulative production. To the single-
phase flow simulation, the driving forces of production are both pore pressure depletion
and effective stress acted on rock surface. For the case with larger alpha, a unit of pore
pressure decline leads to bigger increase of effective stress, which in return provides larger
force to squeeze pore fluid as production. Therefore, even though the pore pressure
depletion is the same for all four cases, the case with larger alpha still predicts a higher

cumulative production.
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Figure 92: Pressure distribution of reservoir mesh for different effective stress
coefficients (Alpha).
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Figure 93: Cumulative production versus time for different effective stress
coefficients (Alpha).

6.5 Conclusions and Discussions

The stress creep phenomenon could significantly affect permeability
measurements for the shale rock samples containing rich kerogen or clay content. Based
on the time-dependent behavior of compaction creep, the creep strain model has been
introduced to calculate the creep strain over time, where the primary creep stage is
primarily considered, and the creep strain is contributed by instantaneous strain and
viscoelastic strain. The stress creep highly depends on rock compositions, and it is

positively related with the content of kerogen and clay. Additionally, the creep strain
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model was validated by comparing with experimental data of both a uniaxial and triaxial
compression creep test.

On the other hand, the stress change caused by the creep is derived from triaxial
compression test theory for typical permeability measurements with core plug. By
inserting the stress change into an exponential permeability function, the improved stress-
dependent permeability model was obtained, which is capable of predicting the measured
permeability decline under constant stress along with time caused by the stress creep
mechanism. The improved stress-dependent permeability model was validated by
comparing with measured oil permeability data. To apply the proposed creep strain and
improved permeability models, the initial rock parameters are required to be measured or
evaluated in advance.

In terms of the effects of stress creep on permeability measurements, three
different approaches are available to roughly eliminate the error: 1) measure rock
permeability at different stresses and wait for a relative long time until the permeability
reaches stable; 2) load the rock sample with a certain confining stress in core holder for
about several weeks before conducting permeability measurements; 3) Apply the proposed
permeability model to calculate the impacts caused by the time-dependent creep strain.
The schedule management and time issue are the challenges for the first two approaches
above. The challenge for the third method is to evaluate the rock parameters by the
compression-strain experiments. Additionally, the proposed permeability model is relative
simple because some other impact factors have not been considered in the mathematical

equation, such as temperature, secondary creep stage, injection fluid, and heterogeneous
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rock properties. More experimental data are required to improve the understanding and
knowledge gap.

Effective stress coefficient is critical to correctly interpret and apply the stress-
dependent permeability measured from laboratory into reservoir-field applications. More
importantly, effective stress coefficient is not equal to one for some shale rock types.
Effective stress coefficient is highly related to the content of clay and kerogen because of
their property of high compressibility. As two previous examples show, an approximate
effective stress coefficient could better explain the permeability decline trend and match
the permeability data between core measurements and pressure transient analysis. The
equation calculating effective stress coefficient is introduced, followed by the design of
three different permeability measurements. In a word, permeability should be measured
under a series of both pore pressures and confining pressures.

A coupled flow-geomechanics model has been applied to investigate the effect of
different effective stress coefficients on permeability change and cumulative production.
The pressure distribution of reservoir mesh is presented for the cases with different
effective stress coefficients. A large effective stress coefficient (larger than one) means
the variation of effective stress is more sensitive to the change of pore pressure than
confining pressure. Consequently, a certain drop of pore pressure will lead to a large
permeability decline during reservoir depletion. Based on the simulation results, the small
effective stress coefficient case is much quickly to reach the final pressure-stable

condition, also known as pressure convergence.
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On the other hand, the case of larger effective stress coefficient could provide
higher cumulative production owing to stronger compression from effective stress. To be
noted, this conclusion above is sensitive to the reservoir mesh size. For the area of only
stimulated reservoir volume, the larger cumulative production is obtained as shown on
Fig. 93. This is because the entire area could be drained until the reservoir pressure reaches
the given bottom hole pressure. However, if the large unstimulated reservoir area is
included, the result might be different, and more studies are required. Due to extra-low
permeability of shale matrix, the pore fluid cannot be effectively produced even with
enough pressure gradient, especially when the permeability still keeps decreasing during

reservoir production.
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CHAPTER VII

CONCLUSIONS AND RECOMMENDATIONS

7.1 Conclusions

In this work, an in-house mathematical simulator coupling fluid flow and
geomechanics behaviors has been developed on FORTRAN. How to derive the governing
equations of the coupled model and solve them by numerical methods was introduced in
detail. The coupled simulator was validated by comparing with the analytical solutions of
Terzaghi’s consolidation problem and Mandel’s consolidation problem. In addition, the
developed coupled simulator has been applied to various reservoir applications, where
different flow mechanisms and geomechanical effects were considered. Based on the
results of previous chapters, some major conclusions are presented as follows to
summarize this study:

1) If the stress-dependent permeability is considered, the permeability and
cumulative production will be significantly reduced. Additionally, the production
loss is highly dependent on the selected permeability correlations and their
coefficients.

2) The matrix shrinkage on organic matter could rebound the permeability and
improve the cumulative production at the low reservoir pressure stage. However,
the impact of matrix shrinkage on cumulative production is quite limited, which is
largely related to Total Organic Carbon, the correlation coefficients, gas desorption

pressure, and bottom hole pressure.
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3)

4)

5)

6)

7)

8)

9)

When the adaptive time stepping method is implemented for the coupled model,
the total computational time is significantly reduced and the simulation accuracy
IS maintained as well.

Choosing a proper error tolerance of displacement is really important to optimize
the time step size for the modified local error method. Also, how to modify the
time step size plays an important role in the stability and computational efficiency
for the coupled model.

Irreversible compaction processes are obviously observed in thin section
micrographs, which could result in the hysteresis of rock compressibility and
permeability.

The compaction processes can be generally divided into two phases for Gulf of
Mexico Deepwater unconsolidated reservoirs: consolidation and deformation.
The stress-dependent permeability largely reduces the cumulative hydrocarbon
production for GOM Deepwater reservoirs, and the permeability decline is mainly
caused by pore pressure drop and irreversible compaction.

Based on the pressure buildup tests, the reservoir permeability derived from the
Horner Plot method is smaller when the stress-dependent permeability is
considered.

With considering a compaction table, the permeability derived from history
matching bottom hole pressure is larger, and the predicted critical production rate

is smaller.
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10) Based on the time-dependent behavior of compaction creep, a creep strain model
was introduced to calculate the creep strain over time, which is contributed by
instantaneous strain and viscoelastic strain.

11) Based on the typical permeability measurements with core plugs, an improved
stress-dependent permeability model was derived to predict the measured
permeability decline under constant stress along with time caused by the stress
creep mechanism,

12) The effective stress coefficient is critical to correctly interpret and apply the stress-
dependent permeability measured from laboratory into reservoir-field
applications, where the effective stress coefficient cannot be simply assumed one
for some shale reservoir rock, especially for the rock containing much clay or

kerogen.

7.2 Recommendations
Inspired by the investigation and the results of this study, some recommendations
are provided for future work:

e Natural fractures and carbonates are extensively observed in core samples of the
Eagle Ford shale, while both of them behave differently with the primary shale
matrix under compaction stress, especially for the permeability change. The
coupled simulator could be applied to investigate the effects of natural fractures

and carbonates on permeability upscaling.
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The parallel computing is essential for both scaling and execution on advanced
architectures, especially for the coupled model, where a significant amount of
computation is required for the geomechanics module. Therefore, future work
could go to identify steps necessary for implementation of parallelization
techniques, such as parallel solver, domain decomposition, and combined MPI-
OpenMP approach.

The coupled flow and geomechanics simulator could be more flexible, where no
major changes are required for the governing equations of flow and geomechanics.
To build a third-party shared platform, the individual flow simulation or the
geomechanics module could be easily coupled with commercial geomechanics
software or pre-existed reservoir flow simulation.

Another interesting topic is to build two different grid meshes for the coupled
model: one mesh is for reservoir simulation, and the other mesh is for
geomechanics. One major benefit is the geomechanics mesh could include the
reservoir rock above and below the targeted hydrocarbon zone in order to
investigate their displacement change, such as surface subsidence.

The linear elasticity deformation is assumed for the coupled model of this study.
Therefore, nonlinear plastic deformation could be considered for better describing

some compaction behaviors, such as fracture propagation.
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7.3 Unique Contributions of This Study

The coupled flow and geomechanics simulator has been developed by me from the
scratch, and the main procedures include: 1) derive governing equations based on mass
balance and momentum balance; 2) solve nonlinear governing equations by integral finite
difference method and finite element method; 3) write code on FORTRAN and debug the
program; 4) test and validate the coupled simulator. However, even though a significant
amount of time was spent to these procedures above, developing the coupled stimulator is
not new and unique. The major highlights and contributions of this study are the
applications of the developed coupled simulator into different reservoir formations, where
various and unique physics mechanisms and geomechanics effects are proposed to
describe and interpret some uncommon compaction-related reservoir problems. Generally
speaking, the unique contributions of this study are briefly described as follows:

e Based on different rock properties and compaction behaviors, various stress-
permeability correlations are separately applied into different sub-pore media
(organic matter, non-organic matter, and natural fractures).

e The matrix shrinkage phenomenon is considered for organic matter, and its
impacts on permeability change and cumulative production are investigated.

e An adaptive time stepping method is introduced to improve the computational
efficiency of the coupled model, where the time step size is dynamically adjusted

based on the change of displacement.
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Irreversible compressibility and permeability hysteresis are proposed to explain
the difference of permeability loss trends between field-derived and laboratory-
measured permeability for Gulf of Mexico Deepwater reservoirs.

An improved stress-dependent permeability model is derived to consider the effect
of time-dependent compaction behavior on permeability measurements by
incorporating the stress creep mechanism.

The effective stress coefficient is studied in detail, especially when a > 1. The
impacts of effective stress coefficient on the interpretation of stress-dependent
permeability measurement results and the prediction of field permeability change

are investigated.
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NOMENCLATURE

Specific enthalpy of component [

Common surface between grid n and m

Heat capacity of dry rock
Elasticity tensor

Gas diffusivity coefficient
Elastic modulus

Viscoelastic modulus

Global force vector

Local force vector

Thermal conductivity of rock
Constrained modulus

Dry rock bulk modulus
Thermal conductivity of gas
Global stiffness matrix

Local stiffness matrix
Thermal conductivity of oil
Bulk modulus of solid grain
Thermal conductivity of water

Heat accumulation
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Langmuir pressure
Gas pressure
Pressure of block containing the well

Flowing bottom hole pressure

Residual of component [ at time step t + 1 for grid block n
Langmuir volume

Volume of grid n

Pore fluid compressibility

Gas compressibility

Total compressibility

Consolidation coefficient

Initial permeability

Relative permeability of component [
Permeability of damaged zone

Fluid mass per unit bulk volume
Pore pressure

Radius of penetration damage zone
Wellbore radius

Size of next time step

Production time before well shut-in

Coarse displacement
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Us Fine displacement

Ugiobal Global displacement vector

Ugria Local displacement vector

Uy Displacement in horizontal direction
u, Displacement in vertical direction
vy Pore fluid velocity

Xip+1 Primary variable in grid block i

& Relative convergence criterion

Eu Error tolerance of displacement

& Volumetric strain

Ne Viscosity coefficient of material
Pgera Gas density at standard pressure and temperature
o) Bulk density

Pr Pore fluid density

Ps Density of solid phase

o, Confining stress

O, Effective stress

Om Mean effective stress

Oy Total mean stress

b, Initial porosity

b, Residual porosity
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At

Ax

BHP

GOM

PTA

SEM

STB

TOC

Size of time step

Grid block size

Bottom Hole Pressure

Gulf of Mexico

Pressure Transient Analysis
Scanning Electron Microscope
Stock Tank Barrel

Total Organic Carbon
Skempton’s pore pressure coefficient
Young’s modulus

Mass flux

Shear modulus

Rank-2 identity tensor
Mass accumulation

Source and sink

Specific internal energy
Well index

Axial direction
Klinkenberg factor

Element number
Gravitational acceleration

Element node number
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k

lateral

n

Rock permeability

Lateral direction

Number of time step

Pore pressure

Volume flow rate of source and sink
Skin factor

Time

Displacement vector

Poisson’s ratio

Weighting function

Biot coefficient (effective stress coefficient)
Relative local error

Strain tensor

Fluid viscosity

Total stress

Rock porosity
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APPENDIX A

STABILITY ANALYSIS FOR THE FIXED-STRESS METHOD

Based on the Fourier decomposition of numerical error, von Neumann stability
analysis is widely used to check the stability of finite difference schemes as applied to
linear partial differential equations. If the errors calculated at current time step do not
cause the errors at future computation to be magnified, a finite difference scheme is regard
to stable. In this appendix, the stability of the sequential fixed-stress method is investigated
by von Neumann stability analysis, where the one-dimensional coupled single phase flow
and geomechanics system is chosen and no source or sink terms are included. The
governing equations are presented as Eq. (A-1) and (A-2), where Eqg. (A-1) is the
mechanics balance equation and Eg. (A-2) is the flow mass balance equation. Fig. 94
shows the schematic of element and element nodes. By plugging the Fourier term
expressions as Eq. (A-3) to Eg. (A-6) into Eq. (A-1) and Eq. (A-2), the expanded equations
are obtained as Eq. (A-7) and Eq. (A-8). Through dividing Eq. (A-7) by v+ exp(ij6),
dividing Eq. (A-8) by r™* 1 exp(ief), and rearranging both equations, the final results are

showed on Eg. (A-9) and Eq. (A-10).
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Figure 94: Schematic of element and nodes.
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The matrix form of Eq. (A-9) and Eg. (A-10) is displayed as below on Eq. (A-11).
In order to obtain an effective solution for displacement and pressure, the left side matrix
of Eq. (A-11) is required to be singular (Armero and Simo 1992). In other words, an
effective solution of r must exist for the determinant of that left matrix F (r) equal to zero,
as Eqg. (A-12) shows. For linear stability, we need the solution |r| < 1 (Hughes 1987).
After rearranging and removing several terms, the determinant function F(r) can be
expressed as on Eg. (A-13). Two roots of r are solved and shown on Eq. (A-14).
Apparently, both roots satisfy the criteria of stability |r| < 1 without any additional
requirement. Therefore, the sequential fixed-stress method is unconditionally stable in

terms of numerical stability for the couple flow-geomechanics problem.
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