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ABSTRACT 

 

A Technique to Utilize Smart Meter Load Information for Adapting Overcurrent 

Protection for Radial Distribution Systems with Distributed Generations. (May 2012) 

Fred Agyekum Ituzaro, B.S., Kwame Nkrumah University of Science & Technology, 

Ghana 

Chair of Advisory Committee: Dr. Karen L. Butler-Purry 

 

Smart radial distribution grids will include advanced metering infrastructure 

(AMI) and significant distributed generators (DGs) connected close to loads. DGs in 

these radial distribution systems (RDS) introduce bidirectional power flows (BPFs) and 

contribute to fault current. These BPFs may cause unwanted tripping of existing 

overcurrent (OC) protection devices and result in permanent outages for a large number 

of customers. This thesis presents a protection approach that modified an existing 

overcurrent protection scheme to reduce the number of customers affected by faults in 

RDS with DGs. Further, a technique is presented that utilizes customers loading 

information from smart meters in AMI to improve the sensitivity of substation OC relays 

by adaptively changing the pickup settings. The modified protection approach involves 

predefining zones in RDS with DGs and installing directional OC relays and circuit 

breakers at the zonal boundaries. Zonal boundary relays determine faulted zones by 

sharing information on the direction of detected faults current using binary state signals 

over a communication medium. The technique to adapt the substation relay pickup 

settings uses the demand measurements from smart meters for two 12-hour intervals 

from the previous day to determine the maximum diversified demand at the relay’s 

location. The pickup settings of the substation relay for the two 12-hour intervals during 

the following day for the zone supplied by the substation are adaptively set based on the 

current that corresponds to the maximum diversified demand from the previous day. 
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The techniques were validated through simulations in EMTP™/PSCAD® using 

an expanded IEEE 34 node radial test feeder that included DGs and a secondary 

distribution level. By decentralizing the control of the zonal boundary breakers, the 

single point of failure was eliminated in the modified protection approach. The cases 

studied showed that the modified protection approach allows for selective identification 

and isolation of the faulted zones. Also, the sensitivity of the substation OC relay was 

improved by at least 24% by using the pickup settings for the two 12-hour intervals from 

the smart meter demand measurements compared to the pickup settings computed using 

the conventional methodology based on the maximum loading of the zone. 
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1 INTRODUCTION 

 

1.1 Background 

The Electric Power Grid since its inception has greatly revolutionized our way of 

life and improved productivity.  By virtue of its physical layout, the electric power grid 

consists of three major systems: generation, transmission and distribution. This 

classification of the grid has allowed for the development of solutions that tailors to the 

specific needs and challenges of operating each of these three major systems. 

Traditionally the generation systems, usually bulky for purposes of economies of scale, 

are located at remote locations away from the load centers and supply the needed energy. 

Power from the generating stations is transported on high voltage lines of the 

transmission systems to distribution substations. The distribution substation transformers 

step down the voltages to utilization levels for consumers. Fig. 1 shows the structure of 

an electric power grid [1]. 

The distribution system (DS) has both a primary and a secondary section with the 

distinction mainly due to the voltage levels. The primary DS, usually 3-phase with a 

voltage range of 69kV – 2.4kV, consists of feeders that radiate from the substation and 

supply power to the customers at the secondary level. High capacity industrial and 

commercial loads are sometimes served by the feeders at the primary level. The 

secondary distribution, which branches off from the main feeders at the primary section 

has distribution transformers that further reduce the primary voltage to 120/240 single 

phase, 120/208 or 277/480 3-phase depending on the loads served.  

The topologies of the DS can be classified into three major categories: radial, 

loop and network [2]. A utility’s choice of a particular topology is often influenced by 

cost and degree of reliability needed by its customers. The radial topology is the most 

commonly used in the US and is also the least ranked in terms of service reliability. 

 

____________ 

This thesis follows the style of IEEE Transactions on Power Systems. 
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Fig. 1 The Electric Power Grid [1] 

 

 

 

In radial DS, power flows from the substation to customers in one direction. The 

loop and network arrangement have increased levels of reliability due to the possible 

supply paths from other connected distribution lines.  

Radial DS have a main feeder that serves as the backbone of the distribution 

circuit and has laterals from which power is tapped to supply various customers. The 

laterals can be single phase, two-phase or three-phase. By virtue of the radial nature of 

most DS, overcurrent (OC) protection is relatively simple to implement. Fuses, reclosers, 

sectionalizers and relays are the commonly used overcurrent protection devices.  

 

1.2 Problem Definition 

Presently, the distribution systems are experiencing a number of challenges. 

Firstly, the infrastructure is aging and deteriorating thereby making it hard to meet the 

increasing load growth.  This is further complicated by the inability of utilities to obtain 
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right-of-ways to build new transmission lines to transport more power from remote 

generation stations to major load centers. Distributed generators (DGs) are therefore 

been introduced close to the load centers. In addition, the lack of adequate real time data 

also causes the operation of the DS to be based on past grid topologies, historical load 

profiles, and statistical studies. These challenges have caused many countries around the 

world to take a fresh look at their DS and have resulted in the concept of the smart grid.  

The DS currently accommodates a small amount of distributed generators (DGs) 

due to its robust design. However, under the smart grid concept, more DGs and demand 

side response programs are anticipated to be implemented at the DS level. Such 

increased penetration levels of DGs will result in significant bidirectional flows in radial 

DS, which are detrimental to the conventional OC protection schemes. The power flows 

arising from the DGs cause selectivity losses among the various OC protective devices 

as fault currents are altered. Moreover, the implementation of demand side programs 

will make maximum loading of the DS to be even more rarely used. Sensitivity of phase 

OC relays will further reduce under such circumstances. Hence it is prudent to have a 

protection scheme that takes into consideration the added DGs and is also reflective of 

the varying system loading. 

 

1.3 Objective and Research Approach 

There were two objectives of the research reported in this thesis. First, an 

overcurrent protection scheme was to be developed for a radial distribution system 

(RDS) with DGs by modifying an existing protection scheme. The second objective was 

to investigate the utilization of load data from smart meters available through advanced 

metering infrastructure (AMI) system to adapt the settings of the substation relays in the 

modified overcurrent protection approach. To validate and study the approach developed 

to achieve the two objectives, the IEEE 34 Node Radial Test Feeder was selected as the 

test system. The actual test feeder was modified to represent a two feeder system. A dual 

bus radial multi-feeder design was adopted. DGs were connected at select nodes at the 

primary distribution level. OC relay protection was added to the multi-feeder. Also, the 
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primary level of the multi-feeder was extended to the secondary distribution level to 

model customer consumption and smart meters. The secondary distribution level 

customers were classified as residential, commercial and industrial for the identification 

of the appropriate type of smart meter device. The load data measured by the smart 

meters at the respective customer locations was used to compute the adaptive OC 

substation relay pick up settings for a zone directly connected to the substation. The 

multi-feeder test system and the smart meters were implemented and the simulation 

studies were performed using EMTP™/PSCAD® software.  

 

1.4 Summary 

The work in this thesis is organized into six sections. Section 2 presents a review 

of radial distribution system protection approach. Further in that section, the impacts of 

DGs to DS protection are discussed and various approaches proposed in the literature to 

mitigate these effects are presented. In section 3, an overview of smart grid and 

advanced metering infrastructure is given. The key technology areas that have been 

identified by industry experts to make the current grid smarter are examined. 

Section 4 states the problems that were addressed by this thesis work. In section 

5, the solution methodologies are outlined. The first part of section 5 focuses on the 

methodology for the modified protection approach. The IEEE 34 Node Radial Test 

Feeder is introduced and the modifications made for the purpose of testing the modified 

protection approach are shown. Results of case studies of the protection approach are 

also presented. In the second part of section 5, the approach for utilizing the load 

measurements from smart meters in adapting the settings of the substation OC relay is 

presented. Additional changes that were made to the IEEE 34 node radial test feeder to 

study the adaptive approach are expounded, and the results of case studies are discussed.  

Finally, section 6 gives conclusions from the research findings. Future research efforts 

that can be pursued to improve the findings are also suggested. 
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2 REVIEW OF DISTRIBUTION SYSTEM PROTECTION APPROACHES 

 

2.1 Introduction 

Distribution Systems (DSs) are comprised of a vast number of components 

connected either overhead or underground. Therefore, protecting the various components 

from damage is very critical in maintaining high reliability levels. The protection 

philosophy for DSs is based on isolating permanent faults such that minimal customers 

are affected, with sensitivity levels that promote personnel and public safety. DS 

protection is achieved through the use of various fault interrupting elements such as 

fuses, automatic reclosers, sectionalizers, relays and circuit breakers.  

Most faults that occur on overhead radial DSs are temporary, 50-90% [3], and as 

a result the main feeders of radial DSs are often protected by a recloser. The recloser is 

used to clear temporary faults on the feeder and locks out after a set number of shots on 

a permanent fault. Breakers are also typically located at the substations and are used for 

interrupting larger fault currents. Fuses, however, are used to protect laterals or taps and 

in some cases on the high voltage side of distribution substation transformers.  

In this section conventional protection schemes for radial distribution systems are 

discussed. A literature review of existing protection methods when DGs are connected to 

radial distribution systems is also presented. 

 

2.2 Conventional Protection Schemes for Radial Distribution Systems 

Faults that occur on the DS subject the components to high short circuit currents.  

This makes radial distribution protection to be predominantly overcurrent (OC). Fig. 2 

shows a simple radial distribution feeder with typical OC devices. The supply represents 

the sub-transmission network that delivers power to the DS via the substation 

transformer. The feeder as shown has a relay, R1 that serves as the primary protective 

device for lines 1 and 2. In radial distribution systems (RDS), R1 is typically called a 

recloser as it will have a reclosing function with predetermined sequence of operations 

(e.g. two fast and two slow operations). The recloser in this example serves as the back-
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up protective device for lines 3 and 4. Fuse 1 and fuse 2 are the main protective devices 

for lines 3 and 4, respectively. The feeder as shown has 4 loads and all lines are 3-phase. 

 

 

Line 1 Line 2 Line 4

Substation 

Transformer
Substation

Supply

R1

Fuse 1

L
in

e 
3

HV/LV

Relay

Fuse

LEGEND

Bus

Load 

Fuse 2

 
 
Fig. 2 A Simple Radial Distribution Feeder with Overcurrent Protection. 

 

 

 

2.2.1 Overcurrent Protection Based on Fuses and Reclosers 

Fuse based protection is often used in conjunction with reclosers.  A recloser is a 

specialty distribution protective device capable of interrupting fault current and 

automatically reclosing while a fuse is a low cost fault current interrupter that are easily  

replaced [3].  Two time-current curves describe a fuse: minimum melt curve (MMC) and 

total clear curve (TCC). The MMC time is 90% of the average-melt time so as to 

account for manufacturing tolerances. The TCC is the summation of the average melting 

time, the arcing time, and the manufacturing tolerances [3]. Fuse based protection 

schemes can be either a fuse saving or fuse blowing scheme. The distinguishing feature 

between these two schemes is based on how quick the sequence of operation of the 

recloser is allowed to interrupt a given fault current [4].  

In a fuse blowing scheme, the fuse operates and isolates the faulted area for any 

fault occurring on the system before any recloser operation. This is achieved by setting 

the recloser fast curve above the MMC and the TCC of the fuse. The scheme is applied 
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in areas (urban or industrial plants) of the distribution feeder where loads are sensitive to 

momentary service interruption. The drawback of this scheme is that the line fuses have 

to be replaced frequently as they operate for all fault conditions, both temporary and 

permanent. In reference to Fig. 2, the implementation of a fuse blowing scheme will be 

such that for any fault on line 3, fuse 1 melts and eventually isolates that section of the 

feeder before R1 operates. A coordination curve for this fuse blowing scheme is depicted 

in Fig. 3. For every value of current on the x-axis between points A and B on the figure, 

the fuse curve is always below the recloser curve. This means that fuse 1 operates before 

R1 in all fault conditions. 

 

 

 

 
Fig. 3 A Typical Fuse Blowing Coordination Curve for Fig. 2 System. 

 

 

 

Experience has shown that most distribution faults in DSs with overhead lines 

are temporary in nature; and therefore making the fuse operate at the incidence of every 

fault affects the requirement of service continuity. The fuse saving scheme therefore 

A 
B 

R1 curve 

Fuse1 MMC 

Fuse1 TCC 
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ensures that the recloser operates for a specified number of times on its fast response 

curve to clear all momentary faults that occur downstream a fused protected line. If for 

some reason, the fault persists after the recloser’s operation on its fast curve, the fuse 

blows to clear the fault. In the event that the fuse is unable to clear the fault due to a 

malfunction, the recloser will proceed to operate on its slow response curve to 

permanently isolate the faulted line segment. Therefore, for this scheme, the fuse 

characteristic curves falls between the recloser’s fast and slow response curves for 

coordination purposes. The scheme is mostly applicable to multi-tap rural distribution 

networks where loads may not be very sensitive to temporary faults. Fig. 4 shows a fuse 

saving coordination curve for the system in Fig. 2. As shown in the figure, R1 fast curve 

occurs before fuse 1 curves for all currents between A and B. This approach ensures that 

R1 operates before fuse 1 does within the coordination interval between A and B. 

 

 

 

 

Fig. 4 A Typical Fuse Saving Coordination Curve for Fig. 2 System 

A 
B 

R1 slow curve 

Fuse1 MMC 

Fuse1 TCC 

R1 fast curve 
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2.2.2 Overcurrent Protection Based on Relays 

Relays are the brains in controlling circuit breaker operations. IEEE defines a 

circuit breaker as a device designed to open and close a circuit by non-automatic means, 

and to open the circuit automatically on a predetermined overload of current, without 

injury to itself when properly applied within its rating. IEEE again defines a relay as an 

electric device designed to respond to input conditions in a prescribed manner and,  after 

specified conditions are met, to cause contact operation  or similar abrupt change in 

associated electric control circuits [5]. The inputs to the relay are supplied through either 

a current transformer or voltage transformer or both depending on the relay’s 

application. Relays exist in different forms including overcurrent (OC), differential, 

overvoltage, impedance etc. In RDS, OC relays are often used and could be phase, 

ground or negative sequence type [4]. These OC devices react when the current sensed 

by the relay exceeds a predetermined threshold either instantaneously or for some 

duration of time. The set threshold for phase OC relays is normally between twice the 

maximum load current and a third of the minimum fault current value [6]. Thus, the 

reach (protection coverage) of phase OC relay is defined between the maximum load 

current and minimum fault current. For ground and negative sequence relays, the 

threshold is respectively set to be above the zero sequence and negative sequence 

currents due to loading and feeder unbalance. The characteristics curve of the relays can 

be instantaneous, definite or inverse time depending on the application requirement and 

available fault current magnitudes. 

Instantaneous OC relays are applied in parts of the RDS where there are 

significant changes in fault current magnitudes as one moves away from the relay 

location towards the end of the feeder.  The operating time of the instantaneous OC relay 

is constant for a given fault current once the set threshold is exceeded.  The setting of 

this relay’s threshold does not take into consideration the maximum load current but 

rather transient overreach arising from transformer inrush and cold load pick up. Another 

requirement considered is to set the instantaneous relays such that they do not overreach 

the end of their protected line. 
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For definite time OC relay applications, the relay operating time is independent 

of the level of fault current. Coordination among these relays is achieved by assigning 

appropriate time delay setting to each available relay such that the relay closest to the 

fault operates. Fig. 5 shows a radial distribution feeder where fuse 1 in Fig. 2 is replaced 

by a relay, R2. 
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Fig. 5 A Simple Radial Distribution Feeder with Overcurrent Protection (Adapted from Fig. 2) 

 

 

 

In Fig. 5, assuming R1 and R2 are definite OC relays, coordination is obtained by 

setting R2 to operate at t secs and R1 at t+τ secs. The time delay value τ is usually long 

enough to prevent the upstream relay (R1) from operating until the downstream relay 

(R2) has reacted. A drawback to this coordination approach is that there is a long delay 

to clear faults close to the source point, which also happen to be of the highest current 

magnitude. 

To overcome the shortcomings of the above two relay types, inverse time relays 

are used. These relays have their time of operation to be inversely proportional to the 

available fault current. Two settings are required: pickup and time dial.  The pickup 

value serves as the threshold beyond, which the relay operates for any given fault 
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current. The appropriate time dial setting is used to establish coordination among the 

relays. A typical coordination curve for the relays R1 and R2 in Fig. 5 assuming inverse 

curve characteristics is shown in Fig. 6, which is adapted from [7]. The coordination 

time interval (CTI) allows for selectivity between the two relays. 
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Fig. 6 Time Coordination Curve of Inverse Time OC Relays for Fig. 5 System 

 

 

 

2.2.3 Directional Overcurrent and Distance Relays 

Directional overcurrent relays usually consist of a directional element and an OC 

relay. The directional element discriminates the direction of current flow to a fault in a 

way that permits the OC relay to operate for faults in one direction, and hinders the relay 

operation for faults in the opposite direction. Traditionally, the direction of the fault 

current is achieved through a comparison of the phase angle of the operating current 

phasor, which is dependent on a fault, to a polarizing quantity independent of the fault 

location [6]. The polarizing quantity is commonly the system voltage for phase 

overcurrent relays. The addition of the directional functionality to the OC relay, can take 

the form of a directional control or a directional supervision. Directional control prevents 

the relay from picking up until the directional element has correctly indicated the path of 

the fault current. This approach is safer as it prevents the race between the resetting of 

the OC relay and the directional element. For directional supervision, the relay can pick 



 12 

up for all currents but cannot initiate a trip of the circuit breaker before the directional 

element has detected the fault current path. 

Distance relay protection is mostly applicable in transmission systems. However, 

it is gaining popularity in medium and low voltage DSs. For normal system conditions, 

the ratio of a node voltage to a line current gives the line impedance. A fault, on the 

other hand, is characterized by a reduction in a node voltage and an increase in line 

current. As a result, the impedance of a line computed by a distance relay decreases in 

the presence of a fault. Thus the distance relay operates by comparing the calculated 

apparent impedance to the reach point impedance of the relay [8]. Protection coverage 

zones are defined for distance relays. The zones are often defined as an instantaneous 

zone 1 reach, and time delayed zone 2 and zone 3. If the line impedance computed by 

the relay falls within a given zone the relay trips the circuit breaker otherwise the relay 

restraints the breaker. A sample distribution feeder with distance relay protection is 

shown in Fig. 7. The feeder consists of three buses A, B and C and two line segments 

shown as line 1 and line 2. The distance relay D1 provides primary protection to line 1 

and back up protection to line 2. D2 is the primary protective device for line 2.  

A distance protection scheme for the line 1 segment of the system of Fig. 7 will 

comprise a zone 1 reach typically set to cover 80% of the positive sequence impedance 

of the protected line. The 80% coverage is due to uncertainties associated with the line 

parameters, fault studies and relay design.  Zone 2 setting will cover the whole length of 

line 1 and 20% of line 2 segment. The coverage area of zone 3 will span the entire 

lengths of lines 1 and 2, and 20% into the adjacent line beyond bus C. 

The characteristic of a distance relay is presented usually in an impedance R-X 

diagram. R is the resistance and forms the abscissa, while X is the reactance which 

constitutes the ordinate. The origin of the impedance diagram is where the relay is 

located with operation normally in the first quadrant [8]. Fig. 8 shows a mho 

characteristic of the distance relay, D1, set to protect line 1 of Fig. 7. A mho is a circle 

through the origin of the R-X diagram. The impedance of the line segments from bus A 

to bus C is represented as the straight line |AC|. Any fault, F, on line 1 whose impedance 
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falls in zone 1 will be instantaneous cleared. For those faults beyond the reach of zone 1, 

either zone 2 or zone 3 operates depending on where the faults fall on line |AC|. 
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Fig. 7 A Sample Distribution Feeder with Distance Protection 
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Fig. 8 Mho Impedance Diagram for Distance Relay at Bus A of System in Fig. 7 
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2.2.4 Distributed Generators in Radial Distribution Systems 

Distributed generators (DGs) have no universal definition. IEEE defines DGs as 

the generation of electricity by facilities that are sufficiently smaller than generating 

plants so as to allow interconnection at nearly any point in a power system [9]. The 

International Council on Large Electric Systems (CIGRE) Working Group, in contrast, 

defines DGs as generation sources that are not centrally planned or dispatched, have 

capacity less than 50-100MW, and are usually connected at the distribution level [9]. 

Some authors define it based on the voltage level, others based on its proximity to the 

consumer or the type of prime mover. 

DGs may be powered by either renewable or non-renewable sources. Non-

renewable types include reciprocating engine generator sets, fuel cells, micro-turbines, 

gas turbines and hybrid fuel cells. The reciprocating engine set is dominated by 

synchronous generators. Renewable DG types include wind turbines, biogas and 

concentrated photovoltaic units. Some renewable types are connected through power 

electronics inverters to the distribution system. 

Connecting DGs at the distribution level introduces some challenges especially 

to protection. Several authors have investigated the effects of DGs on radial distribution 

protection and have concluded that protective devices, such as reclosers and fuses may 

mis-coordinate depending on type, size, and placement of the DGs [10]-[15].  Fault 

currents at the point of tie of the DG increase and these higher currents have the 

potential to redistribute among the various parts of the networks, causing stress and 

damage to components and danger to personnel.  For some instances, the in-feed 

contributed by DGs on a healthy feeder to a faulted feeder may cause sympathetic 

tripping. Sympathetic tripping is undesirable as it causes service interruption to 

customers who under normal circumstances should not have been affected. Reclosing 

functions which are applied to a large extent on radial DS to clear temporary faults also 

become infeasible without disconnecting the DGs. 
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2.3 Protection Approaches for Distribution Systems with or without DGs  

To address the protection challenges that arise from connecting DGs to DS, 

various approaches have been proposed in the literature.  These approaches range from 

the use of fault current limiters, to microprocessor reclosers, as well as adaptive 

protection schemes. Adaptive protection, according to [16], is the ability to 

automatically make real-time adjustments to power system protection schemes in 

response to changing system conditions. Adaptive protection can be divided into 

adaptive protection device and adaptive protection system depending on the functions 

and information involved [17]. Adaptive protection device uses local information only 

and can adapt to changes of operating mode of less area while the adaptive protection 

system involves a larger operating area requiring high communication channel 

bandwidth. Table 1 shows a review of various approaches in the literature that seek to 

address the protection challenges pertaining to RDS with DGs. The table also has some 

protection schemes that do not address DGs impact but rather adapting OC protection 

due to varying loads on RDS. 

In [18] and [19], it was proposed to minimize the contribution of DGs during 

fault through the use of fault current limiters without jeopardizing the network under no 

fault conditions. No changes were made to the existing OC protection scheme in the 

system. The use of the fault current limiters offers simplicity in tackling the problem of 

reducing the DGs current contribution. However, fault current limiters are characterized 

by power electronics which may affect power quality. To solve the problem of fuse-

recloser coordination, [20], and [21] suggested to use a microprocessor recloser that 

allows for implementing user-defined curves. The microprocessor recloser provides 

flexibility in maintaining OC coordination between fuses and the recloser. On the other 

hand, the requirement of having to check for protection coordination in order to select 

the appropriate recloser curve may prove to be difficult as the number of DGs increase.  

[22] addressed the issues of nuisance fuse blowing and fuse fatigue on laterals with DGs 

by replacing the lateral fuses with a multi-function recloser. The method works best for 
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nuisance fuse blowing but not so well for fuse fatigue as there exist instances for which a 

fuse can begin melting before a recloser’s fast operation is initialized.  

References [17, 23, 24] presented approaches for changing relay pick up in 

response to varying load current. However, these approaches presented do not take into 

consideration conditions when DGs are connected to the system. The scheme presented 

in [25] for adapting the zone 2 distance relay setting works best for inverter interfaced 

DGs and does not hold for synchronous DG type.  The adaptive technique for current 

protection scheme presented in reference [26], which was based on a directional 

approach  has some limitations as it is more suitable for systems where the  DG is 

connected near the grid or at the bus bar. 

The approaches presented in [27]-[30] established protection zones in the 

distribution system. The zones were separated by circuit breakers that had the capability 

to receive control signals from a central relay at the substation. The zones were formed 

with a balance between generations and load in a way that allowed for unfaulted zones to 

be operated as intentional islands. For those zones that had no DGs, they became dead 

during fault. In [31]-[33], the overcurrent relay pick up setting was changed based on the 

contribution from the DGs. These methods were adaptive as it involved appropriate 

choice of relay settings that matched the network conditions.  In [34], when a fault 

occurred on an area of a feeder operated as a loop, a distance relay employing a modified 

permissive overreach transfer trip (POTT) scheme was used to break up the loop by 

disconnecting the appropriate circuit breakers. The DG(s) in the faulted area were 

disconnected but those on the unfaulted areas of the feeder remain connected. 

Conventional OC protection cleared the fault once the loop was broken and the faulted 

area’s DG(s) were disconnected. [35]-[37] presented communication assisted 

overcurrent protection schemes where relays were tripped based on the directional 

information it receives from other relays on the distribution system. Specifically in [35], 

a master relay at the substation controlled all the relays on the radial distribution system 

based on the response to queries it frequently sent out to these relays. 
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Table 1 Review of Protection Approaches for Radial Distribution Systems with DGs or Adaptive 

# Protection  Approach / Method 
Protective 

Elements 

Protection 

Type 

DG 

(Yes/No) 

Adaptive 

(Yes/No) 
Ref. 

1 

A fault current limiter was proposed to be placed between the DG and the interconnection 

point to the distribution system to reduce the fault current contribution that emanates from 

the DG. 

Fault current 

limiter, relays 
Overcurrent Yes No [18] 

2 

Fault current limiter impedance was optimally determined to restore coordination among 

protective elements in the presence of DGs. Impedance of the limiter was increased in 

steps following a fault calculation such that coordination  was maintained between the 

primary and back relays. 

Fault current 

limiter, relays 
Overcurrent Yes No [19] 

3 

The scheme entailed using a microprocessor based recloser that enabled switching from 

one curve to the other during fault. A user defined recloser curve to maintain fuse-recloser 

coordination in the presence of DG was obtained by scaling any suitable recloser curve 

using the ratio of fuse to recloser current. 

Microprocessor 

based recloser, 

fuses 

Overcurrent Yes 
Yes 

[20] 

4 

The paper proposed to use a microprocessor recloser to revise the recloser’s fast 

characteristic curve. The revision was done by shifting the fast curve down by the lowest 

value of the ratio of the recloser fault current to the fuse current. Feeder relay had 

directional elements to mitigate false tripping. 

Microprocessor 

based recloser, 

fuses 

Overcurrent Yes Yes [21] 

5 

For mitigating fuse fatigue and nuisance fuse blowing in RDS with DGs, the author 

suggested replacing fuses on a lateral with DG with a multifunction recloser and adding a 

relay at the DG point of connection. 

Microprocessor 

based recloser, 

fuses, relays 

Overcurrent Yes 
No [22] 
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Table 1 Continued 

# Protection  Approach / Method 
Protective 

Elements 

Protection 

Type 

DG 

(Yes/No) 

Adaptive 

(Yes/No) Ref. 

6 

The operating status of the system, loading and fault conditions are determined and the 

real time settings of the protection devices are computed. The method employed was an 

adaptive three-step current protection comprised of adaptive current fast tripping, adaptive 

current fast tripping with time limit and adaptive over current protection. 

Relays Overcurrent No Yes [17] 

7 

The paper introduced a new logic for the setting of the pickup current of an OC relay, 

which was a function of the load current with an added margin of 15% of the maximum 

load current. 

Relays Overcurrent No Yes [23] 

8 
Pickup values of OC relay were dynamically varied in response to load variation to 

achieve coordination among relays. 
Relays Overcurrent No Yes [24] 

9 

An adaptive mathematical formulation for computing the zone II settings of distance 

relays was presented that took into consideration the fault type. The method used the 

positive sequence current from inverter interfaced DGs. 

Relays 
Distance 

protection 
Yes Yes [25] 

10 

The method involved a directional protection that used the system equivalent phase 

voltage, system composite impedance and line impedance to estimate the fault current. 

Depending on the location of the protection relative to the DG position, the line current 

was enhanced or reduced through a line compensation coefficient. No changes were made 

to the protection settings when DGs were absent. 

Relays 

Directional 

overcurrent 

protection 

Yes Yes [26] 
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Table 1 Continued 

# Protection  Approach / Method 
Protective 

Elements 

Protection 

Type 

DG 

(Yes/No) 

Adaptive 

(Yes/No) Ref. 

11 

The distribution system was divided into zones that maintained a load and generation 

balance. Zones with DG(s) were capable of islanding. . Circuit breakers were installed to 

separate the zones. A centralized computer based relay at the substation determined the 

faulted zone and isolated it by comparing offline measurements of main source and DG 

currents contribution to faults in a look table with their real time equivalents.  

Fuses, circuit 

breakers, relays 

Comm. 

assisted 

overcurrent 

Yes Yes [27] 

12 

The basic idea was again based on dividing the distribution system into zones 

considering DG and load requirements. Each zone had two breakers whose decision to 

open or close was determined by a centralized computer relay at the substation.  The 

relay used a look up table that stored the offline currents of main source, DGs and 

laterals for all fault types and locations and compared these currents to their online 

counterparts to identify faulted zones. 

Relays, circuit 

breakers 

Comm. 

assisted 

overcurrent 

Yes No [28] 

13 

The protection was based on the zoning concept with remotely controlled switches 

placed between two zones. Zones that had no DG and were located downstream a faulted 

zone were  switched to connect zones with DGs. 

Relays, circuit 

breakers 

Comm. 

assisted 

overcurrent 

Yes No [29] 

14 

The approach divided the distribution system into zones; upstream and downstream from 

the DG point of location. The zones upstream of the DGs were protected by directional 

pilot protection and OC protection. The zone downstream, as it appeared as a single 

source, used definite-time overcurrent protection. For multiple DGs connected to various 

buses, the feeder was divided into several zones with directional pilot protection and 

directional definite OC in the upstream zones from each DG point.  Downstream zones 

were protected with definite-time OC relays. 

Relays, circuit 

breakers 

Overcurrent 

and pilot 

protection. 

Yes No [30] 

15 
Relay pickup setting was changed as the total amount of power injected by all DGs 

increased to address the problem of reduced reach. 
Relays Overcurrent Yes Yes [31] 
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Table 1 Continued 

# Protection  Approach / Method 
Protective 

Elements 

Protection 

Type 

DG 

(Yes/No) 

Adaptive 

(Yes/No) 
Ref. 

16 

Discussed an algorithm that calculated the actual short circuit current contribution from 

the grid and all DGs connected to the appropriate feeder and adapted the settings of the 

high set OC element.  Real time data involving monitoring grid conditions, breaker 

statuses as well as non-real time data that involved the prediction of distributed energy 

resources were used to confirm the selectivity of tripping characteristic for each fault 

condition and the choice of the relay settings. 

Relays, circuit 

breakers 
Overcurrent Yes Yes [32] 

17 
Pickup setting of overcurrent relay was changed based on the increase or decrease short 

circuit current contribution from the DG. 

Relay, circuit 

breakers 
Overcurrent Yes Yes [33] 

18 

The DG was connected to two radial feeders that could be operated in a loop by closing 

a normally open switch.  For a given feeder fault, connection of the DG was switched to 

the unfaulted feeder, and conventional OC protection scheme was applied to clear the 

fault on the faulted feeder. 

Sectionalizers, 

fuses, relays 

Overcurrent 

and distance 

protection 

with POTT 

scheme. 

Yes No [34] 

19 

This method was based on a longitudinal comparison principle with a master-slave 

communication structure. Each slave relay had directional element. Master relay at 

substation queried all slaves and used their responses to identify the faulted section and 

isolated the section accordingly. 

Relays 

Directional 

overcurrent 

protection 

Yes No [35] 

20 

Relays issued a binary state signal to indicate the possibility of a fault nearby based on 

the magnitude of the current entering the associated area from the upper system. 

Corresponding relay received such signals from other relays and simultaneously utilized 

binary state signals, to determine whether it should trip its breaker or not. This method 

was for selective disconnection of faulted area and DG on a particular feeder. 

Relays, circuit 

breakers 

Comm. 

assisted 

overcurrent 

protection. 

Yes No [36] 

21 

Communication assisted scheme that allowed for fast tripping of faulted zones based on 

traditional three step current protection scheme. The main protection concept was to add 

directional elements and communication channel to traditional protection scheme. The 

directional element is to avoid improper tripping for reverse faults, and the 

communication channel is used for remote tripping and blocking. 

Relays, circuit 

breakers 

Comm. 

assisted 

overcurrent 

Yes No [37] 
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The approaches [27]-[29] that divide the distribution system into zones and use 

circuit breakers on the zonal boundaries provide an efficient means of containing and 

limiting the extent of fault damage. However, relying on one central relay to control the 

breakers that separate the zones can impair the performance of the protection approach 

in the event of losing the relay due to a cyber-attack or malfunctioning of the 

component. High processing power is also needed to store the large amount of lookup 

table data that is needed by this central relay. A protection approach was developed 

which modifies the work of [27] and [28].  The approach proposes to decentralize the 

control of the zonal circuit breakers via relay with zone breakers to eliminate the single 

point of failure the central relay presents. A binary state signal is used as the means of 

sharing the fault information among the relays that are added. The idea to use binary 

state signals originates from [36] to help reduce the amount of information that will be 

exchanged in the modified protection approach. 

 

2.4 Summary 

In this section, the conventional radial distribution protection (RDS) philosophy 

has been presented and a discussion of various overcurrent protective devices and how 

they are applied to RDS is given.  The section also provides a review of various 

distribution protection schemes in the literature that address some of the challenges 

caused by integrating DGs. Microprocessor based protective relays are providing new 

ways to ensure coordination in the face of DGs in radial distribution feeders. Adaptive 

and communication assisted schemes have also been utilized to some extent that take 

into consideration the changing network conditions. Existing protection approaches that 

separate RDS with DGs into zones have been selected for modification. 
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3 SMART GRID OVERVIEW AND ADVANCED METERING 

INFRASTRUCTURE 

 

3.1 Introduction 

Over the years and around the world, the need to reduce carbon emissions from 

the power industry while meeting the increasing customer reliability and power quality 

needs continues to cause a tremendous stress on the existing power system 

infrastructure. The current grid is not equipped to deal with renewable energy integration 

and at the same time allow for consumer flexibility on energy usage.  Political and tight 

regulatory measures further aggravate the issue in an attempt to meet energy policy 

goals. As a result, the power grid is now subject to challenges and conditions, which 

were never envisioned when it was designed several decades ago. A power grid that 

provides a means for meeting the emerging trends and also allows for efficient and 

effective automatic controls as operational decision times reduces has been envisioned. 

This vision has led to the birth of the smart grid that has attracted a lot of attention. 

 In this section, the smart grid concept is introduced along with the technologies 

required to drive this concept. Advanced metering infrastructure which is considered a 

cornerstone for a smarter distribution grid is also discussed. Distribution system 

protection technologies developed for the smart grid are also briefly introduced. 

 

3.1.1 Smart Grid 

A smart grid is essentially adding ‘intelligence’ to the power grid. Although 

some forms of intelligence currently exist in the power grid, they are often local and 

decisions are made without adequate inputs from other parts of the system. Such 

approaches have been known to be the cause of major system outages. The ability to 

take into consideration decision parameters from various parts of the system will be very 

critical in meeting the power needs of the 21
st
 century. The smart grid is at its nascent 

form, and like any emerging trend there is no clear consensus as to what exactly the 

smart grid is, and the path to which it will eventually evolve. Fig. 9 depicts the 
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intricacies of a conceptual smart grid as envisioned by [38]. It illustrates a number of 

sources and sinks of the data that will be generated in a smart grid environment. The 

sources are projected to be located at various places in the network and will consist of 

both conventional and non-conventional sources. The non-conventional sources as 

shown in the figure will consist of both renewable energy sources such as wind and 

solar. The solar sources will span from large solar farms to small household rooftops. 

Electric vehicles and rechargeable battery will also be part of the energy mix with the 

capability to receive and supply to the power network at the same time. Communication 

is also expected to play a major role in the smart grid. The communication link can take 

the forms of wireless, wired or power line carriers. Intelligent household appliances will 

be interacting with the smart grid network through the communication links by way of 

the smart meters. The control and system management consoles will have a complete 

oversight of the activities occurring on the system by monitoring the data emanating 

from all the components of the grid. 

 

 

 

 

Fig. 9 A Conceptual Smart Grid System [38] 
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The US Department of Energy (DOE) defines the smart grid as the use of digital 

technology to improve the reliability, efficiency and security of the current grid [39]. 

DOE suggests that the modern smart grid should [40]: 

1. Have a self-healing capability. The grid through the continuous use of 

measurement from intelligent electronic devices should be able to detect faults, 

mitigate the impacts and restore network components following an outage. 

2. Encourage active customer participation. Through the bidirectional flow of 

information, customers should be able to respond to electricity pricing signals by 

controlling their in-house equipment. Customers should also be able to sell 

excess power emanating from any distributed energy resources (DERs) they have 

to the utility. These DERs could be plug-in-hybrid vehicles, roof top solar panels 

or small wind units. 

3. Resilient to attack. The modern grid should be reconfigurable to provide 

continuous services in the event of natural disasters or cyber-attacks. 

4. Accommodate all generation forms. Integration of DERs with plug-and-play 

capabilities must be possible in the future smart grid. This is to help improve 

reliability, reduce generation cost, and energy losses and introduce a niche 

market system for renewable generation currently inexistent. 

5. Improve the power quality needs of the 21
st
 century. The grid must support the 

digital needs of the emerging industrial and commercial processes so as to 

minimize downtimes and maximize productivity. 

6.  Enable new markets. The generation sources, be it centralized or distributed, 

should be able to sell power to customers wherever they are located. The market 

must therefore encompass a variety of stakeholder groups (consumers, 

distribution companies, generation companies). This means that the financial and 

regulatory environment must provide a fair access to electricity market.  

7. Optimize assets and operate efficiently. Use of advanced monitoring techniques 

should allow for optimal loading of assets while reducing their out-of-service 

times. 
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The smart grid is also considered to be the application of technologies from the 

telecommunication and information technology industry to the electric grid [41].   Thus, 

in a smart grid system, the transmission and distribution network of the power grid will 

serve as the physical layer, while data control and transport will be realized through the 

communication layer. The information systems will be used to process the data gathered 

through the communication network and present them in comprehensible formats so that 

stakeholders of the grid can make timely and better informed decisions. Stakeholders of 

the power grid recognize that adopting technologies from the communication and the 

information industry in itself present challenges that will have to be solved through 

proper use and development of standards across the board. 

 

3.2 Smart Grid Technology Development 

The technologies that are anticipated to propel the current power grid into the 

smart grid of the future have been identified in [40]. These technologies comprise the 

following key areas: advanced components, advanced control, improved interface and 

decision support, and sensing and measurements. Fig. 10 shows the merging of these key 

areas under the smart grid umbrella. 

The requirement of the smart grid to be resilient and self-heal itself is in part 

dependent on it being able to acquire the necessary data for the appropriate control and 

protection systems. A fully integrated communication network standardized across the 

industry will ensure that such actions are possible. The integrated approach is to allow 

for bidirectional flow of information, and just like the internet, provide a plug-and-play 

environment among the various components of the grids.  Integrated communication 

forms the basis on which other functions of the smart grid will be developed. 

Confidentiality, integrity and authentication of the communication networks will be 

essential in preventing intruders from gaining access to vital systems in order to inflict 

damages. 
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Fig. 10 Smart Grid Key Technology Areas 

 

 

 

Similarly, advanced power electronics components, high temperature 

superconductors, distributed energy resources, and intelligent components are 

considered some of the next generation assets that will allow for delivery of high power 

quality services and optimum reliability levels of operation. Pilot phase testing of some 

of the advanced components are currently underway and mass adoption is soon to be 

expected.  

Without sensing and measurements, the integrated communication networks have 

no data to transport. Phasor measurement units, advance metering infrastructure, 

synchrophasors, line sag monitors, electronic instrument transformers, and advanced 

protective elements will provide real time data acquisition for monitoring the power 

system states. These sensing and measurements units will help to improve the 
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performance of preventive and corrective actions while providing a system wide view of 

the power grid. 

By the same token, advanced control technology is of necessity for the 

realization of efficient control of the transmission, distribution and consumer levels. 

Analytical tools, distributed intelligent agents, human machine automation network etc. 

will allow for quick diagnosis and restoration of the network following system 

disturbance. These processes will utilize the data acquired from sensors and measuring 

devices together with the integrated communication to achieve the prospective goals. 

Finally, the ability to make any meaning of the voluminous data gathered from 

the sensing and measurement units, to an operator will be dependent on the ability of 

information systems to reduce them into readable forms so that timely decisions can be 

made. Intelligent alerting systems, and advanced visual techniques are some of the tools 

expected to provide active assistance to human operators.   

 

3.3 Advanced Metering Infrastructure 

Historically, sensing and measurement of customer energy  have evolved from in 

person reading to automated meter reading and now smart metering, which is achievable 

through an advanced metering infrastructure (AMI) [42]. Automated meter reading only 

involves unidirectional flow of information and therefore fell short of the needed smart 

grid attribute that will allow for bidirectional information flow. With the smart grid 

euphoria, the fundamental assumption is that improving the sensing and measurement 

capabilities at the distribution level will eventually provide added benefits that will 

offset the cost of maintenance. This has seen many electric utilities implementing AMI 

on their systems. Some utilities are deploying the AMI in a gradual manner while others 

are taking a more aggressive approach. A few decades ago, this would have been an 

acrimonious step due to the comparable cost of maintaining and planning the distribution 

system to the need for real time data and analysis expected from the AMI. The roll out is 

expected to set the stage for more innovative measures needed in a smart distribution 

grid. AMI is anticipated to allow for active customer participation in the electricity 
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market. This will give customers choices thereby helping them reduce their energy usage 

and ultimately save money. Through the AMI energy measurements, it is expected that 

utilities will have an accurate estimate of the loading on their network at any point in 

time. Table 2 summarizes the benefits that AMI is expected to bring to both the utility 

and the customer [43].  

 

 

 
Table 2 Advanced Metering Infrastructure (AMI) Benefits 

Utility Consumer 

Ability to collect a variety of data on consumers’ power 

usage to provide more fine grained services. 

Access to information that will allow consumers to 

make timely decision concerning their energy 

usage. 

Reduction in the man power hours needed to read 

consumers’ energy usage data. 

Participate in demand side management programs 

such as rate plans and expanded product option. 

Combat power theft. Ability to use in-home monitors. 

Ability to disconnect and reconnect customers depending on 

their fulfillment of an obligation. 

Accurate energy billing compared to the sometimes 

estimated or manual meter reads. 

Service interruption can be detected more quickly without 

have to rely on customer calls. 

Improved service and reliability. 

 

 

 

The basic components that constitute the AMI are: Smart meters, AMI 

Communication Network, Customer Gateway, and AMI Headend [44]. Smart meters 

come in different types and models with the basic functionality for a two-way 

communication between the utility and the customer. Residential smart meters are 

single-phase devices and that of commercial and industrial customers are three-phase 

devices. The smart meters can measure energy consumptions in almost real time and 

communicate the data to the utility at regular intervals of 15, 30 or 60 minutes. Through 

the smart meters, remote control of customer equipment (e.g. adjusting temperature 

setting of air conditioners) can be done by the utility. The smart meters also have the 

ability to measure the energy supplied to the distribution systems by distributed 

generation sources that may be connected. A study conducted by Navigant Consulting 

for the Public Utility Commission of Texas explored the benefits of smart meters over 
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electromagnetic meters. Accuracy tests of a sample of smart meters were found to be 

within +/- 0.5% and showed better performance in most cases over their 

electromechanical counterpart [45]. The leading manufacturers of smart meters in the 

United States currently include Echelon, Elster, GE, Itron, LandisGyr, and Sensus. Table 

3 shows a comparison of certain features for some of the smart meters developed by 

these major manufacturers. 

The AMI communication network serves as the neural paths for information 

exchange between the customer and utility and comprises of both Wide Area Network 

(WAN) and Large Area Network (LAN).  Data gathered from the smart meters through 

the communication network are made available to other systems at the AMI headend 

usually located at the distribution or the transmission control center. These systems can 

include the outage management, meter data management, operator consoles and market 

simulator. The AMI headend therefore serves as the power house of the metering 

systems.  To fully maximize the benefits of AMI, Home Area networks (HAN) and 

Building Management Systems (BMS) deployed in homes are made to interface the 

AMI communication network through the customer gateway.  
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Table 3 Comparison of Smart Meters by Major Manufacturers 

Manufacturer 

Feature 
Itron [46] GE [47] Elster [48] Sensus [49] LandisGyr [50] Echelon [51] 

Model Open-Way Centron® I-210+c AS 220 iCon A Residential FOCUS AX SD 2S 

Capabilities 

-Bi-directional 

metering. 

-Provides over one year 

of 15-minute load 

profile data storage. 

 

-200A remote 

disconnect and 

reconnect switch 

optional feature. 

 

-Tamper detection. 

-Supports delivered, 

received, and net 

metering for 

distributed 

generation. 

 

-Power quality. 

-Load profile 

recording. 

-Time of Use 

Billing Measures. 

-Tamper detection.  

-Power quality 

measurement. 

-Load profile for 

billing data. 

 

-Integrated connect 

and disconnect relay 

up to 100A. 

-Power outage and 

restoral notification. 

-Full net metering. 

 

-Load profile and time-

of-Use. 

 

-Remote disconnect 

capability. 

 

-Power quality 

reporting. 

-Meter tamper 

detection. 

-Proactive outage 

and restoration 

notification. 

 

-200A remote load 

control and 

disconnect. 

 

-Time of use and 

demand billing. 

-Integrated 200A 

switch can be 

locally or remotely 

controlled. 

 

- Power quality 

analysis. 

-Demand metering. 

 

- Load profile and 

time-of-use. 

Data Measured 

-Instantaneous voltage. 

-Wh (delivered, 

received, net, 

unidirectional). 

-VAh (delivered 

arithmetic, received 

arithmetic, Lag). 

-W (max delivered, 

max received, max net, 

max unidirectional). 

-Maximum and 

minimum voltage. 

  

-kVAR, kVA, 

demand. 

-Measurement of 

active, reactive and 

apparent demand. 

-Instantaneous and 

average voltage and 

current. 

 

-kWh and kVAh energy 

measurements over 

customer selectable 

intervals. 

 

-kWh delivered, 

kWh received and 

net kWh  

 

-Full function 

meters measure and 

display 

instantaneous and 

average power.   

-Forward, reverse, 

and net active 

energy. 

 

- KVARh import 

and export. 
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Table 3 Continued 

Manufacturer 

Feature 
Itron [46] GE [47] Elster [48] Sensus [49] LandisGyr [50] Echelon [51] 

Demand Interval 

length 

-Programmable 5, 6, 

10, 12, 15, 20, 30 and 

60 minutes. 

-Single channel 30-

minute data 753 

days. 

 

 -Two channels  

30-minute data 501 

days. 

-Event logging up to 

200 events of 15 

minutes intervals. 

 

-Load profile 

interval data every 

15, 30, or 60 

minutes. 

-Meter is customer 

selectable to report its 

information from every 

15 minutes, 1, 1-1/2, 2, 

4, 6, 8, 12, and 24 hour 

 

-Up to two seasons of 

Time-of-use in up to 5 

tiers of data 

-Interval data of 1, 

5, 15, 30 or 60 

minutes 

-5-minute interval 

data is available 

for a minimum of 

45 days for two 

channels 

-Data can be 

captured at 

programmable 

intervals from 5 

minutes to once a 

day. 

 

- Single-channel, 1-

hour data can be 

retained for 180 

days. 

 

Communication 

 

-ZigBee radio for 

interfacing with the 

HAN, in-home 

displays and load 

control devices. 

 

-Radio Frequency 

Mesh (RF Mesh). 

 

- Power Line 

Communications 

(PLC). 

- Cellular 

(GPRS/CDMA)  

- Ethernet 

-WAN using 

GSM/GPRS  

 

- HAN 

communication for 

gas & water meter 

reading using 

wireless  M-Bus, 

868MHz 

- ZigBee with PKI 

authentication 

 

- IP addressable through 

FlexNet. 

-GSM/GPRS 

technology 

 

-Ethernet 

-PSTN, low or 

medium voltage 

PLC or a 

combination. 

-Power line 

communication. 

 

- Internal slot to 

house an optional 

ZigBee radio card 

for communication 

with in-home 

devices. 

 

Voltage Class 

 

120/240V 

 

120/240 V 

 

220/240V  

 

120/ 240V 

 

120/ 240 V 

 

120/240V 
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A typical AMI infrastructure and how data collected at the smart meters is made 

available to the utility operator is shown in Fig. 11 [52]. The meters can communicate 

using either wired or wireless medium. Data gathered by the meters are relayed to a 

collector typically installed on poles and then transmitted to the utility. The extent of 

travel of the metered data is enhanced through a repeater. Depending on the topography 

of the service area, each smart meter can either transmit its data directly to the collector 

or the data may hop from one smart meter to the other until the data makes its way to the 

collector. The collectors connect to a WAN where the data is transmitted wirelessly to 

the utility control computers. 

 

 

 

 

Fig. 11 Advanced Metering Infrastructure System[52] 
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3.3.1 Smart Grid Technology in Relation to Distribution System Protection 

Smart grids will require smarter protection that can respond to network topology 

changes during operation. A smarter protection is expected to consider the network 

flows arising from all the added generation sources, the load variability ensuing from 

demand response, and the need to optimize the assets and system. 

 In [53], a novel current only directional relay concept is presented that will 

reduce the cost of applying directional relaying elements to distribution systems in a 

smart grid environment. The novel technology eliminates the need of the voltage 

polarizing element in traditional directional relays. The scheme employs the pre-fault 

current as the polarizing quantity and identifies the forward and reverse fault direction 

based on significant phase angle changes.  

Beckwith Electric recently introduced a state-of-the-art feeder protection relay 

(M-7651) with 18 protective relaying functions and sync-check with four step recloser 

capabilities [54]. The relay has a smart grid ready platform with communication 

protocols such as DNP 3.0, Smart P2P, and Modbus. The high sampling rate of 128 

samples per cycle provides advanced metering, power quality, THD and load profiling 

capabilities. 

RadioRanger
®

 wireless fault indication system developed by Schweitzer 

Engineering Laboratories (SEL) is being used by utilities in their effort towards the 

smart grid to reduce fault finding times. While driving the device around the distribution 

system, the device communicates the fault status back to a central location allowing 

engineers to pinpoint where the fault has occurred on the system [55].   

A list of other advanced protection technology systems being developed for the 

smart grid is presented in Table 4 [40].   
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Table 4 Advanced Protection Systems 

System Description 

Fault-testing 

recloser 

-Applies a very fast, low-energy pulse to the line to determine if a fault is still present.  

 -Minimizes damage caused by reclosing into faulted lines.  

-Significantly reduces damaging fault-current and voltage sags on the faulted line and 

adjacent feeders.  

-Substation transformers experience fewer through-faults, thus extending service life.  

-Cables, overhead conductors, splices, and terminations experience less thermal and 

mechanical stress from through-fault currents. 

Special protection  

system 

-Real-time monitoring of key generation assets or transmission lines and their associated 

power flows.  

-Upon a change of status (like loss of generation and/or loss of transmission), a pre-

programmed set of actions takes place (e.g., wide-area load shed, generator re-dispatch, 

separation of interties).  

-Allows power transfers across the grid that would not comply with single or multiple 

contingencies under normal criteria.  

-Allows operators to load transmission lines closer to thermal limits or beyond normal voltage 

or system stability limits 

 

 

 

3.4 Summary 

The aging infrastructures of the power grid are without adequate intelligence to 

meet the needs of 21
st
 century. Smart grid brings the needed intelligence through 

metering, communication and information system technology to the power grid. The 

smart grid is at a nascent state and therefore its success depends on the industries’ ability 

to develop some key technologies, which have been identified to include: advanced 

components, improved interface and decision support, advanced control, sensing and 

measurements. Advanced metering infrastructure system and some novel distribution 

protections are currently being implemented to set the stage for a smart distribution grid.  

 

 

 

 

 



35 

 

 

4 PROBLEM FORMULATION FOR OVERCURRENT PROTECTION AND 

SMART METER INFORMATION USAGE 

 

4.1 Introduction 

The design of the distribution system (DS) since the genesis of the electric power 

grid was made without thought of connecting generation sources close to the loads. 

However, in a smart distribution grid more distributed generators (DGs) will be 

connected at various locations close to loads. The addition of DGs changes the topology 

of radial distribution systems (RDS). This causes the power flow in the RDS to change 

from being unidirectional to bidirectional. Such flow alterations affect overcurrent (OC) 

protection in RDS, which is often based on one direction of power flow. More DGs will 

also increase the short circuit current in certain parts of the system while reducing the 

reach of some protective devices. Unwanted tripping and mis-coordination may occur 

between the primary devices and the backup devices on the system. Thus, the selectivity 

and security of OC protection in RDS can be greatly affected in a smart grid 

environment.  

This section states the overcurrent protection problem of RDS with DGs to be 

addressed and the need to have protection settings that are adaptive to system loading. 

 

4.2 Problem Formulation 

Fig. 12 shows a radial distribution feeder with three generation sources, DG1, 

DG2 and DG3.  The current flow through relays R2 and R3 can be either from the 

substation and the downstream DGs depending on the capacity of the downstream DGs. 

This potential bidirectional flow undermines the unidirectional principle on which the 

settings of these devices are based.  R2 and R3 may misoperate for faults outside of their 

protected area due to the contribution from the DGs that are connected downstream of 

their positions. These unwanted trippings reduce the service reliability of the customers 

on those sections of the feeder.  The contributions from DG1, DG2 and DG3 to a fault 

on line 2 may cause the fault current flowing through R1 to be reduced. Such a condition 
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may affect the reach of R1 thereby making it unable to provide the desired protection for 

line 2. The cumulative effects of not having the overcurrent protection operate as desired 

subjects the general public and utility personnel to potential hazards. For a fault on line 

1, where R1 operates, reclosing functions performed by the relay may be connecting two 

energized systems if proper synchronization with the DGs is not performed.   
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Fig. 12 A Radial Distribution Feeder with Interconnected DGs 

 

 

 

If faults occur on the feeder and the DGs contribute to the fault, IEEE STD [56] 

guide requires that those DGs be disconnected from the feeder circuit. To mitigate 

unwanted tripping of the protective devices, while allowing the DGs to continue to 

supply the unfaulted sections of the feeder, [27] and [28] presented an approach that uses 

a zonal concept to isolate a faulted area in RDS with DGs. The authors in [27] first 

proposed and showed how the zone concept can be applied to RDS with DGs to isolate 

faulted sections. The zone concept has the property of limiting disturbances to a 
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confined area of the network. This is important in RDSs where the de-energization of a 

fault should be as selective as possible. In [28], systematic procedures for the formation 

of zones on a radial distribution network with DGs were outlined. The procedure for 

forming zones  [28] follows the steps listed below 

1. One zone is considered for each DG. A zone starts from DG bus and extends 

towards the end of the feeder. Using the example system of Fig. 13, a zone starts 

at bus 2 and extends along line segment 2, and another zone begins at bus 5 and 

proceeds along line 5. 

2. Coverage area of a zone on the feeder continues downstream until the DG’s 

capacity matches the total average load within its zone. Continuing with the 

example of Fig. 13, a zone started at bus 2 will have its loads matched to DG1’s 

capacity. 

3. In the course of a zone’s expansion towards the end of the feeder for a given DG, 

if a second DG is encountered before exceeding the balance between the first 

DG’s capacity and the total average load, then the second DG is regarded as part 

of the first DG’s zone.  

4. A zone’s coverage area is extended upwards in the event that the zone formed by 

the DG reaches the end of the feeder and the DG’s capacity is still larger than the 

total average load located in the DG’s zone. For example, the zone formed by 

DG2 may extend upwards to line 4 if DG2 still has excess capacity. 
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Fig. 13 An Example Radial Distribution Feeder for Zone Formation   
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Applying the zone formation steps to Fig. 13, each zone starts from the 

respective DG’s bus.  Fig. 14 shows the zone boundaries defined for the example system 

of Fig. 13.  B1, B2, and B3 are the breakers installed to separate each of the established 

zones following the method outlined in [27] and [28]. These breakers will then be 

controlled by a central computer relay located at the substation. Each breaker is capable 

of opening and closing based on the received signals from the central relay and has a 

check-synchronization function. The central relay houses a look up table that is acquired 

through offline calculations. The table contains the current contributions from the main 

source and the DGs for all fault types and their locations in the network. Online 

measurements of these currents are compared by the relay to their corresponding offline 

values in the lookup table to help identify the faulted section and, consequently, the 

faulted zone. After identifying the faulted zone, the central relay sends tripping signals to 

the appropriate breakers to isolate the zone while the remaining unfaulted zones operate 

as intentional islands. The difference in the methods of [27] and [28] is that the lookup 

table in [28] also includes current through laterals for the various fault types and 

locations. 
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Fig. 14 The Example Radial Distribution Feeder in Fig. 13 with Zones Defined 
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Cyber security issues are of a major concern due the increased dependency on 

computerized technology and the eventual evolution of the electric power grid to the 

smart grid. Therefore, relying on one central relay, as presented in [27] and [28], to 

trigger the control of all zonal breakers can cause much damage if the central relay is 

lost due to a cyber-attack or malfunction of the component. For example, a denial-of-

service attack on the central relay will produce a delay of the signal transmitted to the 

circuit breakers. As a result, breakers may fail to operate in a timely manner causing the 

fault to persist for a longer period of time. Thus, it is prudent to be able to perform the 

same protection functions without having to rely on one central component. 

Disconnecting a faulted zone reduces the total loading on the feeder. This means 

the protective relays of the unfaulted zones especially those that remain grid connected 

see a reduction in nominal load current. In general, the ways in which overcurrent relays 

respond to faults depend on prefault conditions and the type of fault. Therefore, for 

prefault conditions where the loading of the isolated unfaulted zone(s) connected to the 

substation are low and the substation OC relay retain the pickup setting that corresponds 

to the maximum loading of the zone(s), the response of the substation relay may not be 

very sensitive.  By adapting the pickup setting of the substation OC relay to the new 

loading of the zone(s), the sensitivity of the substation relay can be increased. 

Acknowledging that the new loading on which the unfaulted zones’ substation relay 

pickup setting will be based on is also ephemeral, it is proposed to operationally adapt 

the settings. Some distribution systems will have two peaks that may show significant 

difference: morning and evening. Therefore, for operational adaptive pickup setting and 

the fact that utilities will have access to the consumption information of customers by 

way of smart metering, the day-to-day loading can be determined and used in the OC 

protection setting for the substation relay. 
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5 SOLUTION METHODOLOGY FOR OVERCURRENT PROTECTION AND 

SMART METER INFORMATION USAGE 

 

5.1 Introduction 

The solution methodologies developed to address the stated problems in section 4 

are outlined in this section. First, the work focuses on addressing some of the 

overcurrent protection challenges that arise from connecting DGs to radial distribution 

systems (RDS). The proposed solution focuses on decentralizing the control of the zonal 

breakers used in the methods of [27] and [28] to eliminate the single point of failure that 

a central relay may present. Also, the IEEE 34 node radial test feeder and its 

modifications made to examine the response of the proposed protection approach are 

presented in section 5.2.2. The results of case studies are discussed in section 5.3. 

 Secondly, the step-by-step method developed to use smart meter load 

information to adapt the overcurrent pickup setting for the substation overcurrent (OC) 

relay of zone 1 is presented in section 5.5. A secondary distribution design for the multi-

feeder test system is presented to allow for the allocation of the smart meters among the 

individual customers defined for the test system. The responses of the adaptive pick 

setting for the substation relay for a select portion of the multi-feeder test system are 

presented for a number of fault types and locations. 

 

5.2 Proposed Directional Overcurrent Protection Approach 

The proposed overcurrent protection approach presented in this thesis expands on 

the work of [27] and [28] which use a zone concept to isolate a faulted area in RDS with 

DGs. The zone formation follows the steps presented in [28] which were discussed in 

section 4. However, in the proposed approach, the zones are separated by zonal 

boundary protective elements that are comprised of both a directional overcurrent (OC) 

relay and a circuit breaker. The directional OC element is composed of negative and 

positive sequence elements to detect the fault current direction. The negative sequence 

element operates for unbalanced faults while the positive sequence element activates for 



41 

 

 

balanced faults. The control of the breakers separating the zones is decentralized by 

eliminating the central relay concept used in the methods of [27] and [28].  

Each directional overcurrent relay at a zonal boundary location controls its 

respective zone breaker. The zonal boundary OC relays communicate with one another 

about the direction of their detected fault current using binary state signals. The use of a 

binary state signal, initially proposed by [57], as opposed to actual fault current values 

reduces the amount of information communicated across the channel to neighboring 

zonal relays. Therefore, a low cost, small bandwidth communication design will help 

reduce the capital needed to implement this protection approach. The shared fault 

direction information is used by the boundary relays in a directional comparison 

blocking scheme to decide a trip or block operation of their boundary breakers. The 

communication between the relays takes into consideration the scale of the network as 

there may be redundancy in the communicated information. For instance, zones 

separated by two or more other zones may not need to have a communication link. This 

is because the relays of the zones innermost may have already communicated the correct 

fault direction information to the relays in the end zones. Two adjoining zones whose 

relays produce an incongruity on the direction of the fault current provide an indication 

of the faulted zone. This faulted zone detection is made by the relays at the boundary of 

a zone by utilizing the fault direction information received from the neighboring zone 

relays. Once a faulted zone is identified, the relays at the respective ends of the zone 

send commands to trip their breakers. Within the faulted zone, the local protection of the 

DGs trips the DGs to prevent them from sourcing the fault following the tripping of the 

zone’s breakers. This means that zones downstream of the faulted zone will be operated 

as intentional islands and the zones upstream of the faulted zone will be energized by the 

substation and any DGs that may be present.  

The assumptions made in the proposed directional overcurrent protection 

approach were: 

1. The radial distribution system includes two or more radial feeders on which DGs 

have been connected. 
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2. The DGs are either located on the main or the three phase laterals of the radial 

feeders. 

3. The DGs are synchronous based machines with automatic controls to regulate 

both the output real and reactive powers to maintain the voltage and frequency 

within acceptable limits.  

4. The DGs have their own protection. 

5. All protective devices on the radial feeders are relay controlled circuit breakers. 

6. Each zonal boundary protective element has both a receiving and a transmitting 

port for communication.  

7. Each zonal boundary protective element has the ability to perform both reclosing 

and synchronization functions. 

8. Each directional element determines the fault type by using the current and 

voltage it samples at its location to activate the required sequence element. 

9. A reliable and secure communication medium exists. 

The proposed approach can be applied to the radially interconnected DG system 

of Fig. 12 by establishing the four zones as shown in Fig. 15. ZB1, ZB2, ZB3 and ZB4 

are the zonal boundary protective elements that separate the individual zones. Fig. 16 

shows the topology for communicating the binary state signals among the various zonal 

boundary protective elements of Fig. 15.  An example of a binary signal information 

exchange for a fault in zone 2 takes the form of ZB2 transmitting a binary bit to ZB3 and 

ZB4 indicating that its sequence element has detected a forward fault. ZB3 and ZB4 in 

return respond with a binary bit that indicates a reverse direction as would be seen by an 

observer looking into the network. The information transmitted by ZB1 to ZB3 and ZB4 

will be redundant as ZB2 also shares the same information. When each relay compares 

its own fault direction to the direction received from the neighboring relays, the fault is 

found to be in zone 2, and zone 2 will be isolated.  For a fault in zone 1, the forward 

fault direction of ZB1 in contrast to the reverse direction indicated by the ZB2 will allow 

only zone 1 to be isolated while the other zones stay connected and operate as islands. 
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Fig. 15 Zone Formation for Fig. 12 System Using the Proposed Directional OC Protection 

Approach 
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Fig. 16 Zonal Boundary Protective Elements Communication Topology for Fig. 12 System 
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5.2.1 The IEEE 34 Node Radial Test Feeder  

The IEEE 34 Node Radial Test Feeder [58], Fig. 17, is based on an actual feeder 

located in rural Arizona. The feeder as presented in [58] consists of one 2.5 MVA, 

69/24.9 kV step down transformer located at the substation and one  24.9/4.16 kV in-line 

transformer located for a short section of the feeder on lateral 5.  Two in-line voltage 

regulators are included to restore the voltage within acceptable limits. The loading on the 

system is light and characteristically unbalanced with wye and delta configurations.  All 

loads are of the static type with representations as either constant current, constant 

impedance or constant power. The feeder loading is classified as either spot or 

distributed. Capacitor banks are located at nodes 844 and 848.  
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Fig. 17 The IEEE 34 Node Radial Test Feeder (Adapted from [59]) 
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5.2.2 Revised IEEE 34 Node Radial Test Feeder for Testing Proposed Directional 

Overcurrent Protection Approach 

Coherent with the objectives of this thesis, the IEEE 34 node radial test feeder 

was revised into a multi-feeder test system that preserved the structure of the original 

test feeder. A dual bus substation configuration was adopted for the purpose of this 

work. For simplicity and reliability reasons, the multi-feeder was designed as two single 

radial feeders that were connected by a normally opened switch at node 800.  Fig. 18 

shows the multi-feeder configuration adopted. Five synchronous based DGs were 

introduced on the multi-feeder test system; three on feeder 1, and two on feeder 2. The 

DGs were placed both on the mains and on the laterals of the multi-feeder. The DGs on 

feeder 1 were connected at nodes 840, 848 and 854. On feeder 2, the DGs were located 

at nodes 858 and 862. The individual ratings of the DGs are given in Table 5.  

Overcurrent protection using relays were added to the multi-feeder both at the laterals 

and at the substation. 

 

 

 
Table 5 Synchronous DG Ratings 

Feeder # Feeder Node DG Number S Rated (kVA) VLN rated (kV) 

1 854 1 610 13.8 

1 840 2 1000 13.8 

1 848 3 1500 13.8 

2 858 4 1100 13.8 

2 862 5 1400 13.8 
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5.2.3 Estimation of Secondary Load Ratings for the Multi-feeder Test System 

The loads were modeled in the multi-feeder test system as distributed and spot 

loads. The average and maximum power requirements for each individual customer at 

the secondary distribution level were estimated to size the secondary distribution 

transformers. The secondary load ratings estimation process for the distributed loads 

utilized the energy consumption data provided in [60] from customer billing records for 

a particular month. As the distributed loads represented monthly energy consumption of 

a number of customers with unequal load values between the various phases, they were 

classified as residential customers. The maximum active and reactive powers provided in 

the same reference paper [60] for the spot loads were maintained. The balanced nature of 

the spot loads coupled with the fact that only their maximum demand was reported 

suggested that they could be either commercial or industrial type loads. Thus, the spot 

loads were designated as commercial or industrial depending on their maximum powers. 

Table 6 shows the kW and kVAR ratings of the spot loads. The ratings of the distributed 

loads for the specific month of recording as reported in [60] are shown in Table 7. The 

loads on the two feeders of the multi-feeder test system were a duplicate of each other. 

 

 

 
Table 6 Ratings for Spot Loads on the Two Feeder Test System 

 

Node 

Phase A Phase B Phase C 

kW kVAR kW kVAR kW kVAR 

860 24.57 18.43 24.57 18.43 24.57 18.43 

840 10.93 8.2 10.93 8.2 10.93 10.93 

844 164.69 123.52 164.69 123.52 164.69 123.52 

848 24 18 24 18 24 18 

890 33.33 25 33.33 25 33.33 25 

Total 257.52 193.15 257.52 193.15 257.52 193.15 
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Table 7 Kilowatt Hour Ratings for Distributed Loads on the Two Feeder Test System  

Node A Node B 

Phase A Phase B Phase C 

#  Of 

Customers 

Total 

kWh 

Energy 

# Of 

Customers 

Total 

kWh 

Energy 

#  Of 

Customers 

Total 

kWh 

Energy 

802 806 0 0 68 10375 67 8465 

808 810 0 0 7 3415 0 0 

818 820 6 7706 0 0 0 0 

820 822 101 53860 0 0 0 0 

816 824 0 0 1 39 0 0 

824 826 0 0 36 14325 0 0 

824 828 0 0 0 0 3 390 

828 830 5 1073 0 0 0 0 

854 856 0 0 1 500 0 0 

832 858 10 1420 2 127 4 864 

858 864 2 69 0 0 0 0 

858 834 11 813 15 3205 14 3233 

834 860 13 3980 14 5602 104 42985 

860 836 16 7844 8 2235 14 12369 

836 840 4 3294 8 5077 0 0 

862 838 0 0 34 8840 0 0 

842 844 1 1380 0 0 0 0 

844 846 0 0 61 7928 35 6934 

846 848 0 0 2 3953 0 0 

 

 

 

Using the kWh energy consumption data and the number of customers 

representing each distributed load, the consumption of each individual customer 

household between any two nodes A and B was randomized around the average 

consumption. The randomization of the individual energy consumption around the 

average was performed based on the assumption that rarely will individual households 

within a neighborhood have the same energy consumption per month. Using typical load 

factors for each class of load type and assumed diversity factors from [61], the secondary 

distribution transformers were sized appropriately. The steps below summarize the 

procedure used in establishing the ratings for the secondary distributed loads. The steps 
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used in determining the phase-A secondary loads between nodes 860 and 836 are given 

as an example. The same procedure was followed for the other loads. The data for the 

secondary distributed loads are given in appendix A. 

 

Step 1: The average energy consumption per phase of the distributed loads between 

nodes 860 and 836 was calculated using the data in Table 7. 

 
Average Energy Consumption   

Total k h Energy Consumption 

 umber of Customers
 

                                                      
    

1 
      .2  k h 

(1) 

 

Step 2: The energy consumption for each customer, i, for a phase was estimated to be 

within ±25% around the average energy consumption. As a check, the sum of the 

individual customer energy consumption for the given phase must equal the total kWh 

energy consumption. Table 8 shows the calculated values for the energy consumption. 

 
Total k h Energy Consumption  ∑Energy Consumption

i

1 

i 1

 

 

 

 

 
Table 8 Energy Consumption for Each Customer of Phase-A for Nodes 860-836 

Customer # Energy Consumption (kWh) 

1 536 

2 500 

3 457 

4 458 

5 498 

6 459 

7 500 

8 488 

9 506 

10 453 

11 461 

12 459 

13 523 

14 518 

15 513 

16 515 
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Step 3: The average demand in kW for each customer was calculated from the energy 

consumption data in step 2 assuming a 30-day billing cycle. The average demand for 

each customer using 720 hours of consumption is shown in Table 9.  

 
Average Demand

i
   

Energy Consumption
i

 ours of Consumption
 

(2) 

 

 

 
Table 9 Average Demand for Each Customer of Phase-A for Nodes 860-836 

Customer # Average Demand (kW) 

1 0.744 

2 0.694 

3 0.635 

4 0.636 

5 0.692 

6 0.638 

7 0.694 

8 0.678 

9 0.703 

10 0.629 

11 0.640 

12 0.638 

13 0.726 

14 0.719 

15 0.713 

16 0.715 

 

 

 

Step 4: The maximum demand for each customer was estimated using assumed load 

factors. The typical load factor for residential customers is 10-15%, commercial 

customers is 25-30%, and industrial customers is 70-80% [62]. Random values of the 

load factors within the ranges were determined for each customer. The maximum 

demand for each customer was calculated using (3). A list of the maximum demand 

calculated for each customer is shown in Table 10 

 

 

 
Maximum Demandi   

Average Demand
i

Load Factori
 

(3) 
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Table 10 Maximum Demand for Each Customer of Phase-A for Nodes 860-836 

Customer # Average Demand (kW) Load Factor Maximum Demand (kW) 

1 0.744 0.13 5.726 

2 0.694 0.11 6.313 

3 0.635 0.11 5.770 

4 0.636 0.10 6.361 

5 0.692 0.10 6.917 

6 0.638 0.12 5.313 

7 0.694 0.10 6.944 

8 0.678 0.11 6.162 

9 0.703 0.14 5.020 

10 0.629 0.12 5.243 

11 0.640 0.15 4.269 

12 0.638 0.11 5.795 

13 0.726 0.13 5.588 

14 0.719 0.11 6.540 

15 0.713 0.14 5.089 

16 0.715 0.12 5.961 

 

 

 

Step 5: The mean length of displacement for each distributed load from a given 

transformer location was computed using (4). The mean length of displacement 

represents the distance the customers were assumed to be spaced from one another for 

them to be supplied by one transformer. 

 

 
Mean Length of displacement   

Length of Line Segment

 umber of Customers
 

(4) 

 

One common secondary transformer was assigned to a group of 12 customers if the 

mean length was less than 250 ft until the total number of customers has all been 

assigned a transformer. If the mean length is greater than 250 ft, a transformer was 

assigned to each individual customer with the assumption that the customers were 

remotely located from one another. The lengths of the line segments for the multi-feeder 

test system are given in appendix B. For nodes 860-836, the mean length is 167.5 ft 

which is less than 250 ft. Thus, two groups were obtained: Group 1 comprising of 12 

customers and Group 2 comprising of the remaining 4 customers which is based on the 

assumed utility transformer allocation philosophy. 
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Step 6: The secondary distribution transformer size for each customer group, k, was 

determined using (5)  from the maximum non-coincident computed demand, maximum 

demand, an assumed power factor of 0.9, and diversity factors from [61]. The closest 

standard overhead distribution transformer rating depending on the value obtained in (5) 

was then selected as the transformer size.  Table 11 shows the computed transformer 

(X’fmer) ratings. 

 

 
Maximum   AXFE , group k   

Maximum  on Coincident Demand group k

Power Factor  Diversity factor
 

Maximum  on Coincident Demand group k  ∑Maximum Demandi
i

 

(5) 

 

 

 
Table 11 Secondary Load Ratings for Phase-A Loads between Nodes 860- 836 

Group 

# 
Customer # 

Average 

Demand 

(kW) 

Load 

Factor 

Maximum 

Demand 

(kW) 

Maximum 

Non-coincident 

Demand (kW) 

Diversity 

Factor 

X’fmer 

rating 

(kVA) 

1 

1 0.744 0.13 5.726 

64.04 

 
2.7 25 

2 0.694 0.11 6.313 

3 0.635 0.11 5.770 

4 0.636 0.10 6.361 

5 0.692 0.10 6.917 

6 0.638 0.12 5.313 

7 0.694 0.10 6.944 

8 0.678 0.11 6.162 

9 0.703 0.14 5.020 

10 0.629 0.12 5.243 

11 0.640 0.15 4.269 

12 0.638 0.11 5.795 

2 

13 0.726 0.13 5.588 

28.97 2.1 10 
14 0.719 0.11 6.540 

15 0.713 0.14 5.089 

16 0.715 0.12 5.961 
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The secondary distributed load ratings together with their assigned transformer 

sizes are provided in appendix A. The secondary ratings of the multi-feeder test system 

were aggregated to the primary distribution level and used as the ratings for the 

distributed loads in the protection study. Table 12 provides the kW and KVAR ratings 

for the distributed loads on the multi-feeder test system. 

The cables in the multi-feeder test system were changed to match the new 

loading of the system. Table 13 shows the overhead line configurations used. The line 

lengths were retained as they were in the original test feeder. The impedance and 

susceptance data for the cables are given in appendix B. 

 

 

 
Table 12 kW and kVAR Ratings of the Distributed Loads in Multi-feeder Test System  

Node A Node B 

PHASE A PHASE B PHASE C 

  P  

(kW) 

Q  

(kVAR) 

  P  

(kW) 

Q  

(kVAR) 

  P  

(kW) 

Q  

(kVAR) 

802 806 0 0 131 63 84 41 

808 810 0 0 32 15 0 0 

818 820 76 37 0 0 0 0 

820 822 623 302 0 0 0 0 

816 824 0 0 0.42 0.2 0 0 

824 826 0 0 153 74 0 0 

824 828 0 0 0 0 5 3 

828 830 10 5 0 0 0 0 

854 856 0 0 5 2 0 0 

832 858 15 7 1.47 0.71 9 4 

858 864 0.87 0.42 0 0 0 0 

858 834 9 4 30 14 32 16 

834 860 39 19 52 25 597 289 

860 836 78 38 28 14 132 64 

836 840 35 17 71 34 0 0 

862 838 0 0 82 40 0 0 

842 844 17 8 0 0 0 0 

844 846 0 0 100 48 80 39 

846 848 0 0 39 19 0 0 
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Table 13 Overhead Line Configurations for the Multi-feeder Test System 

Configuration Phasing Phase ACSR Neutral ACSR Spacing ID 

300 BACN 4/0 4/0 500 

301 BACN 4/0 1/0 500 

302 AN 1/0 1/0 505 

303 BN 1/0 1/0 510 

304 BN 1/0 1/0 510 

 

 

 

5.2.4 Implementation of Multi-feeder Test System in EMTP™/PSCAD® 

The multi-feeder test system was modeled in EMTP™/PSCAD® [63].  Voltage 

regulators and cables were modeled exactly as is reported in [64]. The voltage regulator 

model includes the following controls: set voltage, initial tap setting, bandwidth, out-of-

band detector, control time delay, tap position calculator, timer reset, and line 

compensation. Table 14 provides the voltage regulator compensator settings. 

 

 

 

 

Table 14 Voltage Regulator Compensator Settings 

Regulator Data 

Regulator ID: 1     

Line Segment: 814 - 850     

Location: 814     

Phases: A - B -C     

Connection: 3-Ph,LG     

Monitoring Phase: A-B-C     

Bandwidth: 2.0 volts     

PT Ratio: 120     

Primary CT Rating: 100     

Compensator Settings: Ph-A Ph-B Ph-C 

R - Setting: 2.7 2.7 2.7 

X - Setting: 1.6 1.6 1.6 

Voltage Level: 122 122 122 
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Table 14 Continued 

Regulator Data 

Regulator ID: 2     

Line Segment: 852 - 832     

Location: 852     

Phases: A - B -C     

Connection: 3-Ph,LG     

Monitoring Phase: A-B-C     

Bandwidth: 2.0 volts     

PT Ratio: 120     

Primary CT Rating: 100     

Compensator Settings: Ph-A Ph-B Ph-C 

R - Setting: 2.5 2.5 2.5 

X - Setting: 1.5 1.5 1.5 

Voltage Level: 124 124 124 

 

 

 

The cable model from [64] addresses the tightly coupled nature of unbalanced 

distribution lines and allows for direct entry of impedance and susceptance values. For 

the load models, the exponential static model in [65] was implemented using PSCAD 

master library components. The exponential static model expressions of the load are 

given as in (6). For constant power, constant current and constant impedance load 

characteristics, both ‘a’ and ‘b’ are  , 1 and 2, respectively. 

 

 
P   P (

 

  

)
a

                          
 
(
 

  
)
b

    

P and Q are the active and reactive components of the load 

P0 and Q0 are the initial active and reactive power 

V0 and V are the initial and bus voltage 

‘a’ and ‘b’ are the parameters 

(6) 

 

The master library synchronous machine model in PSCAD was used for the DG 

model. The DG model parameters are shown in Table 15. 
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Table 15 Synchronous Generator Parameters 

Armature Time Constant [Ta] 0.0042 pu 

Potier Reactance [Xp] 0.18 pu 

D: Unsaturated Reactance [Xd] 1.25 pu 

D: Unsaturated Transient Reactance [Xd'] 0.24 pu 

D: Unsaturated Transient Time (Open) [Tdo'] 4.11 s 

D: Unsaturated Sub-Transient. Reactance [Xd''] 0.19 pu 

D: Unsaturated Sub-Transient Time (open) [Tdo''] 0.023 pu 

Q: Unsaturated Reactance [Xq] 0.62 pu 

Q: Unsaturated Transient Reactance [Xq'] 0.228 pu 

Q: Unsaturated Transient Time (Open) [Tqo'] 0.85 s 

Q: Unsaturated Sub-Transient. Reactance [Xq''] 0.26 pu 

Q: Unsaturated Sub-Transient Time (open) [Tqo''] 0.061 s 

Air Gap Factor 1 

 

 

 

The OC protective relays used in the multi-feeder test system were moderately 

inverse Schweitzer Engineering Laboratories (SEL) relays. The SEL moderately inverse 

characteristic is defined in (7) [66]. 

 
Tp  TD ( . 22  +

 . 1  

M . 2 1
) 

Tp = Operating time in seconds 

TD = Time dial setting 

M = Multiples of pickup current  

(7) 

 

The directional capability of the relay was modeled to include both the negative and 

positive sequence directional elements. Fig. 19 shows the functional block of the 

directional OC relay model. The directional capability of the OC relay uses a directional 

supervision as can be seen in the figure. This supervision was implemented through the 

‘Ctrl 3’ in the figure. The OC relay can sense fault currents, but it does not initiate a 

tripping of its circuit breaker unless the directional element has confirmed the direction 

of the fault current. The operating quantity of the relay is current. 
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Fig. 19 Functional Block of Directional OC  elay Model in EMTP™/PSCAD® 

 

 

 

The negative sequence directional element determines the direction of the fault 

current by computing the negative sequence impedance value, which is the ratio of the 

negative sequence voltage and negative sequence current. The negative sequence voltage 

for a forward or reverse fault is always negative. However, the negative sequence current 

is positive for a forward fault and negative for a reverse fault. Thus, for a forward fault 

the negative sequence impedance is negative, and for a reverse fault, the negative 

sequence impedance is positive [67]. EMTP™/PSCAD® master library component for 

negative sequence element was used to implement this function of the directional 

element. 

The modeled positive sequence directional element of the OC relay detects faults 

in the forward direction by comparing the phase angle difference between the positive 

sequence current and voltage to a defined forward range given in (8) using a range 

comparator. The forward and reverse operating zones of the positive sequence element 

are depicted in Fig. 20. 

  
 

2
+         

 

2
+   

    Angle difference between positive sequence voltage and current 

  = Positive sequence line angle 

(8) 
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Fig. 20 Direction of Positive Sequence Element 

 

 

 

The logic flow for the complete directional element of the relay is shown in Fig. 

21. The ‘Pos’ and ‘ eg’ inputs to the A D gates in the figure enable the directional OC 

element to determine the fault current direction depending on the type of fault. The 

forward direction or reverse direction form the ‘Ctrl’ in Fig. 19. The negative sequence 

directional element was given the essential function of detecting and making the fault 

direction decision for unbalanced faults types while the positive sequence directional 

element made the direction decision for balanced fault types. Thus, if an unbalanced 

fault is detected by the negative sequence element to be forward, OR1 output will be 1, 

which consequently drives the output of OR2 to high. The output of OR3 and OR4 will 

both be zero thereby driving the reverse status to low. In the case of a balanced three 

phase fault, the negative sequence element is disabled thus, making both AND2 and 

AND5 output zero. This then translates to a zero output for both OR1 and OR3, leaving 

the fault direction detection solely to be made by the positive sequence directional 

element. For a forward fault, AND1 and AND3 output will be high and vice-versa for a 

reverse fault condition. The opposite holds for AND4 and AND6, which are high for 

reverse fault and low for forward faults. 

Although both positive and negative sequence current and voltage exist in 

unbalanced fault conditions, the negative sequence directional element was made to have 
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a higher priority in controlling the overcurrent (OC) relays. This choice was to prevent 

the positive sequence directional element from making erroneous decision for 

magnitudes of faults currents comparable to the load current.  

 

 

 

 

Fig. 21 Logic Flow for Directional Element Model in EMTP™/PSCAD® 

 

 

 

5.2.5 Multi-feeder Test System Model 

The individual component models were integrated to form the multi-feeder test 

system model in PSCAD. Transient analysis was performed in PSCAD using the 

maximum load values in Table 6 and Table 12. The simulation was run and after 4s, the 

steady state phase voltages at the primary nodes were recorded. The per-unit (p.u.) node 

phase voltages for the system without DGs are shown in Table 16. The voltages as seen 

in the table are roughly within ±5% of the nominal. Table 17 shows the per phase real 

and reactive powers of the line segments on the multi-feeder test system. The values 
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shown in the table are the sending powers from node A to B. The receiving powers are 

the negative of those reported in the table. 

 

 

 
Table 16 Node Voltages of Multi-feeder Test System without DGs 

Node 

Feeder 1 Feeder 2 

Phase A 

V(p.u.) 

Phase B 

V(p.u.) 

Phase C 

V(p.u.) 

Phase A 

V(p.u.) 

Phase B 

V(p.u.) 

Phase C 

V(p.u.) 

800 1.0500 1.0520 1.0410 1.0500 1.0530 1.0440 

802 1.0460 1.0520 1.0400 1.0480 1.0530 1.0380 

806 1.0350 1.0530 1.0060 1.0520 1.0520 1.0360 

808 1.0350 1.0530 1.0060 1.0340 1.0520 1.0060 

810 0.0000 1.0530 0.0000 0.0000 1.0520 0.0000 

812 1.0380 1.0290 1.0270 1.0160 1.0400 0.9765 

814 0.9982 1.0510 0.9535 1.0030 1.0400 0.9503 

850 1.0330 1.0340 1.0380 1.0340 1.0350 1.0350 

816 1.0320 1.0370 1.0350 1.0310 1.0360 1.0370 

818 1.0300 0.0000 0.0000 1.0320 0.0000 0.0000 

820 0.9757 0.0000 0.0000 0.9841 0.0000 0.0000 

822 0.9677 0.0000 0.0000 0.9761 0.0000 0.0000 

824 1.0380 1.0290 1.0270 1.0360 1.0280 1.0290 

826 0.0000 1.0310 0.0000 0.0000 1.0270 0.0000 

828 1.0330 1.0330 1.0330 1.0320 1.0290 1.0320 

830 1.0380 1.0260 1.0100 1.0370 1.0250 1.0130 

854 1.0390 1.0220 1.0100 1.0370 1.0210 1.0160 

856 0.0000 1.0260 0.0000 0.0000 1.0200 0.0000 

852 1.0140 0.9853 0.9669 1.0400 1.0140 0.9853 

832 1.0440 1.0410 1.0530 1.0460 1.0390 1.0530 

888 0.9650 0.9953 0.9789 0.9829 1.0400 1.0020 

890 0.9650 0.9953 0.9789 0.9577 1.0180 0.9713 

858 1.0350 1.0390 1.0500 1.0490 1.0350 1.0510 

864 1.0450 0.0000 0.0000 1.0470 0.0000 0.0000 
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Table 17 Line Segment Powers of Multi-feeder Test System without DGs 

Node A Node B 
Phase A 

(MW) 

Phase A 

(MVAR) 

Phase B 

(MW) 

Phase B 

(MVAR) 

Phase C 

(MW) 

Phase C 

(MVAR) 

800 802 1.3370 0.5780 1.2580 0.4531 1.3450 0.6870 

802 806 1.3310 0.5530 1.1850 0.3861 1.3307 0.6630 

806 808 1.3310 0.5146 1.0410 0.3290 1.3208 0.6530 

808 810  0.0000 0.0000 0.0330 0.0140 0.0000 0.0000 

808 812 1.3240 0.5030 1.0200 0.3180 1.3130 0.6430 

812 814 1.3140 0.4536 1.0930 0.3086 1.3010 0.5956 

814 850 1.3030 0.4389 1.0320 0.3020 1.2985 0.5803 

850 816 1.3030 0.4393 1.0320 0.3020 1.2864 0.5806 

816 818 0.7550 0.3480 0.0000 0.0000 0.0000 0.0000 

818 820 0.7541 0.3474 0.0000 0.0000 0.0000 0.0000 

820 822 0.6389 0.2948 0.0000 0.0000 0.0000 0.0000 

816 824 0.6448 0.5027 1.0220 0.3007 1.2802 0.5728 

824 826 0.0000 0.0000 0.1684 0.0691 0.0000 0.0000 

824 828 0.6414 0.0903 0.8489 0.1919 1.2790 0.5659 

828 830 0.6388 0.0945 0.8358 0.2144 1.2800 0.5533 

830 854 0.6286 0.0931 0.8185 0.1766 1.2720 0.5487 

854 856 0.0000 0.0000 0.0054 0.0025 0.0000 0.0000 

854 852 0.6180 0.0981 0.8113 0.2373 1.1400 0.4254 

852 832 0.5947 0.0764 0.8458 0.2049 1.2640 0.3562 

832 888 0.1444 0.0742 0.1633 0.0751 0.1355 0.0748 

888 890 0.1444 0.0742 0.1633 0.0751 0.1355 0.0748 

832 858 0.4588 -0.0209 0.6960 0.0895 1.0320 0.3325 

858 864 0.0011 0.0001 0.0000 0.0000 0.0000 0.0000 

858 834 0.4295 -0.0095 0.6076 0.0916 1.1300 0.3096 

834 842 0.2145 -0.1131 0.3626 -0.0615 0.2934 -0.0712 

842 844 0.2240 -0.1120 0.3255 -0.0552 0.2840 -0.0835 

844 846 0.0318 -0.1495 0.0712 -0.1226 0.0163 -0.1430 

846 848 0.0183 -0.1481 0.0249 -0.1444 0.0343 -0.1423 

834 860 0.1666 0.0738 0.2100 0.1105 0.1884 0.0984 

860 836 0.0505 0.0262 0.1776 0.0780 0.0117 0.0086 

836 862 0.0008 0.0000 0.0870 0.0416 0.0009 -0.0003 

862 838 0.0000 0.0000 0.0790 0.0381 0.0000 0.0000 

836 840 0.0130 0.0086 0.0110 0.0089 0.0112 0.0085 

 

 



62 

 

 

6
2
 

Prior to the addition of DGs to the multi-feeder test system, the relay settings for 

the multi-feeder were determined. Table 18 provides the settings of the individual lateral 

and substation relays. The substation relay was the primary protective element for the 

mains and served as back-up to the other lateral relays. Column 1 represents the 

locations of the relays. Column 2 of the table shows the corresponding pickup settings 

for 1.5 times the nominal load current at the relay location. The last column of the table 

provides the time dial values of the relays that provided coordination between the lateral 

and substation relays. Due to the transformer between nodes 832 and 888, an 

independent OC protection was provided for lateral 5. This protection involved 

coordinating just the primary and the secondary sides of the transformer.  

 

 

 
Table 18 Protection Device Settings on Multi-feeder Test System without DGs 

Relay Location Pickup Setting (A) Time Dial  

Lat. 1 3.8 0.5 

Lat. 2 83.8 0.5 

Lat. 3 17.7 0.5 

Lat. 4 0.6 0.5 

Lat. 5 (pri) 17.5 1.0 

Lat. 5 (sec) 106.1 0.5 

Lat. 6 9.3 0.5 

Lat. 7 35.3 0.5 

Lat. 8 9.3 0.5 

Lat. 9 9.8 0.5 

Substation 174 2.5 

 

 

 

The DGs in Table 5 were connected on the multi-feeder test system for all 

studies in the remainder of this thesis. The multi-feeder test system was divided into 7 

zones following the zone approach discussed in section 4. The multi-feeder test system 

with the zone divisions is shown in Fig. 22. Four zones can be seen on feeder 1, and 

three zones are observable on feeder 2. Each zone is separated by the boundary 
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protective elements, comprising of a directional overcurrent relay and a circuit breaker. 

On feeder 1, the boundary protective elements are designated as CB1, CB2, CB3 and 

CB4, and CB5, CB6 and CB7 on feeder 2. The locations of the boundary protective 

elements are as shown on the figure.  

The settings of the negative sequence directional component of each of the 

boundary protective elements are presented in Table 19. Column 1 of the table indicates 

the parameter of interest. CTR is the per phase current transformer ratio for a 5A 

secondary relay current. PTR is the selected voltage transformer ratio for 115V 

secondary relay operating voltage. The length values signify the extent of coverage of 

the directional element. Z2 is the negative sequence impedance of the protected line. Z2 

FWD and Z2 REV are the forward and reverse impedance thresholds, respectively. The 

line angle is the positive sequence angle for the protected lines. The CBs’ are the names 

of the zonal boundary protective elements (relay and circuit breaker combined).  

 

 

 
Table 19 Settings of Negative Sequence Directional Element 

Element 

Parameter 
CB1 CB2 CB3 CB4 CB5 CB6 CB7 

CTR 20 20 30 20 20 20 20 

PTR 125 125 125 125 125 125 125 

Length (mi) 25.78 9.01 1.10 1.11 33.68 2.20 1.05 

Z2 (per mi) 0.63 0.63 0.63 0.63 0.63 0.63 0.63 

Z2 FWD 2.58 0.90 0.16 0.11 3.37 0.22 0.11 

Z2 REV 2.68 1.00 0.26 0.21 3.47 0.32 0.21 

Line Angle 72.69 72.69 72.69 72.69 72.69 72.69 72.69 

 

 

 

Equation (8) was used to set the forward operating regions of the positive 

sequence directional component of all the boundary protective elements with   72.9
0
 as: 

   1 . 1      1 2.    
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The forward and reverse fault current directions were defined with respect to the 

relay location. Forward current for boundary protective relays on the mains designated 

flow from left to right. Reverse current for boundary relays on mains designated flow 

from right to left. However for lateral boundary relays, forward designated flow from the 

lateral tap point on the main feeder to the end of the lateral, and reverse is vice-versa. 

These directions were implemented in simulation based on the measurements of the 

directional sequence elements. Table 20 summarizes the fault current direction 

methodology based on the measurement of the sequence elements.   

 

 

 
Table 20 Fault Current Direction Based on Directional Sequence Element Measurements 

Direction 

 Element 
Forward Reverse 

Negative Sequence  2    2 F D   or  negative  2    2  E   or  more positive 

Positive Sequence  1 . 1       1 2.        1 . 1 or    1 2. 
 
 

 

 

 

5.3 Simulation Cases for Proposed Directional Overcurrent Protection 

The proposed protection approach was tested on the multi-feeder test system. 

Case 1 examined the response of the protection approach in isolating the faulted zones 

for several faults on the multi-feeder test system. In case 2, an exhaustive study was 

conducted for various fault types and locations in all zones defined on the multi-feeder 

test system. The results of case 2 studies are summarized in tables. At the start of the 

transient simulations for all cases, the DGs were operated as simple 3-phase ideal 

voltage sources, and then were switched to machine mode at 0.8 s.  The DGs reached 60 

Hz system frequency at about 3 s. The frequency response of the DGs on the two feeders 

is depicted in Fig. 23.  
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Fig. 23 Frequency for Five DGs Operating as Synchronous Machines in Multi-feeder Test 

System 

 

 

 

5.3.1 Case 1– Test of Proposed Directional Overcurrent Protection Scheme 

This case investigated the response of the proposed protection approach to a 

select number of balanced and unbalanced faults. The studies focused on the 

performance of the directional sequence elements of the boundary protective relays to 

accurately detect the faulted zones and communicate their fault direction detection status 

to other neighboring zonal protective relays.  

 

5.3.1.1 Case 1.1: A-N fault on Feeder 1 

In this test scenario, an A-N fault was staged between nodes 816 and 824 on 

feeder 1. Since the fault was unbalanced, the negative sequence directional component 

determined the fault direction as presented in the solution methodology. The fault was 

applied at 4 s. Fig. 24 displays the response of the negative sequence directional 
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elements of the boundary protective elements (CB1, CB2, CB3 and CB4) on feeder 1. 

CB2, CB3 and, CB4 negative sequence directional elements shows positive impedance 

values while CB1 shows a negative impedance value. The positive impedance values of 

CB2, CB3 and CB4, and the fact that they are all greater than their reverse impedance 

threshold, implies reverse fault current detection. On the other hand, CB1 negative 

impedance value infers forward fault current detection as described in Table 20. 

Fig. 25 shows the status of the forward and reverse current direction of each of 

the zonal boundary protective elements. The logic flow in Fig. 21 ensured that at any 

given point only one fault direction of the zonal boundary element had the level “1” 

logic. A level “1” for either the forward or reverse direction indicates the active status of 

the fault current. In Fig. 25, CB2 forward status goes from active (level “1”) to inactive 

(level “ ”) at   s while its reverse status goes from inactive (level “ ”) to active (level 

“1”). CB1 forward direction however stayed active (level “1”) before and during the 

fault. The active path of the fault current seen by CB3 and CB4 remained as reverse 

(level “1”) due to the DGs in their protected zone. The momentarily change of the 

reverse status of CB  from “1” to “ ” was due to the transients imposed on the DGs 

during to the fault. 

 

 

 

 

Fig. 24 Negative Sequence Elements Impedance for an A-N Fault on Feeder 1. 
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Fig. 25 Fault Direction Detection by Negative Sequence Elements for A-N Fault on Feeder 1. 

 

 

 

The fault direction status of all zonal boundary elements was exchanged via a 

radio communication link. As shown in Fig. 25, CB1 indicated a forward fault and CB2 

indicated a reverse fault. This shows that the fault was determined to be in zone 1. This 

caused the relays of both elements to proceed to trip their breakers as depicted in Fig. 26. 

Since the breakers of CB1 and CB2 were the only ones that tripped, it confirms that the 

fault was in zone 1. 
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Fig. 26 Zonal Circuit Breakers Trip Status for an A-N Fault on Feeder 1. 

 

 

 

5.3.1.2 Case 1.2: B-C Fault on Feeder 2 

This case illustrates the response of the protection approach to a B-C fault staged 

on the line segment between nodes 808 and 812 on feeder 2. This fault is also 

unbalanced so the negative sequence directional element reacted to indicate the fault 

current direction. The fault was applied at 4 s. Fig. 27 displays the impedances of the 

negative sequence elements of the zonal boundary protective elements during the fault. 

The impedance of CB5 decreased from 2.63 Ω to -1.73 Ω during the fault. CB6 

impedance value increased in its positive magnitude to about 10.31 Ω when the fault was 

staged. The impedance value of CB7 also increased to a steady state value of about 

16.81 Ω during the fault. 

From the designation of the fault current direction by the negative sequence 

element in Table 20, CB5 detected a forward fault while CB6 and CB7 detected a 

reverse fault. This condition is corroborated by the forward and reverse active fault 

direction status of these elements in Fig. 28. It is seen that CB6 changed its active status 

from forward to reverse during the fault at about 4.05 s while CB5 maintained its 

forward direction status during the fault. 
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Fig. 27 Negative Sequence Elements Impedance for a B-C Fault on Feeder 2. 

 

 

 

 

Fig. 28 Fault Direction Detection by Negative Sequence Elements for a B-C Fault on Feeder 2. 
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With the fault detected to be in zone 5 due to the incongruous active fault 

direction status of CB5 and CB6, CB5 relay at zone 5’s entrance tripped the breaker. 

CB6 also tripped its breaker to prevent DG4 from sourcing the fault. This response is 

shown in Fig. 29 where both elements have their circuit breaker trip status at level “1”. 

Since the breaker of CB7 did not trip, zone 6 and zone 7 operated together as an 

intentional island. 

 

 

 

 

Fig. 29 Zonal Circuit Breakers Trip Status for a B-C Fault on Feeder 2. 
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This test scenario examines the response of the protection approach to a balanced 

three phase fault. An ABCN fault was applied between nodes 834-860 on feeder 1 of 

Fig. 22. The time that the fault was staged was again 4s. Fig. 30 illustrates the response 
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in Table 20. However, CB4 shows a negative angle in the reverse operating region. 

Thus, during the fault, CB  reverse status was active (“level 1’) and the remaining 

boundary elements (CB1, CB2, and CB3) all had their active status as forward as shown 

in Fig. 31. 

The reverse fault direction status of the positive sequence element of CB4 

compared to the forward fault direction status of that of CB2 and CB3 when shared 

among their relays allowed the relays to identify the fault to be within zone 3. Therefore, 

CB3 tripped its breaker. Fig. 32 indicates that CB ’s breaker was the only breaker that 

tripped to isolate the faulted zone. Since zone 3 was the only zone that got isolated, the 

extent of the outage experienced by the customers on feeder 1 was reduced.  

 

 

 

 

Fig. 30 Positive Sequence Elements Angles for an ABCN Fault on Feeder 1 
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Fig. 31 Fault Direction Detection by Positive Sequence Elements for ABCN Fault on Feeder 1. 

 

 

 

 

Fig. 32 Zonal Circuit Breakers Trip Status for an ABCN Fault on Feeder 1. 
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5.3.1.4 Case 1.4: ABCN Fault on Feeder 2 

This case also shows how the protection approach performed against a balanced 

fault on feeder 2. An ABCN fault was applied at 4 s on the line segment between nodes 

852 and 832. Fig. 33 shows the angles of the positive sequence components of the zonal 

boundary protective elements on feeder 2. CB6 and CB7 measured negative angles at 

values of -107.1 
0
 and -123.8 

0
, respectively. The angle detected by CB5 was 70.07 

0
 as 

depicted in Fig. 33. Consequently, CB5 detected the fault as forward while CB6 and 

CB7 sensed the fault as reverse.  The active (level ‘1’) fault direction status of the three 

zonal boundary protective elements during the fault are shown in Fig. 34. CB5 at the 

beginning of zone 5 compared its active fault direction status with that received from 

CB6 over the communication channel and subsequently caused a tripping of its breaker.  

CB6’s breaker was also tripped to prevent the DGs in zones 6 and 7 from energizing the 

fault in zone 5. The breakers’ trip status can be seen in Fig. 35.  For this fault condition, 

all DGs remained connected to the system to supply the loads in zones 6 and 7. 

 

 

 

 

Fig. 33 Positive Sequence Elements Angles for an ABCN Fault on Feeder 2. 
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Fig. 34 Fault Direction Detection by Positive Sequence Elements for ABCN Fault on Feeder 2. 

 

 

 

 

Fig. 35 Zonal Circuit Breakers Trip Status for an ABCN Fault on Feeder 2. 
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5.3.2 Case 2 – Exhaustive Test of Proposed Directional Overcurrent Approach 

A series of tests were simulated for different fault types at different locations in 

the zones of the multi-feeder test system. The fault locations within a zone were selected 

to span the main feeder and the laterals. A given zone’s faults on the main feeder were 

selected to be close to the entrance of the zone, at the middle, and close to the end of the 

zone. The results of the zonal boundary protective elements (ZBEs) fault direction 

detection for the staged faults are summarized in tables. 

 Table 21 provides the response of the ZBEs to a number of faults studied in zone 

1 of the multi-feeder test system.  Column 1 of the table provides the line segments on 

which the faults were staged. Column 2 shows the fault types simulated. Column 3 

indicates the ZBEs whose negative sequence and positive sequence directional elements 

were monitored. The measured and expected impedances of the negative sequence 

directional elements of the individual ZBEs during the fault are shown in columns 4 and 

5 respectively. Columns 6 and 7 provide the measured and the expected angles of the 

positive sequence directional elements during the fault. In columns 8 and 9, the indicated 

fault directions of the  BEs are given.  A “1” for either column   or column   represents 

the established direction during the fault. The last column shows the ZBE breakers that 

opened to isolate the faulted zone. 

 The zonal boundary elements with one asterisk signify the conditions where 

their measured quantity for both the positive and negative sequence elements did not 

corroborate each other on the fault current direction. However, the direction decision 

priority of the sequence elements depending on the fault type resolves the differing 

decisions made separately by each of these sequence elements. For instance, in Table 21, 

the A-N fault between nodes 820-822 caused the negative sequence element of CB2 to 

indicate a reverse fault (more positive impedance value as expected) while the positive 

sequence element detected a forward fault (angle is more than expected) as described in 

Table 20. The erroneous indication by the positive sequence element of CB2 was due to 

the relatively long distance between the fault point and the DGs. Because the fault 

occurred on a single phase lateral, the substation still supplied power through the 
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remaining healthy phases of CB2, therefore its positive sequence element recognized the 

current as forward. Nonetheless, for unbalanced faults, the decision of the negative 

sequence element has priority over the decision of the positive sequence element as 

discussed in the solution methodology. This caused CB2 to select the negative sequence 

response as its final indicated direction. Thus, CB2 indicated the fault direction as 

reverse since the measured impedance satisfies the conditions given in Table 20. For 

balanced faults, the decision of the positive sequence element has priority over the 

decision of the negative sequence element. Thus, for the balanced fault type simulated 

on the line segments for nodes 824-828 and 802-806, the positive sequence element 

angles were used in establishing the reverse indicated fault direction for CB2, CB3, and 

CB4, and the forward indicated direction for CB1. For the case shown in Table 21, the 

appropriated CBs opened. 

 

 

 
Table 21 Directional Sequence Elements Response for Zone-1 Faults 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CBs 

opened 

Measured Expected Measured Expected Forward Reverse  

820-

822 
A-N 

CB1 -1.72 < 0 54.3  < 162. 9 1 0 

CB1 

CB2 

CB2* 7.24 > 1.0 50 < -17.31  0 1 

CB3 22.11 > 0.26 -147.58 < -17.31  0 1 

CB4 17.72 > 0.21 -76.03 < -17.31  0 1 

808-

810 
B-N 

CB1 7.1 < 0 74.66  < 162. 9 1 0 

CB1 

CB2 

CB2 23.4 > 1.0 -168.24 < -17.31  0 1 

CB3* 19.91 > 0.26 72.01 < -17.31  0 1 

CB4 7.1 > 0.21 -118.16 < -17.31  0 1 

806-

808 
C-N 

CB1 -1.74 < 0 80.4  < 162. 9 1 0 

CB1 

CB2 

CB2 9.9 > 1.0 -162.71 < -17.31  0 1 

CB3 46.87 > 0.26 -246.06 < -17.31  0 1 

CB4 22.13 > 0.21 -121.3 < -17.31  0 1 

812-

814 
BC 

CB1 -1.72 < 0 78.41  < 162. 9 1 0 

CB1 

CB2 

CB2 8.52 > 1.0 -150 < -17.31  0 1 

CB3 32.48 > 0.26 -168 < -17.31  0 1 

CB4 20.68 > 0.21 -132.38 < -17.31  0 1 
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Table 21 Continued 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CBs 

opened 

Measured Expected Measured Expected Forward Reverse  

824-

828 
AB 

CB1 -1.72 < 0 76.51  < 162. 9 1 0 

CB1 

CB2 

CB2 7.87 > 1.0 -149.06 < -17.31  0 1 

CB3 30.36 > 0.26 -188.5 < -17.31  0 1 

CB4 19.1 > 0.21 -129.35 < -17.31  0 1 

850-

816 
AC 

CB1 -1.72 < 0 78.61  < 162. 9 1 0 

CB1 

CB2 

CB2 9.164 > 2.68 -161.15 < -17.31  0 1 

CB3 41.41 > 0.26 -190.47 < -17.31  0 1 

CB4 20.23 > 0.21 -135.53 < -17.31  0 1 

824-

828 
ABCN 

CB1* 2.45 < 0 70.76  < 162. 9 1 0 

CB1 

CB2 

CB2* 1.65 > 1.0 -107.06 < -17.31  0 1 

CB3* 0.35 > 0.26 -141.73 < -17.31  0 1 

CB4* 0.115 > 0.21 -83.04 < -17.31  0 1 

802-

806 
ABCN 

CB1* 2.45 < 0 49.942  < 162. 9 1 0 

CB1 

CB2 

CB2 1.65 > 1.0 -108.65 < -17.31  0 1 

CB3* 0.25 > 0.26 -134.92 < -17.31  0 1 

CB4* 0.115 > 0.21 -78.901 < -17.31  0 1 

 

 

 

The results of zone 2 faults are shown in Table 22. The ZBE with double 

asterisks in this case represented a scenario where the priority sequence element failed to 

produce the correct indicated fault direction. For instance, the AB fault in Table 22 

represents a situation where the unbalanced fault staged was on the secondary side of the 

in-line transformer. Since the fault is unbalanced, the negative sequence has the higher 

priority is establishing the fault direction. However, the negative sequence element of 

CB2 incorrectly indicated the detected fault direction as reverse since the measured 

impedance value did not match the expected value. This erroneous indication by CB2 

can be attributed to the fact that, a fault on the secondary side of the in-line transformer 

results in less significant contribution from the substation due to the connected 

generation sources. Nevertheless, the exchange of the indicated fault directions of CB1 

and CB3 with that of CB2 through the use of the binary state signals ensured that the 

proper faulted zone, zone 2, was identified and eventually isolated.  
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Table 22 Directional Sequence Elements Response for Zone-2 Faults 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CBs 

opened 

Measured Expected Measured Expected Forward Reverse  

854-

852 
A-N 

CB1 -1.75 < 0 75.87  < 162. 9 1 0 

CB2 

CB3 

CB4 

CB2 -4.54 < 0 81.04 < 162.9  1 0 

CB3 36.03 > 0.26 -240.77 < -17.31  0 1 

CB4 19.18 > 0.21 -121.11 < -17.31  0 1 

852-

832 
B-N 

CB1 -1.732 < 0 75.77  < 162. 9 1 0 

CB2 

CB3 

CB4 

CB2 -5.07 < 0 86.54 < 162.9  1 0 

CB3 26.9 > 0.26 -197.87 < -17.31  0 1 

CB4 19.85 > 0.21 -130.51 < -17.31  0 1 

832-

858 
C-N 

CB1 -1.73 < 0 76.79  < 162. 9 1 0 

CB2 

CB3 

CB4 

CB2 -4.83 < 0 85.74 < 162.9  1 0 

CB3 40.27 > 0.26 -180.57 < -17.31  0 1 

CB4 21.28 > 0.21 -127.11 < -17.31  0 1 

858-

834 
BC 

CB1 -1.74 < 0 77.87  < 162. 9 1 0 

CB2 

CB3 

CB4 

CB2 -5.21 < 0 88.8 < 162.9  1 0 

CB3 33.41 > 0.26 -171.42 < -17.31  0 1 

CB4 20.33 > 0.21 -138.97 < -17.31  0 1 

888-

890 
AB 

CB1 -1.75 < 0 60.17  < 162. 9 1 0 
CB2 

CB3 

CB4 

CB2** 1.65 < 0 69.45 < 162.9  0 1 

CB3 14.17 > 0.26 64.6 < -17.31  0 1 

CB4 18.78 > 0.21 69 < -17.31  0 1 

832-

858 
AC 

CB1 -1.74 < 0 77.85  < 162. 9 1 0 

CB2 

CB3 

CB4 

CB2** 1.65 < 0 88.51 < 162.9  0 1 

CB3 36.2 > 0.26 -225 < -17.31  0 1 

CB4 20.38 > 0.21 -192.89 < -17.31  0 1 

830-

854 
ABCN 

CB1* 2.45 < 0 70.36  < 162. 9 1 0 

CB2 

CB3 

CB4 

CB2* 1.65 < 0 73.84 < 162.9  1 0 

CB3 0.57 > 0.26 -128.88 < -17.31  0 1 

CB4* 0.12 > 0.21 -84 < -17.31  0 1 

858-

834 
ABCN 

CB1* 2.45 < 0 70.63  < 162. 9 1 0 
CB2 

CB3 

CB4 

CB2* 1.65 < 0 73.82 < 162.9  1 0 

CB3 0.571 > 0.26 -157.03 < -17.31  0 1 

CB4* 0.12 > 0.21 -68.59 < -17.31  0 1 
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Table 23 provides the results of the various faults in zone 3 that were studied. 

Again, the negative sequence component of some of the zonal boundary elements 

(ZBEs) did not respond appropriately to the ABCN faults as their measured values did 

not satisfy the expected. One asterisk is placed beside these ZBEs in the table. However, 

for unbalanced faults, the sequence element with the higher priority to make the 

indicated fault direction decisions is the positive sequence element. Thus, for the ABCN 

faults, the measured angles of the positive elements were equivalent to the expected 

angles; and therefore the appropriate faulted zone was determined by the ZBEs 

regardless of the negative sequence elements response. 

 

 

 
Table 23 Directional Sequence Elements Response for Zone-3 Faults 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CB 

opened 

Measured Expected Measured Expected Forward Reverse  

860-

836 
A-N 

CB1 -1.73 < 0 76.07  < 162. 9 1 0 

CB3 
CB2 -4.51 < 0 82.37 < 162.9  1 0 

CB3 -6.25 < 0 78.91 < 162.9  1 0 

CB4 19.29 > 0.21 -124.96 < -17.31  0 1 

862-

838 
B-N 

CB1 -1.73 < 0 72.31  < 162. 9 1 0 

CB3 
CB2 -5.18 < 0 79.94 < 162.9  1 0 

CB3 -6.87 < 0 77.67 < 162.9  1 0 

CB4 19.71 > 0.21 -126 < -17.31  0 1 

836-

840 
C-N 

CB1 -1.74 < 0 76.08  < 162. 9 1 0 

CB3 
CB2 -4.86 < 0 84.96 < 162.9  1 0 

CB3 -6.89 < 0 80.95 < 162.9  1 0 

CB4 21.24 > 0.21 -125.65 < -17.31  0 1 

860-

836 
AB 

CB1 -1.75 < 0 74.9  < 162. 9 1 0 

CB3 
CB2 -4.66 < 0 80.34 < 162.9  1 0 

CB3 -6.31 < 0 78.79 < 162.9  1 0 

CB4 19.2 > 0.21 -128.08 < -17.31  0 1 

836-

840 
AC 

CB1 -1.74 < 0 76.4  < 162. 9 1 0 

CB3 
CB2 -4.76 < 0 82.98 < 162.9  1 0 

CB3 -6.71 < 0 77.24 < 162.9  1 0 

CB4 20.26 > 0.21 -137.53 < -17.31  0 1 
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Table 23 Continued 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CB 

opened 

Measured Expected Measured Expected Forward Reverse  

836-

862 
BC 

CB1 -1.73 < 0 77.28  < 162. 9 1 0 

CB3 
CB2 -5.14 < 0 87.54 < 162.9  1 0 

CB3 -7.08 < 0 81.94 < 162.9  1 0 

CB4 20.46 > 0.21 -136.6 < -17.31  0 1 

834-

860 
ABCN 

CB1* 2.45 < 0 70.42  < 162. 9 1 0 

CB3 
CB2* 1.65 < 0 74..53 < 162.9  1 0 

CB3 -0.6 < 0 55 < 162.9  1 0 

CB4 3.94 > 0.21 -182.27 < -17.31  0 1 

836-

840 
ABCN 

CB1* 2.45 < 0 70.42  < 162. 9 1 0 

CB3 
CB2* 1.65 < 0 74.53 < 162.9  1 0 

CB3 -0.6 < 0 55 < 162.9  1 0 

CB4 3.5 > 0.21 -222.27 < -17.31  0 1 

 

 

 

Table 24 provides the results of zone 4 staged faults. The ZBEs with one asterisk 

again indicate the conditions where their positive sequence directional element response 

and their negative sequence directional response did not corroborate each other on the 

fault direction. As an example, the measured impedance of CB1 did not match the 

expected value, while the measured angle matched the expected value. Since the 

measured angle matched the expected value, and it is the response of the positive 

sequence element that has the higher priority for this fault condition, CB1 correctly 

indicated the detected fault direction as forward as described in Table 20. The double 

asterisks by CB2 show the scenario where its higher priority directional sequence 

element (negative sequence) for that fault type produced the wrong detected fault 

direction. This is because its measured impedance did not satisfy the condition for a 

forward fault direction. Nonetheless, the exchange of the fault current direction 

information of CB1 and CB3 with CB4 caused the tripping of the desired circuit breaker. 
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 Table 24 Directional Sequence Elements Response for Zone-4 Faults 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CB 

opened 

Measured Expected Measured Expected Forward Reverse  

846-

848 
A-N 

CB1 -1.74 < 0 76.3  < 162. 9 1 0 

CB4 
CB2 -5.08 < 0 86.53 < 162.9  1 0 

CB3 27.19 > 0.26 -195.39 < -17.31  0 1 

CB4 -4.46 < 0 84.48 < 162.9  1 0 

844-

846 
B-N 

CB1 -1.73 < 0 76.38  < 162. 9 1 0 

CB4 
CB2 -4.58 < 0 81.67 < 162.9  1 0 

CB3 38.04 > 0.26 -217.97 < -17.31  0 1 

CB4 -4.48 < 0 79.41 < 162.9  1 0 

842-

844 
C-N 

CB1 -1.73 < 0 76.74  < 162. 9 1 0 

CB4 
CB2 -4.81 < 0 85.92 < 162.9  1 0 

CB3 39.8 > 0.26 -177.81 < -17.31  0 1 

CB4 -4.863 < 0 79.67 < 162.9  1 0 

844-

846 
BC 

CB1 -1.73 < 0 77.684  < 162. 9 1 0 

CB4 
CB2 -5.18 < 0 88.47 < 162.9  1 0 

CB3 33.34 > 0.26 -173.12 < -17.31  0 1 

CB4 -4.86 < 0 82.94 < 162.9  1 0 

846-

848 
AB 

CB1 -1.73 < 0 76.65  < 162. 9 1 0 

CB4 
CB2** 1.65 < 0 90 < 162.9  0 1 

CB3 28.22 > 0.26 -200 < -17.31  0 1 

CB4 -3.78 < 0 94.8 < 162.9  1 0 

842-

844 
AC 

CB1 -1.75 < 0 76.54  < 162. 9 1 0 

CB4 
CB2 -4.72 < 0 84.14 < 162.9  1 0 

CB3 40 > 0.26 -187.8 < -17.31  0 1 

CB4 -4.72 < 0 73.29 < 162.9  1 0 

842-

844 
ABCN 

CB1* 2.45 < 0 70.75  < 162. 9 1 0 

CB4 
CB2* 1.65 < 0 74.15 < 162.9  1 0 

CB3* 0.165 > 0.26 -200 < -17.31  0 1 

CB4* 0.012 < 0 48.49 < 162.9  1 0 

846-

848 
ABCN 

CB1* 2.45 < 0 71.02  < 162. 9 1 0 

CB4 
CB2* 1.65 < 0 74.72 < 162.9  1 0 

CB3 0.73 > 0.26 -214.31 < -17.31  0 1 

CB4* 4.58 < 0 63.08 < 162.9  1 0 
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Similar fault types at various locations were studied on feeder 2 zones of the 

multi-feeder test system. The main feeder fault locations were again selected to be close 

to the zones entrances’, the middle, and the end of the zones. Table 25 shows the results 

for the fault cases simulated in zone 5. From the table, it can be seen that all the 

measured values of the directional sequence elements for the unbalanced faults met the 

expected values. However, because the negative sequence directional elements assume 

the higher priority for these fault types, the indicated fault directions were determined 

based on the negative sequence element using the conditions in Table 20. The ZBEs with 

the one asterisk represents the fault conditions where their negative sequence element 

did not respond correctly. However, the higher priority of the positive sequence element 

for these fault types ensured that the indicated fault directions by the ZBEs were correct.  

 

 

 
Table 25 Directional Sequence Elements Response for Zone-5 Faults 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CBs 

opened 

Measured Expected Measured Expected Forward Reverse  

812-

814 
A-N 

CB5 -1.74 < 0 71 < 162.9 1 0 
CB5 

CB6 
CB6 10.6 > 0.32 -182.47 < -17.3 0 1 

CB7 18.81 > 0.21 -218 < -17.3 0 1 

808-

810 
B-N 

CB5 -1.74 < 0 70.51 < 162.9 1 0 
CB5 

CB6 
CB6 8.55 > 0.32 -104.18 < -17.3 0 1 

CB7 12.82 > 0.21 -237.28 < -17.3 0 1 

852-

854 
C-N 

CB5 -1.78 < 0 72.57 < 162.9 1 0 
CB5 

CB6 
CB6 12.01 > 0.32 -157.36 < -17.3 0 1 

CB7 20.54 > 0.21 -181.89 < -17.3 0 1 

852-

832 
AB 

CB5 -1.74 < 0 74.31 < 162.9 1 0 
CB5 

CB6 
CB6 9.73 > 0.32 -161.18 < -17.3 0 1 

CB7 16.32 > 0.21 -181.26 < -17.3 0 1 

808-

812 
AC 

CB5 -1.72 < 0 79.67 < 162.9 1 0 
CB5 

CB6 
CB6 11.51 > 0.32 -163.96 < -17.3 0 1 

CB7 20.85 > 0.21 -182.18 < -17.3 0 1 

828-

830 
BC 

CB5 -1.74 < 0 76.24 < 162.9 1 0 
CB5 

CB6 
CB6 10.51 > 0.32 -180.56 < -17.3 0 1 

CB7 17.63 > 0.21 -198.8 < -17.3 0 1 
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Table 25 Continued 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CBs 

opened 

Measured Expected Measured Expected Forward Reverse  

806-

808 
ABCN 

CB5* 3.42 < 0 70.02 < 162.9 1 0 
CB5 

CB6 
CB6* 0.27 > 0.32 -108.61 < -17.3 0 1 

CB7* 0.67 > 0.21 -132.16 < -17.3 0 1 

888-

890 
ABCN 

CB5* 3.42 < 0 63.71 < 162.9 1 0 
CB5 

CB6 
CB6* 0.27 > 0.32 -171.37 < -17.3 0 1 

CB7* 0.67 > 0.21 -200 < -17.3 0 1 

 

 

 

Table 26 shows the result of the various faults simulated in zone 6. Column 1 

provides the line segments where the faults were staged. Column 2 shows the simulated 

fault type. Columns 4 and 5, respectively, indicate the measured and expected 

impedances of the negative sequence directional component for the individual zonal 

boundary elements given in column 3. Columns 6 and 7 correspondingly provide their 

positive sequence directional elements measured and expected angles. Column 8 

provides the indicated forward fault direction during the fault. Column 9 provides the 

indicated reverse fault direction during the fault. A “1” in either column   or column   

shows the identified fault direction by the CBs. Finally, column 10 provides the zonal 

protective circuit breakers that were tripped to isolate the faulted zone. The one asterisk 

represents the conditions where the positive sequence element rather than the negative 

sequence element indicated the correct fault direction and consequently the faulted zone. 
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Table 26 Directional Sequence Elements Response for Zone-6 Faults 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CBs 

opened 

Measured Expected Measured Expected Forward Reverse  

858-

864 
A-N 

CB5 -1.74 < 0 73.93 < 162.9 1 0 
CB6 

CB7 
CB6 -5.83 < 0 81.95 < 162.9 1 0 

CB7 19.83 > 0.21 -187.44 < -17.3 0 1 

846-

848 
B-N 

CB5 -1.72 < 0 73.99 < 162.9 1 0 
CB6 

CB7 
CB6 -5.7 < 0 82.44 < 162.9 1 0 

CB7 19.62 > 0.21 -186.15 < -17.3 0 1 

834-

842 
C-N 

CB5 -1.75 < 0 75.16 < 162.9 1 0 
CB6 

CB7 
CB6 -6.41 < 0 86.87 < 162.9 1 0 

CB7 19.56 > 0.21 -187.56 < -17.3 0 1 

844-

846 
AB 

CB5 -1.75 < 0 73.33 < 162.9 1 0 
CB6 

CB7 
CB6 -5.78 < 0 84.44 < 162.9 1 0 

CB7 16.34 > 0.21 -175.53 < -17.3 0 1 

846-

848 
AC 

CB5 -1.74 < 0 74.98 < 162.9 1 0 
CB6 

CB7 
CB6 -6.08 < 0 83.9 < 162.9 1 0 

CB7 19.87 > 0.21 -182.01 < -17.3 0 1 

842-

844 
BC 

CB5 -1.74 < 0 76.2 < 162.9 1 0 
CB6 

CB7 
CB6 -4.94 < 0 98.73 < 162.9 1 0 

CB7 19.08 > 0.21 -190.99 < -17.3 0 1 

846-

848 
ABCN 

CB5* 3.42 < 0 69.57 < 162.9 1 0 
CB6 

CB7 
CB6* 0.27 < 0 74.85 < 162.9 1 0 

CB7* 0.16 > 0.21 -212.15 < -17.3 0 1 

858-

834 
ABCN 

CB5* 3.42 < 0 69.95 < 162.9 1 0 
CB6 

CB7 
CB6* 0.27 < 0 51.17 < 162.9 1 0 

CB7* 0.29 > 0.21 -108.21 < -17.3 0 1 

 

 

 

Table 27 provides the results of zone 7 faults. Again, the zonal boundary 

elements, ZBEs, with one asterisk were for the faults conditions where the high priority 

directional sequence element (positive sequence under this case) resulted in determining 

the correct fault direction. 
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Table 27 Directional Sequence Elements Response for Zone-7 Faults 

Fault 

Loc. 

Fault 

Type 

Zonal 

Boundary 

Elements 

Negative Seq. 

Element Imped. 

(Ohms) 

Positive Seq. Element 

Angle (Degrees) 

Zonal Boundary 

Element Indicated 

Fault Direction 
CB 

opened 

Measured Expected Measured Expected Forward Reverse  

860-

836 
A-N 

CB5 -1.73 < 0 74.21 < 162.9 1 0 

CB7 CB6 -5.7 < 0 82.15 < 162.9 1 0 

CB7 -4.82 < 0 89.7 < 162.9 1 0 

862-

838 
B-N 

CB5 -1.72 < 0 71.76 < 162.9 1 0 

CB7 CB6 -6.4 < 0 84.11 < 162.9 1 0 

CB7 -5.19 < 0 82.76 < 162.9 1 0 

836-

862 
C-N 

CB5 -1.72 < 0 74.57 < 162.9 1 0 

CB7 CB6 -6.37 < 0 86.19 < 162.9 1 0 

CB7 -5.3 < 0 84.71 < 162.9 1 0 

860-

836 
AB 

CB5 -1.72 < 0 73.44 < 162.9 1 0 

CB7 CB6 -6.4 < 0 83.44 < 162.9 1 0 

CB7 -4.755 < 0 81.88 < 162.9 1 0 

836-

840 
AC 

CB5 -1.72 < 0 75.74 < 162.9 1 0 

CB7 CB6 -6.4 < 0 82.89 < 162.9 1 0 

CB7 -5.03 < 0 80.03 < 162.9 1 0 

836-

862 
BC 

CB5 -1.75 < 0 75.16 < 162.9 1 0 

CB7 CB6 -6.61 < 0 88.97 < 162.9 1 0 

CB7 -5.41 < 0 85.7 < 162.9 1 0 

860-

836 
ABCN 

CB5* 3.42 < 0 69.5 < 162.9 1 0 

CB7 CB6* 0.27 < 0 64.4 < 162.9 1 0 

CB7* 0.16 < 0 57.36 < 162.9 1 0 

836-

862 
ABCN 

CB5* 3.42 < 0 69.09 < 162.9 1 0 

CB7 CB6* 0.27 < 0 59.59 < 162.9 1 0 

CB7* 0.15 < 0 48.38 < 162.9 1 0 

 

 

 

5.4 Summary of Results 

The implemented protection approach modifies the method for isolating faulted 

zones in [27] and [28] by decentralizing the control of the zonal boundary breakers. 

Single phase, double phase, and three-phase faults were staged at the various line 

segments spanning the beginning, the middle, and the end of the individual zones of the 

multi-feeder test system.  

For some of the simulated fault types, the negative sequence directional element 

and the positive sequence directional element of the zonal boundary elements (ZBEs) 
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indicated opposing fault directions. These conditions occurred for three-phase faults 

simulated in all zones of the multi-feeder test system. For these faults, the measured 

negative sequence directional element impedance values of the ZBEs did not match the 

expected impedance values. On the other hand, the positive sequence directional element 

angles for the ZBEs matched the expected angle values. The erroneous response of the 

negative sequence directional element is due to the negligible negative sequence voltage 

and currents produced for three phase faults. Other fault types that showed a similar 

discrepancy included the A-N and B-N faults in zone 1. For these two faults, it was 

rather the measured angles of the positive sequence directional elements of CB2 and 

CB3 that did not match the expected angle values. Because the A-N and B-N faults 

occurred on a single phase lateral, power continued to flow through the remaining 

healthy phases of CB2 and CB3 during the fault, thereby causing their positive sequence 

directional elements to recognize the fault as forward instead of reverse. However, of the 

two directional sequence elements (positive and negative), the one with the higher 

priority for the particular fault type was able to determine the correct fault direction, 

resulting in the isolation of the appropriate faulted zone.  

For other fault types, the higher priority directional sequence element indicated 

an incorrect fault direction. This happened to the negative sequence directional element 

of CB2 for AB and AC faults staged in zone 2, and an AB fault staged in zone 4. The 

AB fault in zone 2 was on the secondary side of the in-line transformer while the zone 2 

AC fault and the zone 4 AB fault were at locations relatively distant from CB2. The 

incorrect fault direction by the negative sequence element of CB2 for a fault on the 

secondary side of the in-line transformer or at the distant locations is as a result of the 

small contribution from the substation due to the DGs connections. The small 

contribution from the substation resulted in less fault current flowing through CB2, 

thereby causing CB2 to indicate an incorrect fault direction. Notwithstanding these 

challenges, the fact that the indicated fault direction decisions of CB1, CB3, and CB4 is 

shared with CB2 using binary state signals resulted in the proper isolation of the faulted 

zone. 
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 The exhaustive fault types simulated at the various locations of the individual 

zones of the multi-feeder test system shows that the protection approach worked for a 

large number of the faults by selectively identifying the correct fault direction to cause 

the eventual isolation of the faulted zones.  

 

5.5 Proposed Methodology for Smart Meter Data Usage for Overcurrent 

Protection 

Distribution customers can be classified as residential, commercial or industrial. 

Each of these customers may be supplied by a primary circuit protected by a relay. The 

power that flows through the relay may be made available to the customers through a 

secondary distribution transformer depending on the customers’ voltage utilization level. 

In a smart distribution grid, it is expected that distribution customers will have smart 

meters installed at their facility. The proposed methodology for smart meter data usage 

for OC protection is to be applied to the substation relay after the zonal boundary 

protective elements has operated to isolate the faulted zones downstream the zone of the 

multi-feeder test system whose main supply is from the substation. The method, 

therefore, seeks to aggregate the individual customer load demand from the smart meter 

measurements for each secondary transformer in the unfaulted zone connected to the 

substation and eventually determine the demand the flows through the substation relay. 

This technique is to help determine the demand pattern over a given time duration for the 

substation OC protective relay. The pickup setting of the substation relay is then adapted 

over a day depending on the maximum loading levels identified from the demand pattern 

obtained using the smart meter measurements from the previous day. The steps below 

outline the proposed methodology for using the smart meter load demand measurements. 

1. Obtain the individual customer, i, power demands as recorded by the smart meter 

over a given time interval. For this work, 30-minute demand over a 24-hour 

period was assumed. Most manufactured smart meters are capable of providing 

this information to the AMI headend. Equation (9) shows the customer power 

demands in vector form. 
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 i( t)     

[
 
 
 
 
D( t1 
D( t2 
D( t  

 
D( tm )]

 
 
 
 

m 1

k  

Hi(∆t) = Customer i’s power demand vector over the selected time interval 

D = 30-minute  power demand 

∆t = 30-minute interval 

m = Number of 30-minute intervals over a 24-hour time duration 

(9) 

 

2. Compute the 30-minute diversified demand for each phase of the secondary 

transformer, k, serving a group of customers, using the demands acquired in step 

1 using (10). 

 

 
Tk
p
( t)   [  ∑ i( t    

n

i   1

]

m 1

         k  

Tk = Transformer k’s 30-minute diversified demand vector of size m x 1 

p = phase of transformer 

n = Number of customers fed by transformer 

(10) 

 

3. Sum the 30-minute diversified demands for each phase of the secondary 

transformers over the corresponding time intervals to obtain the demand seen by 

the relay at the substation using (11). Since a distribution system may have 

several laterals of various phases, the diversified demand for each phase of the 

transformers serving the customers on a particular lateral is determined, and then 

added to the corresponding phase of the diversified demands of the transformers 

on the main feeder in order to obtain the demand seen by the substation relay.  

 



90 

 

 

9
0
 

 
 ( t    [ ∑   [Tmain, k

p ( t ]

 

k 1

+∑[Tlat, k
p

( t)]

M

k 1

 ]

 m 1

 k  

R(∆t) =  Relay demand vector of size m x 1 

Tmain  
p

  Main feeder transformer    minute diversified demand 

Tlat  
p

  Lateral transformer    minute diversified demand 

N = Number of main feeder transformers fed by substation 

M = Number of lateral transformers fed by substation 

p = phase of transformer 

(11) 

 

4. Divide the relay demand vector over the 24-hour time duration into two time 

intervals, 12-hours each, using (12). This results in a vector of size m/2 x 1. 

 

 

First 12 hour  nterval   1( t)   [ ( t)]m
2
  1
 

[
 
 
 
 
 
 ( t1)

 ( t2)

 
 

 ( t
 
m
2
)
]
 
 
 
 
 

  

Second 12 hour  nterval   2( t)   [ ( t)]m
2
   1

 

[
 
 
 
 
 ( t

 
m
2
 +1
)

 
 
 

 ( tm) ]
 
 
 
 

  

 

(12) 

5. Determine the maximum diversified demand in each time interval of step 4 using 

(13). 

 

 M 1  max( 1( t)            M 2  max( 2( t)    

M1 = maximum diversified in first 12-hour time interval 

M2 = maximum diversified in second 12-hour time interval 

 

 

(13) 



91 

 

 

9
1
 

6. Set the substation’s phase overcurrent relay pickup value as 1.5 times the 

corresponding current of the maximum diversified demand in each time interval 

using (14).  

 

  p1   1.     (M1)               p2   1.     (M2)   

Ip1 = pickup setting for first 12-hour interval 

Ip2 = pickup setting for second 12-hour interval 

I(M1) = Corresponding current of M1 

I(M2) = Corresponding current of M2 

 

(14) 

Step 1 is readily obtainable in most commercial smart meters. Commercial smart 

meters have the capability to be programmed to compute the customer demand at 

selectable intervals of 5, 10, 15, 20, 30 and 60 minutes [46]. Steps 2 to 6 are expected to 

be handled by the computing facilities at the AMI headend. The assumptions made in 

this solution methodology are: 

1. The customers’ energy usage pattern has been carefully monitored and 

understood over the given time duration. 

2. The two 12-hour time interval divisions are as a result of the customers’ energy 

usage peaking in the morning and in the evening. 

3. In setting the pickup value for each 12-hour time interval, the previous day’s 

maximum diversified demand during that interval is used. The assumption is that 

the utility’s prediction of the current day’s power demands using the information 

from the smart meters for the previous day is relatively consistent with the 

previous day.  

 

The proposed methodology can be illustrated using the example radial 

distribution feeder shown in Fig. 36. On the mains of the feeder are two secondary 

transformers serving a total of 8 customers. Transformer 1, T1, between nodes 3 and 4 

supplies the distributed load customers H1-H4. Transformer 2, T2, supplies customers 
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H5-H8. The feeder has a single phase lateral between nodes 6 to 8 with a secondary 

transformer T3, supplying the distributed load customers H9 and H10. Each customer 

shown is considered to be on the same phase of the secondary distribution transformers 

and have a smart meter installed at their site. The following steps outline the procedure: 
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Fig. 36 A Simple Radial Distribution Feeder to Illustrate Smart Meter Information Usage. 

 

 

 

Step 1: The smart meter demand measurements of customers are obtained as described in 

section 3.4. Let the sample 30-minute, ∆t, demand measurements obtained from the 

smart meters for customers H1 to H4 over a 24-hour time duration be as given in Fig. 37, 

Fig. 38, Fig. 39, and Fig. 40 respectively. 
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Fig. 37 A Sample 30-minute Demand Measurements for Customer #1 

 

 

 

 

Fig. 38 A Sample 30-minute Demand Measurements for Customer #2 

 

 

 

 

Fig. 39 A Sample 30-minute Demand Measurements for Customer #3 
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Fig. 40 A Sample 30-minute Demand Measurements for Customer #4 

 

 

 

Step 2: Transformer 1 diversified demand for its four customers (H1-H4) is obtained by 

summing the corresponding 30-minute demands of the customers using (10). The 

resultant diversified demand vector for T1 is shown as a curve in Fig. 41. The diversified 

demand vector curves for transformers T2 and T3 is obtained from similar samples of 

30-minute demand measurements by the smart meters located at their respective 

customer locations and applying (10). Fig. 42 and Fig. 43 respectively show the 

diversified demand for transformer 2 and transformer 3 obtained from a sample demand 

measurements of their customers smart meters. 
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Fig. 41 Transformer 1 Diversified Demand Curve 

 

 

 

 

Fig. 42 Transformer 2 Diversified Demand Curve 
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Fig. 43 Transformer 3 Diversified Demand Curve 

 

 

 

Step 3: The demand seen by the substation relay, R, on the primary circuit of Fig. 36 

over the 24-hour time interval is determined using (11). Fig. 44 shows the demand curve 

of the relay. The demand seen by the relay varies from hour-to-hour, which is a 

representative of a typical distribution load variation pattern. 
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Steps 4 and 5:  The 24-hour time interval is divided into the two 12-hour intervals as 

proposed in the solution methodology. The maximum diversified demand for each 

interval is determined as shown in Fig. 44. 
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Step 6: The pickup value of the relay is set as 1.5 times the current corresponding to the 

maximum diversified demands in each of the two time intervals.  This current can be 

obtained by taken a ratio of the maximum diversified demand power to the primary relay 

voltage or running an offline load flow using the maximum diversified powers. 

Assuming the demand at the relay has been established to follow the pattern in Fig. 44, 

then before the commencement of each time interval for the next day, the relay pickup 

setting is updated to reflect the maximum diversified demand expected within that time 

interval. 

 

 

 

 

Fig. 44 Relay Demand Curve over a 24-hour Time Interval 
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5.5.1 Secondary Level Distribution Design for Multi-feeder Test system 

The secondary level of the multi-feeder test system was configured as either a 

common secondary main transformer or a single service individual transformer. 

Common secondary main transformer feed a group of residential customers. The single 

service individual transformers were modeled to feed a single commercial or industrial 

customer or a single residential customer depending on the mean displacement obtained 

using (4). Fig. 45 shows the secondary distribution design using the customers between 

nodes 860-836 for feeder 1 and feeder 2, as an example. From the groupings in Table 11, 

one common secondary transformer (Transformer 1) supplied 12 residential customers 

and another transformer, T2, supplied the remaining 4 residential customers. The 

selected voltages for the secondary level were 120/240V single phase, or 277/480V three 

phase, which is typical of the United States. The connection of the commercial load at 

node 860 was made at the primary node point using the single service transformer 

configuration (Transformer 3). The service for customers is monitored via the smart 

meters as shown in the figure. 
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Fig. 45 Secondary Distribution Design between Nodes 860 and 836 for Feeder 1 and Feeder 2 
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5.6 Simulation Cases for Smart Meter Data Usage 

The methodology outlined in section 5.5 was tested on the substation relay on the 

multi-feeder test system through simulation studies performed in PSCAD. Two case 

studies were performed which concentrated on zone 1. Fig. 46 shows zone 1 of the 

multi-feeder test system on which the methodology of the smart meter information usage 

for the substation relay was studied. The studies were performed after the zonal 

boundary elements had operated due to a fault in zone 2, causing zone 1 to be only zone 

connected to the substation.  In each of the two cases, several fault types were staged and 

simulated on selected line segments on the main feeder and laterals within zone 1.  The 

faults on the main feeder line segments spanned the beginning, the middle, and the end 

of the zone.  For each fault type, both a bolted (zero impedance) and a high impedance 

fault were simulated. The high impedance fault involved a 20 Ω resistance. The trip 

times of the substation relay for the bolted and the high impedance faults were 

monitored using a pickup setting obtained based on the maximum loading of the zone 

(using the conventional approach for determining pickup setting, henceforth referred to 

as the old pickup), and a pickup setting that uses the proposed methodology of the 

maximum diversified demands of the two 12-hour intervals (henceforth referred to as the 

new pickup). The zone 1 loads variation pattern were randomly developed in matlab. 
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Fig. 46 Zone 1 of Multi-feeder Test System for Substation OC Relay Adaptive Pickup Study  

 

 

 

5.6.1 Case 3 – Adaptive Pickup Study 

Loads on the secondary distribution level on laterals 1, 2 and 3 were randomly 

varied to be within the bounds of the average and the maximum demands estimated for 

the multi-feeder test system as given in appendix A. The individual demands by the 

smart meters were used to obtain the diversified demands of the transformers on these 

laterals. Fig. 47 shows the individual diversified demands of the transformers on line 

segment 808-810 of lateral 1. The number of secondary transformers on this line 

segment is seven following the transformer allocation method discussed in section 5.2 as 

seen in appendix A.  Lateral 2 has two line segments on which loads are connected, lines 

818-820 and 820-822, with a total of six and nine secondary transformers for each line, 

respectively. Fig. 48 and Fig. 49 show the diversified demands obtained for all the 

transformers on lines 818-820 and 820-822, respectively. From the figures, it is seen that 

the peak loading of each transformer did not occur at the same time. This is a typical 

feature of distribution systems due to the diversity in energy usage by customers. Fig. 50 
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shows the diversified demands of the transformers on line segment 824-826 obtained 

from the random load variations. 

 

 

 

 

Fig. 47 Case 3: Diversified Demand of Transformers on Line Segment 808-810. 
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Fig. 48 Case 3: Diversified Demand of Transformers on Line Segment 818-820. 

 

 

 

 

Fig. 49 Case 3: Diversified Demand of Transformers on Line Segment 820-818. 
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Fig. 50 Case 3: Diversified Demand of Transformers on Line Segment 824-826. 

 

 

 

From the individual transformers’ diversified demands of the laterals, the 

contribution to the substation relay demand was computed as the sum of all transformer 

diversified demands on that lateral using the second term in (11). Fig. 51 depicts lateral 1 

contribution which was aggregated from the transformers diversified demand 

information. The load curve shows two peaks, one occurring in the morning and the 

other occurring in the evening, typical of a distribution residential load pattern. The 

morning demand peaks at 8:00 at a value of 28.2 kW, and the evening demand peaks at 

18:00 at a value of 24.33 kW. In Fig. 52, the two maximum demands of lateral 2’s 

contribution occurred at values of 262 kW and 253 kW at 8:00 and 19:00, respectively. 

Fig. 53 shows that lateral 3’s contribution had a morning demand peak of 43.96 kW at 

9:00 and an evening peak of 32.79 kW at 19:00. To obtain the substation relay demand, 

(11) was used to add the corresponding phases of the main feeder individual transformer 

diversified demands to the contribution of the lateral transformers. 
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Fig. 51 Case 3: Lateral 1 Demand Contribution Curve.  

 

 

 

 

Fig. 52 Case 3: Lateral 2 Demand Contribution Curve. 

 

 

0 5 10 15 20 25
14

16

18

20

22

24

26

28

30
Lateral 1 Maximum Diversified Demands

Time (hrs)

D
e
m

a
n
d
 (

k
W

)

0 5 10 15 20 25
120

140

160

180

200

220

240

260

280
Lateral 2 Maximum Diversified Demands

Time (hrs)

D
e
m

a
n
d
 (

k
W

)

Morning max at 8:00 

Evening max at 18:00 

Morning max at 8:00 

Evening max at 19:00 



105 

 

 

1
0
5
 

 

Fig. 53 Case 3: Lateral 3 Demand Contribution Curve. 
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higher for the high impedance faults than the bolted faults.  The table shows that, in 

using the new pickup setting, the substation OC relay had at least a 26% more 

improvement in its sensitivity for the bolted faults. For the high impedance faults, the 

minimum sensitivity improvement of the substation OC relay was 33%. This 

improvement is as a result of the faster speed of operation of the relay when using the 

new pickup setting. 

 

 

 
Table 28 Case 3: Pickup Variation Study for Maximum Diversified Demand in 1st 12-hour 

Interval  

Fault 

Location 

Fault 

Type 

Fault Current (A) 
Old Pickup                   

Trip Times (s) 

New Pickup      

Trip Times (s) 

Sensitivity 

Improvement 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

820-822 A-N 333.75 266.95 1.072 1.293 0.604 0.664 44% 49% 

808-810 B-N 782.85 512.14 0.658 0.812 0.454 0.517 31% 36% 

824-826 B-N 406.34 328.56 0.944 1.085 0.564 0.608 40% 44% 

806-808 C-N 1273.53 641.06 0.543 0.722 0.399 0.481 27% 33% 

816-824 AB 561.9 482.67 0.748 0.819 0.492 0.519 34% 37% 

814-850 AC 560.17 487.44 0.770 0.719 0.501 0.480 35% 33% 

802-806 ABC 1301.12 652.47 0.538 0.715 0.396 0.478 26% 33% 

814-850 ABC 665.25 467.94 0.704 0.855 0.474 0.533 33% 38% 

824-828 ABC 599.52 441.75 0.739 0.885 0.488 0.544 34% 39% 

 

 

 

In Table 29, the results for the old pickup setting of 94.3 A are contrasted with 

that of the new pickup setting of 31.59 A determined for the second 12-hour interval. 

Again, the new pickup trip times were smaller compared to the old pickup trip times. 

From the table, it can be observed that the substation relay also shows higher percentage 

sensitivity improvement in responding to almost all the high impedance faults than it 

does to the bolted faults.  

A comparison of the tripping times using the new pickup settings for the first 12-

hour interval to that of the second 12-hour interval shows that the first 12-hour interval 

has longer tripping times for all fault conditions than the second 12-hour interval. 
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However, the difference in the tripping times is not very pronounced. The largest 

difference between the two 12-hour intervals for the new pickup tripping times for the 

bolted faults is 0.009 s for an A-N between nodes 820-822. For the high impedance 

faults, the largest difference is 0.011 s, and it is for a fault that occurs between the same 

two nodes.  

 

 

 
Table 29 Case 3: Pickup Variation Study for Maximum Diversified Demand in 2nd 12-hour 

Interval  

Fault 

Location 

Fault 

Type 

Fault Current (A) 
Old Pickup                   

Trip Times (s) 

New Pickup      

Trip Times (s) 

Sensitivity 

Improvement 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

820-822 A-N 333.7 267.0 1.072 1.292 0.595 0.653 44% 49% 

808-810 B-N 783.1 511.2 0.658 0.813 0.449 0.511 32% 37% 

824-826 B-N 408.8 328.3 0.945 1.094 0.556 0.601 41% 45% 

806-808 C-N 1274.6 642.2 0.543 0.721 0.395 0.475 27% 34% 

816-824 AB 559.8 480.0 0.747 0.818 0.486 0.513 35% 37% 

814-850 AC 560.5 487.6 0.770 0.719 0.495 0.474 36% 34% 

802-806 ABC 1301.5 652.3 0.538 0.715 0.393 0.473 27% 34% 

814-850 ABC 664.4 466.8 0.705 0.856 0.468 0.526 34% 39% 

824-828 ABC 599.3 438.8 0.739 0.889 0.482 0.538 35% 40% 

 

 

 

5.6.2 Case 4- Adaptive Pickup Study 

This case involved generating a new set of demands by the smart meters for the 

customers at the secondary distribution level of zone 1. Again, each customer on the 

laterals of the zone had the power randomly varied to be within the average and the 

maximum demand as given in appendix A. Fig. 54 shows the diversified demand for the 

seven transformers on lateral 1, line segment 808-810. Fig. 55 and Fig. 56, respectively, 

represent the diversified demands of the transformers on the line segments 818-820 and 

820-822 of lateral 2. Fig. 57 shows the diversified demand of the three transformers on 

lateral 3, line segment 824-826.  
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Fig. 54 Case 4: Diversified Demand of Transformers on Line Segment 808-810. 

 

 

 

 

Fig. 55 Case 4: Diversified Demand of Transformers on Line Segment 818-820. 
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Fig. 56 Case 4: Diversified Demand of Transformers on Line Segment 820-822. 

 

 

 

 

Fig. 57 Case 4: Diversified Demand of Transformers on Line Segment 824-826. 
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The contribution of the laterals’ transformers diversified demands to the 

substation relay demand was obtained as the sum of the individual lateral transformer 

diversified demands using the second term in (11). Fig. 58 shows lateral 1’s contribution 

to the substation relay demand. The morning demand peak occurred at 8:00 at a value of 

32.92 kW. The evening demand peak value is 29.47 kW and occurred at 17:00. Fig. 59 

shows the contributions made by lateral 2’s transformers. The peak demand for the 

morning is higher with a value of 315 kW and occurred at 8:00. The evening demand 

peak value is 301.9 kW, which is seen to occur at 19:00. The demand contribution by the 

transformers on lateral 3 is shown in Fig. 60. The morning demand has a peak value of 

58.59 kW and occurred at 8:00, and the evening peak value is 74.76 kW and occurred at 

19:00. 

 

 

 

 

Fig. 58 Case 4: Lateral 1 Demand Contribution Curve. 
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Fig. 59 Case 4: Lateral 2 Demand Contribution Curve. 

 

 

 

 

Fig. 60 Case 4: Lateral 3 Demand Contribution Curve. 
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Again, the substation OC relay trip times in using the new pickup setting in each 

12-hour interval are compared to that of the old pickup setting (94.3 A) for bolted and 

high impedance fault scenarios. Table 30 shows a comparison of the trip times using the 

new pickup setting (39.12 A) for the first 12-hour interval to the trip times using the old 

pickup setting. The table also indicates the faulted line sections and the fault types that 

were simulated.  The sensitivity improvement of the substation relay in using the first 

12-hour interval pickup setting (new pickup) over the old pickup setting is also shown. 

This sensitivity improvement was computed as the difference between the old pickup 

trip times and the new pickup trip times expressed as a percentage of the old pickup trip 

times. The table shows that there is at least a 23% improvement in the sensitivity of the 

substation OC relay in responding to bolted faults, and at least a 29% sensitivity 

improvement by the substation relay in responding to the high impedance faults. The 

new pickup trip times are also smaller and therefore more desirable than the old pickup 

trip times. 

 

 

 
Table 30 Case 4: Pickup Variation Study for Maximum Diversified Demand in 1st 12-hour 

Interval  

Fault 

Location 

Fault 

Type 

Fault Current (A) 
Old Pickup                   

Trip Times (s) 

New Pickup      

Trip Times (s) 

Sensitivity 

Improvement 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

820-822 A-N 333.37 267.36 1.073 1.291 0.650 0.720 39% 44% 

808-810 B-N 783.19 513.99 0.658 0.810 0.477 0.548 27% 32% 

824-826 B-N 409.35 329.38 0.941 1.083 0.602 0.654 36% 40% 

806-808 C-N 1272.17 642.06 0.543 0.721 0.417 0.508 23% 30% 

816-824 AB 554.08 470.01 0.744 0.808 0.519 0.548 30% 32% 

814-850 AC 565.4 491.24 0.769 0.718 0.530 0.507 31% 29% 

802-806 ABC 1302.77 654.74 0.538 0.713 0.414 0.504 23% 29% 

814-850 ABC 664.6 470.57 0.704 0.852 0.500 0.566 29% 34% 

824-828 ABC 599.87 440.19 0.738 0.887 0.516 0.581 30% 35% 
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Table 31 presents the comparison of the tripping times for the substation relay for 

the second 12-hour interval using its corresponding new pickup setting (37.59 A) to that 

of the old pickup setting for the bolted and high impedance faults staged at various fault 

locations. Again, it can be seen that changing the substation OC relay pickup setting 

from its old pickup setting to its new pickup setting for the second 12-hour interval 

shows significant reduction in the times at which the bolted and high impedance faults 

were isolated.  

 By comparing the tripping times of the substation OC relay during the first 12-

hour interval to that of the second 12-hour interval, it can be seen that there was a much 

faster response in isolating the faults that occurred in the second 12-hour interval than 

those that occurred in the first 12-hour interval. The largest difference in the tripping 

times of the two time intervals for the bolted and high impedance faults in this case is 

0.033 s and 0.031 s, respectively. The faulted line section that resulted in this difference 

was between nodes 824-826.  

 

 

 
Table 31 Case 4: Pickup Variation Study for Maximum Diversified Demand in 2nd 12-hour 

Interval  

Fault 

Location 

Fault 

Type 

Fault Current (A) 
Old Pickup                   

Trip Times (s) 

New Pickup      

Trip Times (s) 

Sensitivity 

Improvement 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

Bolted 

Fault 

High 

Imped. 

Fault 

820-822 A-N 333.79 267.61 1.072 1.290 0.639 0.706 40% 45% 

808-810 B-N 783.41 531.24 0.658 0.795 0.472 0.534 28% 33% 

824-826 B-N 446.25 355.31 0.880 1.023 0.569 0.622 35% 39% 

806-808 C-N 1284 641.03 0.541 0.722 0.412 0.502 24% 30% 

816-824 AB 557.69 479.55 0.747 0.814 0.513 0.542 31% 33% 

814-850 AC 562.18 490.31 0.772 0.718 0.524 0.500 32% 30% 

802-806 ABC 1300.66 654.94 0.538 0.713 0.410 0.498 24% 30% 

814-850 ABC 666.24 469.43 0.704 0.853 0.494 0.559 30% 35% 

824-828 ABC 598.72 440.99 0.738 0.886 0.509 0.572 31% 36% 
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5.7 Summary of Results 

The smart meter demand measurements from a load variation pattern randomly 

developed in matlab for the loads in zone 1 of the multi-feeder test system were used to 

determine a 24-hour time duration demand that the substation OC relay monitors. The 

24-hour time duration demands of the substation OC relay was divided into two 12-hour 

time intervals. The trip times of the substation relay for bolted and high impedance faults 

in the zone were monitored using a pickup setting obtained based on the maximum 

loading of zone 1 (following the conventional approach for determining pickup setting), 

and a pickup setting that uses the proposed methodology of the maximum diversified 

demands of the two 12-hour intervals.  The bolted and the high impedance faults on the 

main feeder line segments spanned the beginning, the middle, and the end of the zone. 

The case studies revealed that changing the pickup setting of the substation relay 

from the maximum loading using the conventional approach to the pickup setting 

corresponding to the maximum diversified demand in each 12-hour interval provided 

faster tripping times of the substation relay for the bolted and high impedance fault types 

that were simulated. The faster tripping times of the substation relay were as a result of 

the two 12-hour intervals pickup settings being less than the conventional approach 

pickup setting. The percentage improvement in the sensitivity of the substation OC relay 

for using the two 12-hour intervals pickup settings in responding to faults was on the 

average higher for the high impedance fault types than the bolted fault types. The 

tripping times of the second 12-hour interval showed only a slight improvement over the 

tripping times for the first 12-hour interval for the same faults that were studied. 
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6 CONCLUSIONS AND FUTURE WORK 

 

6.1 Conclusions 

This thesis discusses a method for identifying faulted zones and reducing the 

extent of customers’ affected by faults due to DGs influence on overcurrent protection 

for radial distribution systems (RDSs). A technique for using smart metering load 

information in adapting the pickup setting of the substation overcurrent relay was also 

discussed. The IEEE 34 Node Radial Test Feeder was expanded into a multi-feeder test 

system and a secondary distribution level was designed for the multi-feeder. The multi-

feeder test system, along with its components, was modeled in EMTP™/PSCAD®.  The 

multi-feeder implementation was verified with transient analysis studies. Five DGs were 

connected at selected nodes on the multi-feeder test system.  The substation overcurrent 

(OC) relay trip times for a zone that was supplied by the multi-feeder system substation 

was studied using the smart meters power demand measurements. 

The implemented overcurrent protection approach modified the scheme 

presented in [27] and [28], that uses a zoning concept to isolate faulted areas in RDS 

with DGs. The multi-feeder test system was divided into various zones, and each zone 

was separated from the other by a zonal boundary protective element that included a 

directional overcurrent relay and a circuit breaker. The directional element in the OC 

relay uses both positive sequence and negative sequence components to detect the 

direction of fault current. The negative sequence element is given a higher priority to 

indicate the fault direction for unbalanced faults while the positive sequence element has 

the higher priority in identifying the direction of balanced faults. The status of the fault 

current direction of each zonal boundary relay is communicated to other zonal boundary 

relays using binary state signals over a radio frequency communication medium. Any 

two adjoining zonal boundary relays that show a difference in their communicated fault 

current direction provide an indication of the faulted zone to the installed relays. The 

effectiveness of the approach in detecting faults and reducing the extent of impact on 

distribution customers was shown through a number of case studies. By decentralizing 
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the control of the zonal breakers, the single point of failure that a central relay may 

present was eliminated. In some instances, the higher priority directional sequence 

element indicated an incorrect fault direction. This was shown for faults that occurred on 

the secondary side of the in-line transformer of the multi-feeder test system and in some 

cases where the fault occurred further away from the zonal boundary elements. 

Notwithstanding these challenges, the fact that the zonal boundary elements shared 

indicated fault direction decisions using binary state signals resulted in the proper 

isolation of the faulted zone. 

The technique for the usage of the smart meter load information in OC protection 

involved sequentially determining the demand at the substation’s relay location using 

previous day’s smart meter demand measurements. The load information from the smart 

meters installed at the secondary distribution level over a 24-hour time duration was 

aggregated to obtain the substation’s relay demands. The substation’s relay demand over 

the 24-hour time duration was divided into two 12-hour intervals and the maximum 

diversified demand in each time interval was determined. The zone 1 substation OC 

relay pickup setting was then set as 1.5 times the current corresponding to the maximum 

diversified demand in each of the two 12-hour intervals. The trip times of the two 12-

hour pickup values were compared to that of the pickup value corresponding to the 

maximum demand of the zone.  

The results from case studies for bolted and high impedance fault types showed 

that the sensitivity of the substation OC relay was improved. The sensitivity 

improvement resulted from using the pickup settings of the maximum diversified 

demands for the two 12-hour intervals, as opposed to the pickup setting which was based 

on the maximum demand in zone 1. However, by comparing the tripping times obtained 

for the two 12-hour intervals pickup settings, it was noticed that they did not vary 

substantially from each other. The difference in variations was approximately less than 

0.1 s for the bolted and high impedance faults that were studied. The difference suggests 

that for a more conservative approach for the usage of the smart meter data in OC 

protection, only one of the two time interval pickup settings can be adopted for each day 
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of operation of the multi-feeder distribution system. The presented technique for smart 

meter information usage also devises a possible alternative for determining the loading 

downstream of a protective relay at regular time intervals. This approach may help 

distribution operators track the day-to-day maximum loading levels due to the 

determination of the maximum diversified demands of the substation overcurrent relay. 

Another benefit from the technique may be to help distribution system operators in 

planning operations once a record of the maximum diversified demands over a longer 

time during duration is reviewed. The technique for determining the load downstream of 

the relay may be computationally intensive, and therefore, the AMI headend computers 

may need high processing powers. However, this may not be a major concern as the 

computers located at the AMI headend may be fully sophisticated in a smart grid 

environment. In using the previous day’s load demand measurements from the smart 

meters to set the substation relay’s pickup setting, the technique may produce 

unnecessary tripping of the substation relay for any unforeseen weather conditions that 

may cause significant changes in customer energy usage in the current day. This is as a 

result of potentially setting the pickup of the substation OC relay to a value that may be 

less than the current day’s maximum diversified demand. 

 

6.2 Future Work 

Future research is recommended to continue in applying the smart meter load 

demands to two or more zones supplied by the multi-feeder substation.  A more heavily 

loaded test feeder is also recommended to be used in advancing the technique on the 

possible use of smart meter load demand information in an adaptive overcurrent 

protection. 
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APPENDIX A 

 

A. Secondary Distributed Load and Transformer Ratings for the Multi-feeder 

Test System 

The listings of the secondary distributed loads and the transformer (x’fmer) 

ratings for each phase are provided in the tables below. Table 32, Table 33, Table 34 and 

provide the ratings for phase A, B and C, respectively. Each row between nodes A and B 

corresponds to a customer. The number of transformer(s) serving a group of customers 

between the nodes A and B is provided in column 3. 

 

 

 
Table 32 Phase A Secondary Distributed Loads and Transformer Ratings 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer (kW) 

Max. Demand 

per Customer 

(kW) 

Max Demand 

per Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

818 820 6 

966 1.34 9.58 4.64 10.00 

1494 2.08 14.82 7.18 15.00 

1363 1.89 13.52 6.55 15.00 

1257 1.75 14.55 7.05 15.00 

1450 2.01 18.31 8.87 15.00 

1176 1.63 11.67 5.65 10.00 

820 822 

1 

557 0.77 5.95 3.61 

25.00 

551 0.77 6.96 4.87 

484 0.67 5.17 3.62 

493 0.68 6.22 3.78 

480 0.67 5.56 3.24 

559 0.78 5.97 3.62 

501 0.70 6.33 4.14 

567 0.79 5.63 2.72 

532 0.74 6.72 4.23 

557 0.77 5.95 4.03 

509 0.71 5.44 3.56 

482 0.67 4.78 2.32 

1 

506 0.70 7.03 4.26 

25 

505 0.70 4.68 2.61 

498 0.69 4.61 3.23 

553 0.77 5.12 2.98 

583 0.81 5.40 3.15 

475 0.66 6.00 3.20 
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Table 32 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. Demand 

per Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

   

563 0.78 6.52 4.11 

 

553 0.77 6.98 5.06 

540 0.75 7.50 5.08 

528 0.73 5.24 3.79 

573 0.80 7.96 5.39 

543 0.75 5.80 3.79 

820 822 

1 

520 0.72 7.22 3.68 

25 

521 0.72 4.82 3.27 

561 0.78 6.49 3.31 

513 0.71 5.48 3.45 

553 0.77 5.49 3.84 

515 0.72 6.50 4.56 

504 0.70 5.38 3.77 

581 0.81 6.72 3.76 

593 0.82 5.88 2.85 

564 0.78 6.03 3.22 

500 0.69 4.96 3.01 

542 0.75 6.27 4.39 

1 

466 0.65 4.62 2.80 

25 

568 0.79 7.17 3.65 

518 0.72 6.54 4.12 

565 0.78 7.13 3.64 

580 0.81 5.37 2.87 

504 0.70 5.38 3.01 

556 0.77 6.44 3.75 

549 0.76 7.63 5.52 

563 0.78 7.82 5.30 

584 0.81 5.79 3.51 

517 0.72 5.98 3.91 

553 0.77 6.98 3.73 

1 

527 0.73 5.63 2.87 

25 

556 0.77 5.15 3.12 

513 0.71 4.75 3.44 

561 0.78 5.57 3.77 

560 0.78 7.78 4.53 

534 0.74 5.71 4.13 

562 0.78 7.10 4.30 

561 0.78 5.19 2.65 
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Table 32 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

Xfmers 

kWh per 

Customer 

Average 

Demand Per 

Customer 

(kW) 

Max. 

Demand Per 

Customer 

(kW) 

Max. Demand 

per Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

   

550 0.76 5.88 2.85 

 
509 0.71 4.71 2.75 

488 0.68 6.16 4.32 

574 0.80 5.31 2.71 

820 822 

1 

552 0.77 7.67 4.65 

25 

491 0.68 6.82 4.46 

576 0.80 6.67 3.72 

586 0.81 6.26 3.19 

481 0.67 4.45 2.60 

510 0.71 6.44 3.75 

529 0.73 4.90 3.32 

576 0.80 5.71 2.77 

526 0.73 7.31 4.60 

494 0.69 6.86 4.97 

484 0.67 6.72 3.92 

533 0.74 7.40 4.14 

1 

450 0.63 4.46 2.92 

25 

503 0.70 6.99 5.06 

527 0.73 7.32 4.79 

517 0.72 5.13 2.48 

586 0.81 8.14 4.15 

488 0.68 5.65 3.69 

525 0.73 7.29 4.42 

554 0.77 6.41 4.04 

513 0.71 7.13 3.45 

542 0.75 7.53 4.21 

564 0.78 7.83 4.75 

508 0.71 6.41 3.43 
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Table 32 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

820 822 

1 

482 0.67 6.69 4.06 

25 

561 0.78 5.57 3.64 

507 0.70 5.87 3.70 

501 0.70 5.35 3.37 

494 0.69 5.72 3.19 

584 0.81 7.37 4.12 

577 0.80 6.16 2.99 

504 0.70 5.83 4.22 

558 0.78 5.54 2.96 

551 0.77 5.89 3.29 

522 0.73 7.25 4.22 

516 0.72 4.78 2.55 

1 

568 0.79 7.17 3.83 

15.00 

554 0.77 6.41 4.19 

529 0.73 5.65 3.83 

508 0.71 5.04 3.65 

572 0.79 5.30 2.83 

828 830 5 

217 0.30 2.51 1.28 5.00 

209 0.29 2.07 1.21 5.00 

214 0.30 2.97 1.94 5.00 

221 0.31 2.05 1.39 5.00 

212 0.29 2.94 1.99 5.00 

832 858 10 

149 0.21 1.59 0.97 5.00 

140 0.19 1.39 0.67 5.00 

125 0.17 1.45 0.70 5.00 

154 0.21 1.65 0.80 5.00 

144 0.20 1.67 1.13 5.00 

142 0.20 1.31 0.86 5.00 

142 0.20 1.31 0.86 5.00 

147 0.20 1.86 0.99 5.00 

127 0.18 1.76 0.85 5.00 

150 0.21 2.08 1.51 5.00 
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Table 32 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

858 864 2 
35 0.05 0.44 0.23 5.00 

34 0.05 0.36 0.20 5.00 

858 834 11 

77 0.11 0.76 0.45 5.00 

68 0.09 0.79 0.53 5.00 

78 0.11 0.72 0.49 5.00 

72 0.10 1.00 0.70 5.00 

72 0.10 0.67 0.39 5.00 

73 0.10 0.72 0.46 5.00 

72 0.10 0.83 0.47 5.00 

79 0.11 0.73 0.39 5.00 

73 0.10 0.84 0.47 5.00 

71 0.10 0.66 0.43 5.00 

78 0.11 0.83 0.58 5.00 

834 860 
1 

308 0.43 3.29 1.76 

15.00 

302 0.42 3.00 1.60 

305 0.42 3.03 1.76 

316 0.44 2.93 1.91 

305 0.42 3.26 1.74 

294 0.41 3.14 1.75 

313 0.43 4.35 2.11 

275 0.38 3.82 2.68 

320 0.44 2.96 1.80 

319 0.44 2.95 1.58 

297 0.41 4.13 2.70 

305 0.42 3.53 1.80 

1 321 0.45 3.18 1.86 5.00 
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Table 32 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

860 836 2 

536 0.74 5.73 4.15 

25.00 

500 0.69 6.31 2.89 

457 0.64 5.77 3.50 

458 0.64 6.36 2.80 

498 0.69 6.92 2.64 

459 0.64 5.31 3.08 

500 0.69 6.94 2.85 

488 0.68 6.16 2.47 

506 0.70 5.02 3.88 

453 0.63 5.24 3.82 

461 0.64 4.27 3.09 

459 0.64 5.80 3.44 

523 0.73 5.59 3.15 

10.00 
518 0.72 6.54 2.68 

513 0.71 5.09 3.06 

515 0.72 5.96 3.82 

836 840 1 

839 1.17 11.65 7.62 

15 
799 1.11 10.09 5.14 

812 1.13 11.28 5.75 

844 1.17 10.66 7.47 

842 844 1 1380 1.92 17.42 12.21 15.00 
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Table 33 Phase B Secondary Distributed Loads and Transformer Ratings 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

802 806 

1 

147 0.20 1.46 0.99 

5.00 

155 0.22 2.15 1.46 

158 0.22 1.46 0.75 

156 0.22 1.67 1.13 

156 0.22 1.55 1.08 

147 0.20 2.04 1.19 

151 0.21 2.10 1.37 

145 0.20 1.34 0.78 

146 0.20 1.35 0.85 

152 0.21 1.62 0.99 

159 0.22 1.47 0.82 

158 0.22 1.83 1.02 

1 

146 0.20 1.56 1.02 

5 

149 0.21 2.07 1.00 

155 0.22 1.96 0.95 

146 0.20 1.84 0.94 

154 0.21 1.78 1.29 

154 0.21 1.78 0.91 

158 0.22 1.99 1.30 

158 0.22 2.19 1.17 

159 0.22 2.01 0.97 

148 0.21 1.58 1.11 

158 0.22 1.99 1.26 

160 0.22 2.22 1.45 

1 

149 0.21 1.48 0.75 

5 

153 0.21 1.77 1.20 

154 0.21 1.78 1.04 

154 0.21 1.78 0.95 

157 0.22 2.18 1.37 

152 0.21 1.92 1.03 

141 0.20 1.78 1.12 

157 0.22 2.18 1.17 
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Table 33 Continued  

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

   

146 0.20 1.69 1.18 

 
160 0.22 2.22 1.19 

159 0.22 1.47 0.75 

155 0.22 1.44 0.87 

802 806 1 

152 0.21 1.92 1.25 

5.00 

146 0.20 1.35 0.82 

147 0.20 1.46 0.85 

154 0.21 1.53 0.78 

152 0.21 2.11 1.48 

155 0.22 1.79 1.30 

155 0.22 2.15 1.31 

160 0.22 1.48 0.93 

156 0.22 1.97 1.43 

155 0.22 1.79 1.00 

147 0.20 1.86 0.99 

156 0.22 1.55 0.79 

802 806 1 

145 0.20 1.68 0.98 

5 

146 0.20 2.03 0.98 

154 0.21 1.65 1.19 

159 0.22 2.21 1.34 

155 0.22 2.15 1.25 

153 0.21 1.93 1.08 

158 0.22 1.83 0.89 

145 0.20 1.55 1.05 

154 0.21 1.78 1.17 

147 0.20 2.04 1.24 

150 0.21 1.39 1.01 

149 0.21 1.59 1.12 

802 806 1 

155 0.22 2.15 1.31 

5 

146 0.20 2.03 1.28 

151 0.21 1.91 1.11 

152 0.21 1.76 1.19 

153 0.21 2.13 1.44 

158 0.22 1.57 0.91 

151 0.21 1.61 0.82 

147 0.20 1.36 0.69 
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Table 33 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. Demand 

per Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

808 810 7 

479 0.67 5.54 3.75 5.00 

535 0.74 7.43 5.03 5.00 

496 0.69 4.92 2.63 5.00 

494 0.69 5.28 3.45 5.00 

451 0.63 5.69 3.32 5.00 

477 0.66 6.02 4.22 5.00 

483 0.67 5.16 2.76 5.00 

816 824 1 39 0.05 0.54 0.28 5.00 

824 826 

1 

391 0.54 5.43 3.16 

15.00 

403 0.56 3.73 2.44 

419 0.58 4.85 3.06 

394 0.55 3.65 2.04 

406 0.56 3.76 2.10 

397 0.55 4.59 2.34 

372 0.52 3.97 2.88 

378 0.53 3.75 1.91 

383 0.53 4.09 2.08 

428 0.59 4.25 2.27 

399 0.55 3.96 2.21 

384 0.53 3.56 1.72 

1 

365 0.51 5.07 2.95 

15.00 

 

392 0.54 4.54 2.42 

368 0.51 3.93 2.85 

386 0.54 4.47 3.03 

390 0.54 4.17 2.12 

430 0.60 5.43 2.77 

410 0.57 4.07 1.97 

378 0.53 3.75 1.91 

398 0.55 4.61 3.23 

401 0.56 5.57 4.03 

391 0.54 4.94 3.34 

429 0.60 4.97 3.59 
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Table 33 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

824 826 1 

428 0.59 4.57 2.77 

15.00 

425 0.59 4.22 2.25 

407 0.57 4.71 2.97 

425 0.59 4.22 2.04 

416 0.58 4.44 2.91 

380 0.53 3.77 2.38 

364 0.51 3.61 1.84 

366 0.51 3.91 1.99 

408 0.57 5.15 3.00 

380 0.53 3.77 1.83 

424 0.59 5.35 2.59 

410 0.57 4.75 3.10 

854 856 1 500 0.69 4.96 2.89 5.00 

832 858 2 
64 0.09 0.63 0.43 5.00 

63 0.09 0.88 0.61 5.00 

858 834 15 

203 0.28 1.88 0.91 5.00 

216 0.30 2.00 1.31 5.00 

217 0.30 2.32 1.52 5.00 

209 0.29 2.07 1.21 5.00 

229 0.32 2.65 1.79 5.00 

225 0.31 3.13 1.97 5.00 

207 0.29 1.92 1.02 5.00 

216 0.30 2.31 1.45 5.00 

220 0.31 2.55 1.54 5.00 

207 0.29 2.21 1.24 5.00 

201 0.28 1.86 1.08 5.00 

204 0.28 1.89 1.19 5.00 

834 860 

1 

384 0.53 4.10 2.59 

15.00 

429 0.60 4.26 2.88 

382 0.53 3.79 1.84 

365 0.51 3.90 1.89 

440 0.61 4.37 2.44 

392 0.54 4.95 2.52 

405 0.56 4.33 2.62 

406 0.56 4.70 2.28 

397 0.55 4.59 2.79 

436 0.61 5.51 3.47 

379 0.53 3.51 1.87 

384 0.53 4.10 2.97 

1 
369 0.51 4.66 3.26 

5.00 
434 0.60 4.02 2.82 
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Table 33 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

860 836 8 

258 0.36 3.26 1.90 5.00 

271 0.38 2.90 1.82 5.00 

299 0.42 3.46 2.42 5.00 

255 0.35 3.54 2.32 5.00 

278 0.39 3.51 1.96 5.00 

300 0.42 4.17 2.02 5.00 

273 0.38 2.92 2.04 5.00 

301 0.42 2.99 2.02 5.00 

836 840 1 

671 0.93 7.77 4.15 

25.00 

669 0.93 7.74 5.24 

695 0.97 9.65 5.16 

632 0.88 6.75 4.26 

609 0.85 7.05 3.77 

622 0.86 6.17 3.60 

578 0.80 5.35 3.50 

601 0.83 7.59 3.68 

862 838 

1 

224 0.31 2.22 1.13 

10.00 

242 0.34 2.40 1.63 

288 0.40 3.08 1.72 

222 0.31 2.20 1.59 

210 0.29 2.08 1.41 

266 0.37 2.64 1.54 

263 0.37 3.65 2.30 

251 0.35 3.49 1.86 

292 0.41 2.70 1.77 

245 0.34 2.27 1.43 

293 0.41 2.71 1.84 

296 0.41 2.94 1.99 

1 

226 0.31 3.14 1.68 

10.00 

247 0.34 3.12 1.51 

233 0.32 2.70 1.70 

294 0.41 4.08 2.28 

293 0.41 3.70 2.07 

274 0.38 2.54 1.29 

267 0.37 2.47 1.56 

270 0.38 2.68 1.56 

278 0.39 2.57 1.68 

225 0.31 2.08 1.01 

296 0.41 3.74 2.44 

255 0.35 2.36 1.32 
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Table 33 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

862 838 1 

234 0.33 2.71 1.96 

10.00 

252 0.35 3.50 2.53 

276 0.38 3.48 1.95 

223 0.31 2.21 1.13 

256 0.36 2.74 1.39 

276 0.38 3.83 2.42 

284 0.39 3.94 2.67 

230 0.32 2.90 1.76 

263 0.37 3.32 2.33 

296 0.41 3.43 2.40 

844 846 

1 

125 0.17 1.16 0.70 

5.00 

130 0.18 1.20 0.84 

129 0.18 1.38 0.84 

136 0.19 1.45 0.70 

126 0.18 1.35 0.85 

136 0.19 1.35 0.82 

136 0.19 1.45 0.70 

129 0.18 1.19 0.58 

136 0.19 1.26 0.61 

126 0.18 1.59 0.93 

136 0.19 1.45 1.02 

127 0.18 1.76 0.94 

1 

130 0.18 1.64 0.79 

5.00 

135 0.19 1.88 1.36 

127 0.18 1.47 1.00 

132 0.18 1.83 1.07 

133 0.18 1.85 0.94 

132 0.18 1.31 0.86 

126 0.18 1.75 1.19 

135 0.19 1.25 0.76 

125 0.17 1.16 0.76 

129 0.18 1.28 0.81 

135 0.19 1.44 0.98 

133 0.18 1.85 1.16 

1 

132 0.18 1.53 0.78 

 

127 0.18 1.76 1.07 

124 0.17 1.57 0.99 

126 0.18 1.59 1.04 

134 0.19 1.33 0.96 

135 0.19 1.34 0.68 
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Table 33 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

844 846 

 

134 0.19 1.69 1.07 

5.00 

136 0.19 1.45 1.02 

131 0.18 1.52 0.99 

127 0.18 1.26 0.88 

136 0.19 1.45 0.81 

126 0.18 1.75 0.94 

1 

131 0.18 1.30 0.69 

5.00 

105 0.15 0.97 0.70 

135 0.19 1.88 1.18 

129 0.18 1.38 0.70 

133 0.18 1.42 0.69 

130 0.18 1.29 0.75 

131 0.18 1.21 0.88 

125 0.17 1.45 0.95 

128 0.18 1.27 0.71 

132 0.18 1.22 0.59 

124 0.17 1.72 0.88 

132 0.18 1.41 0.89 

1 

125 0.17 1.16 0.78 

5.00 

134 0.19 1.55 1.12 

125 0.17 1.45 0.91 

126 0.18 1.17 0.68 

132 0.18 1.53 0.78 

126 0.18 1.75 1.10 

132 0.18 1.83 0.98 

129 0.18 1.38 0.77 

133 0.18 1.32 0.77 

134 0.19 1.33 0.68 

126 0.18 1.35 0.91 

128 0.18 1.27 0.71 

844 846 1 131 0.18 1.30 0.85 5.00 

846 848 2 
1977 2.75 22.88 13.33 25.00 

1978 2.75 19.62 13.75 15.00 
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Table 34 Phase C Secondary Distributed Load and Transformer Ratings 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

802 806 1 

123 0.17 1.31 0.92 

5.00 

118 0.16 1.37 0.96 

127 0.18 1.18 0.60 

128 0.18 1.27 0.80 

133 0.18 1.23 0.89 

125 0.17 1.34 0.87 

126 0.18 1.59 1.08 

134 0.19 1.55 0.79 

122 0.17 1.13 0.82 

132 0.18 1.53 0.89 

129 0.18 1.49 1.05 

124 0.17 1.32 0.74 

802 806 1 

127 0.18 1.36 0.89 

5 

116 0.16 1.07 0.55 

122 0.17 1.69 0.91 

123 0.17 1.22 0.65 

127 0.18 1.60 0.82 

128 0.18 1.62 0.94 

114 0.16 1.13 0.77 

120 0.17 1.39 0.84 

128 0.18 1.48 0.97 

115 0.16 1.23 0.86 

133 0.18 1.68 1.22 

139 0.19 1.76 0.89 

802 806 1 

135 0.19 1.34 0.91 

5 

124 0.17 1.23 0.63 

125 0.17 1.58 0.80 

130 0.18 1.64 1.19 

127 0.18 1.26 0.76 

121 0.17 1.20 0.87 

136 0.19 1.26 0.85 

137 0.19 1.73 1.13 
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Table 34 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 
  

 114 0.16 1.44 0.70  

131 0.18 1.40 0.85 

128 0.18 1.27 0.62 

116 0.16 1.24 0.69 

802 806 1 

123 0.17 1.31 0.64 

5.00 

120 0.17 1.19 0.75 

138 0.19 1.60 1.04 

134 0.19 1.24 0.90 

120 0.17 1.52 0.73 

130 0.18 1.39 0.91 

134 0.19 1.24 0.69 

114 0.16 1.13 0.79 

127 0.18 1.18 0.66 

126 0.18 1.35 0.88 

118 0.16 1.17 0.57 

121 0.17 1.29 0.81 

802 806 1 

124 0.17 1.44 0.94 

5.00 

116 0.16 1.61 1.02 

137 0.19 1.27 0.68 

121 0.17 1.53 0.74 

135 0.19 1.88 1.09 

130 0.18 1.39 0.67 

120 0.17 1.28 0.72 

119 0.17 1.38 0.87 

132 0.18 1.53 0.96 

125 0.17 1.16 0.70 

129 0.18 1.63 0.95 

124 0.17 1.44 0.94 

802 806 1 

129 0.18 1.49 0.83 

5.00 

134 0.19 1.86 1.13 

130 0.18 1.39 0.81 

135 0.19 1.25 0.67 

134 0.19 1.43 0.69 

116 0.16 1.07 0.68 

133 0.18 1.54 1.01 
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Table 34 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of 

X’fmers 

kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating 

(kVA) 

824 828 3 

130 0.18 1.81 0.87 5.00 

140 0.19 1.62 0.87 5.00 

120 0.17 1.11 0.70 5.00 

832 858 4 

216 0.30 3.00 2.03 5.00 

210 0.29 2.08 1.06 5.00 

205 0.28 2.59 1.75 5.00 

233 0.32 3.24 1.89 5.00 

858 834 14 

229 0.32 2.12 1.29 5.00 

227 0.32 2.25 1.58 5.00 

230 0.32 2.90 1.97 5.00 

217 0.30 2.32 1.24 5.00 

237 0.33 2.35 1.48 5.00 

216 0.30 2.14 1.30 5.00 

233 0.32 3.24 2.12 5.00 

246 0.34 2.63 1.53 5.00 

253 0.35 3.19 1.71 5.00 

234 0.33 2.95 1.86 5.00 

242 0.34 2.59 1.87 5.00 

227 0.32 2.10 1.32 5.00 

218 0.30 2.02 1.27 5.00 

224 0.31 2.83 2.05 5.00 

834 860 1 

388 0.54 4.49 2.83 

15.00 

401 0.56 3.71 2.69 

410 0.57 4.38 2.34 

389 0.54 4.16 2.22 

373 0.52 3.70 1.98 

433 0.60 6.01 3.06 

439 0.61 5.08 3.68 

403 0.56 3.73 2.70 

385 0.53 4.11 2.59 

411 0.57 3.81 2.58 

438 0.61 5.07 3.67 

424 0.59 5.89 3.15 
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Table 34 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of X’fmers 
kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating (kVA) 

834 860 

1 

393 0.55 4.20 2.14 

15.00 

416 0.58 3.85 1.87 

377 0.52 3.49 1.87 

388 0.54 4.15 2.81 

444 0.62 4.11 2.30 

392 0.54 3.63 2.63 

393 0.55 4.20 2.74 

430 0.60 3.98 1.93 

373 0.52 4.71 2.86 

391 0.54 4.94 2.88 

404 0.56 4.68 3.28 

414 0.58 4.11 2.29 

1 

422 0.59 4.19 2.44 

15.00 

431 0.60 5.99 3.49 

412 0.57 3.81 2.76 

433 0.60 6.01 4.35 

416 0.58 5.78 2.94 

431 0.60 5.99 4.19 

407 0.57 4.35 2.43 

396 0.55 3.93 2.00 

376 0.52 4.35 2.95 

444 0.62 6.17 3.29 

441 0.61 4.71 2.86 

395 0.55 4.22 2.15 

1 

409 0.57 3.79 2.56 

15.00 

442 0.61 5.12 3.58 

397 0.55 3.94 2.76 

441 0.61 5.57 3.24 

419 0.58 5.82 4.08 

412 0.57 5.72 2.77 

455 0.63 5.74 3.89 

463 0.64 5.85 3.68 

407 0.57 3.77 2.01 

441 0.61 5.57 3.64 
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Table 34 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of X’fmers 
kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating (kVA) 

834 860 

 403 0.56 4.31 2.41  

428 0.59 4.25 2.97 

1 

460 0.64 4.26 2.78 

15.00 

394 0.55 4.97 3.02 

400 0.56 3.97 2.41 

439 0.61 4.06 2.75 

459 0.64 5.80 2.95 

443 0.62 5.59 3.39 

372 0.52 5.17 3.26 

426 0.59 4.55 3.19 

446 0.62 6.19 3.16 

373 0.52 5.18 2.64 

397 0.55 5.51 3.34 

412 0.57 4.77 3.01 

1 

382 0.53 4.08 2.18 

15.00 

383 0.53 4.43 2.37 

381 0.53 3.78 2.65 

385 0.53 4.86 3.52 

424 0.59 5.89 3.71 

373 0.52 5.18 3.02 

399 0.55 4.62 3.24 

383 0.53 3.80 2.03 

395 0.55 3.92 2.09 

426 0.59 4.23 2.96 

412 0.57 4.77 3.34 

442 0.61 4.09 2.87 

1 

419 0.58 3.88 1.98 

15.00 
433 0.60 4.30 2.40 

430 0.60 3.98 2.79 

450 0.63 5.68 3.85 
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Table 34 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of X’fmers 
kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating (kVA) 

834 860 

 439 0.61 4.69 2.27  

420 0.58 5.30 3.22 

384 0.53 3.81 1.85 

405 0.56 4.69 3.06 

398 0.55 5.03 2.81 

392 0.54 3.89 2.08 

460 0.64 4.56 3.30 

406 0.56 4.34 3.14 

1 

419 0.58 4.48 3.03 

15.00 

391 0.54 3.62 1.75 

460 0.64 6.39 3.26 

411 0.57 4.39 3.08 

431 0.60 4.60 2.57 

378 0.53 3.50 1.78 

420 0.58 5.30 3.34 

377 0.52 3.74 2.18 

406 0.56 5.64 2.87 

415 0.58 5.24 2.67 

452 0.63 4.19 2.03 

397 0.55 5.51 3.21 

1 

388 0.54 4.90 3.43 

15.00 

450 0.63 6.25 3.18 

384 0.53 4.85 2.47 

450 0.63 4.81 3.37 

414 0.58 5.75 3.49 

450 0.63 4.17 2.82 

383 0.53 3.80 2.03 

437 0.61 4.34 2.32 

860 836 1 

939 1.30 11.86 7.19 

50.00 

888 1.23 9.49 5.30 

802 1.11 9.28 4.50 

842 1.17 9.00 6.09 

860 1.19 8.53 5.38 

962 1.34 13.36 9.36 
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Table 34 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of X’fmers 
kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating (kVA) 

860 836 

 902 1.25 8.95 5.43 

 

824 1.14 11.44 6.11 

863 1.20 9.22 4.47 

828 1.15 9.58 5.58 

940 1.31 10.88 7.88 

875 1.22 11.05 6.96 

860 836 1 
947 1.32 8.77 4.47 

10.00 
897 1.25 8.90 5.19 

844 846 1 

191 0.27 2.41 1.17 

10.00 

206 0.29 2.04 1.34 

202 0.28 2.00 1.40 

202 0.28 2.00 1.02 

199 0.28 2.13 1.24 

197 0.27 1.82 0.88 

208 0.29 2.22 1.50 

208 0.29 1.93 0.98 

193 0.27 2.68 1.50 

191 0.27 1.89 1.24 

195 0.27 1.93 1.22 

197 0.27 2.49 1.39 

844 846 1 

202 0.28 2.81 1.57 

10.00 

180 0.25 1.92 1.07 

191 0.27 2.21 1.50 

217 0.30 2.74 1.40 

207 0.29 1.92 1.34 

185 0.26 1.98 1.20 

198 0.28 2.29 1.28 

184 0.26 1.83 1.24 

179 0.25 2.26 1.53 

192 0.27 2.67 1.55 

179 0.25 2.26 1.26 

209 0.29 2.42 1.41 
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Table 34 Continued 

N
o

d
e 

A
 

N
o

d
e 

B
 

# of X’fmers 
kWh per 

Customer 

Average 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kW) 

Max. 

Demand per 

Customer 

(kVAR) 

X’fmer 

Rating (kVA) 

844 846 1 

192 0.27 2.67 1.42 

10 

200 0.28 2.31 1.12 

205 0.28 2.37 1.66 

217 0.3 2.74 1.4 

204 0.28 2.36 1.71 

179 0.25 2.07 1.06 

216 0.3 2.5 1.4 

195 0.27 2.71 1.77 

205 0.28 2.37 1.55 

201 0.28 2.15 1.3 

208 0.29 2.89 1.54 
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APPENDIX B 

 

B. Multi-feeder Test System Data 

The multi-feeder test system data uses some of the data for the IEEE 34 Node 

Radial Test Feeder, which was downloaded from [59]. The spot loads on the multi-

feeder test system were maintained as they are on the IEEE 34 node Test Radial Feeder. 

The line segments lengths and configuration names also remained unaltered. Table 35 

provides the multi-feeder test system line segment data. 

 

 

 
Table 35 Multi-feeder Test System Line Segments Data  

Node A Node B Configuration Length (ft) 

800 802 300 2580 

802 806 300 1730 

806 808 300 32230 

808 810 303 5804 

808 812 300 37500 

812 814 300 29730 

814 850 301 10 

816 818 302 1710 

816 824 301 10210 

818 820 302 48150 

820 822 302 13740 

824 826 303 3030 

824 828 301 840 

828 830 301 20440 

830 854 301 520 

832 858 301 4900 

832 888 XFM-1 0 

834 860 301 2020 

834 842 301 280 

836 840 301 860 

836 862 301 280 

842 844 301 1350 

844 846 301 3640 

846 848 301 530 

850 816 301 310 

852 832 301 10 

854 856 303 23330 

854 852 301 36830 

858 864 303 1620 
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Table 35 continued 

Node A Node B Configuration Length (ft) 

858 834 301 5830 

860 836 301 2680 

862 838 304 4860 

888 890 300 10560 

 

 

 
Table 36 Multi-feeder Test System Transformer Data 

 kVA kV-high kV-low R - % X - % 

Substation: 5000 69 - D 24.9 -Gr. W 1 8 

XFM -1 500 24.9 - Gr.W 4.16 - Gr. W 1.9 4.08 

 

 

 

The impedance and susceptance of the line configurations were changed to match 

the new load ratings of the multi-feeder test system due to the secondary distribution 

loads. The following section of the appendix provides the impedance and susceptance 

matrix of the line configurations. 

 

Configuration 300 and 301 

  +     [

    .     +  1. 1      .1    +   .  1  .1    +   . 2  

 .1    +   .  1  .     +  1.     .1    +   .    

 .1    +   . 2   .1    +   .     .  1  +  1.    

]  Ω/mile 

 

(15) 

 

 

 

 

B  [

 .2      -1.    -1.2   

-1.     .    - .  1 

-1.2   - .  1  .    

]  µS/mile 

 

(16) 

 

Configuration 302 

  +     [
   1. 2 2+ 1.         

   

   

]  Ω/mile 

 

 

(17) 
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B  [
 . 1   .  . 

 .  .  . 

 .  .  . 

]  µS/mile 
(18) 

 

 

 

 

Configuration 303 and 304 

  +     [
         

 1. 2 2 +  1.     

   

]  Ω/mile 

 

 

(19) 

 

 

 

 

B  [
 .  .  . 

 .  . 1   . 

 .  .  . 

]  µS/mile 
 

(20) 
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